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1. - INTRODUCTION AND BACKGROUND 

Q. Please state your name and employment. 

A. My name is Brian P. Rounds. I am a utility analyst at the South Dakota Public Utilities 
Commission (PUC or Commission). 

Q. Provide your education and professional background. 

A. in December of 2005,l graduated magna cum laude from North Dakota State University with a 
Bachelor of Science degree in Electrical Engineering. In 2006,l worked at the South Dakota 
Department of Transportation as a Traffic Design Engineer for just over six months before taking 
my current position at the Commission. 

Q. How long have you worked for the PUC and what type of work do you do? 

A. I have worked for the Commission forjust over five years. My role as an analyst involves working 
with a variety of utility-related issues in the electric, natural gas, and telecommunications 
industries. Approximately half of my time isspent on docketed items, with the other half 
dedicated to initiatives and other non-docketed tasks. 

i have been assigned to and analyzed over seventy-five dockets. Fifteen of the dockets were 
related to utility-funded energy efficiency programs, ten evaluated the siting of major 
transmission and/or energy conversion facilities, and two examined Congressional expansions of 
PURPA. 

On the non-docketed side, I serve as South Dakota's representative for a number of 
organizations. The Midwest Renewable Energy Tracking System (M-RETS) is a regional 
renewable generation tracking system that began operating in 2007. 1 have been South Dakota's 
regulatory representative since 2006, assisting in formation of the organization and later serving 
as an officer on the M-RETS, Inc. Board of Directors. The Western lnterconnection Regional 
Advisoty Body (WIRAB) advises WECC, NERC and FERC on reliability standards under section 215 
of the Federal Power Act. I staffed Commissioner Dusty Johnson on WIRAB issues until his 
departure and was appointed by Governor Daugaard in February of 2011 as South Dakota's lone 
representative. Since 2010, I have also sewed as one of two South Dakota delegates on the 
Eastern lnterconnection States' Planning Council (EISPC), a group representing every state and 
Canadian province in the Eastern lnterconnection with a goal to evaluate transmission 
development options. Finally in 2011, I became South Dakota's only representative on the State 
Provincial Steering Committee (SPSC), a new group of regulators and Governors' representatives 
that provides input to reglonal transmission planning and analysis in the Western 
Interconnection. 

In addition to these roles, I am responsible for the Commission's annual report to the 
Legislature, summarizing utility efforts toward meeting the state's Renewable, Recycled and 
Conserved Energy Objective, and I have been involved with a number of commission initiatives, 



1 including South Dakota Energy Smart, Wind Outreach, Tower Working Group and the Wireless 

2 Initiative. 

3 Q. What has your role been for thls particular docket? 

4 A. I am assigned to this docket as a utility analyst. I participated in both formal discovery and 

5 informal conversation with the Parties. Staff's role in most dockets is to research, analyze and 

6 present a recommendation to the Commission that best serves the public interest. I believe that 

7 to be our role in this case as well. 

8 Q. Are you testifying today as an expert? 

9 A. No. I am not an expert regarding avoided cost modeling. However, due to my work reviewing 

10 utility iRPs and inputs to regional transmission plans, I am familiar with the types of inputs the 

11 Parties use in their modeling. I cannot provide the Commission with the proper model nor 

12 identify the proper avoided cost. However, i believe i can offer unbiased insight regarding the 

13 structure and inputs of the models presented by the Parties. My experience and training provide 

14 me with the background necessary to recognize potential flaws in the inputs and modeling 

15  methods. 

1 6  Q. Have you reviewed both Parties' case and testimony? 

17 A. Yes. I have also had informal discussions with both Parties in an attempt to best understand 

18 their argument and models. 

19 Q. What is the purpose of your testimony? 

20 A. My intent is to outline and deconstruct each issue in the case in order to provide the 

2 1 Commission with a recommendation. I would like to touch on the following issues: 

Definition of Avoided Cost; 
South Dakota's Renewable, Recycled and Conserved Energy Objective; 

Legally Enforceable Obligation; 
Capacity Component of Avoided Cost; 

Methods for Determining Avoided Costs; 
Oak Tree's Model; 

Northwestern's Model; and 
Other Issues. 

30 & DEFINITION OF AVOIDED COST 

31 Q. What is the deflnition of avoided cost and why is it relevant to  this docket? 

32 A. The Commission's goal in thls docket is to determine the price Northwestern must pay for Oak 

33 Tree's generatlon. That price is  known as "avoided cost!'The Commission must follow the Public 

34 . Utilities Regulatory Policy Act of 1978 (PURPA), subsequently passed changes to the federal 



code and rules that resulted therefrom. The attached Exhibit BPR-1, a publication prepared by 

The Brattle Group for the Edison Electric institute, provides history and some direction regarding 

proper implementation of PURPA. 

To help accomplish the goals of PURPA, regulations were written to acknowledge a particular 

segment of power generators. Those generators are known as Qualified Facilities (QF). OakTree 

is a QF. As a result, portions of federal regulation become relevant and dictate how the utility 
and this Commission must proceed. This dispute is specific to the cost Northwestern must pay 

for Oak Tree's generation. Northwestern does not appear to dispute Oak Tree's standing as a 

QF, nor is it disputing that it must purchase OakTree's generation. Rather, the proper "avoided 

cost" is a t  issue. 

16 USC 824 requires that the utility purchase rates (1) shall be just and reasonable to the 

consumers and In the public interest and (2) shall not discriminate against Qualified Facilities 

and (3) shall NOT provide for a rate which exceeds the incremental cost to the electric utility of 
alternative electric energy. Part (3) is known as avoided cost. FERC hasgone on to define 

avoided cost as: 

"...the incremental costs of electric energy, capacity, or both, which, but for the 

purchase from the QF, such utility would generate itself or purchase from another 

source." 

Simply, avoided cost is the cost the utility avoids when taking delivery of energy and capacity 
from the QF. 

SOUTH DAKOTA'S RENEWABLE. RECYCLED AND CONSERVED ENERGY OBJECTIVE 

Do you agree with Northwestern's position that the South Dakota Renewable, Recycled and 

Conserved Energy Objective (RRCEO) does not require the utility to  purchase wind energy? 

Yes, except in cases where wind energy is the most cost effective option. 

SDCL 49-34A-104 specifically states that "[blefore using new renewable, recycled, and 

conserved energy ... to meet the objective, the retail provider or the provider's generation 

supplier shall make an evaluation to determine if the use of new renewable, recycled, and 
conserved energy is reasonable and cost effective considering other electricity alternatives. 

After making such an evaluation and considering the state renewable, recycled, and conserved 
energy objective, the retail provider or the provider's generation supplier may use the electricity 

alternative that best meets the provider's resource or customer needs!' Thus, renewables must 

compete economicaliy with the utility's other alternatives. 

In addition, SDCL49-34A-101 states that the "objective is voluntary, and there is no penalty or 
sanction for a retail provider of electricity that fails to meet this objective!' As a result, I am 

unaware of any provision in state law that requires the utility to purchase wind energy when it is 

found to be at a higher cost than an alternative. 



What are the implications to this case? 

The RRCEO creates no obligation for Northwestern to purchase wind energy when it is priced 
above other alternatives, where "alternatives" include all generation options, renewable and 
otherwise. Any suggestion that the avoided cost should be based only on the price of alternative 
renewable options is nulliied. 

LEGALLY ENFORCEABLE OBLIGATION 

What is a Legally Enforceable Obligation (LEO)? 

FERC has held an LEO is intended to prevent a utility from circumventing its obligation to 
purchase from a QF. 18 CFR 292.304 gives a QF the option to sell generation (i) as available or to 
sell (ii) pursuant to a LEO for the delivery of energy or capacity over a specified term. If a QF 
chooses the second option, the avoided costs are calculated at the time the obligation is 
incurred, or at the time the LEO first existed. 

What effect can a LEO have? 

As stated above, the presence of an LEO creates an obligation at a point in time. At that point in 
time the utility has an obligation to purchase from the QF. The avoided cost at that point in time 
is what the utility must pay the QF for its generation. If the avoided costs change over time, an 
important factor in determining price may be when that LEO first existed. 

Who determines when or if an LEO exists at some point in  time? 

FERC has ruled it is up to states to determine the date at which a LEO is created. 

what position have the Parties taken regarding an LEO? 

Oak Tree argues an LEO was created on February 25,2011 whereas Northwestern does not 
believe one has been created at all. 

Do you believe a LEO was created in this case? 

I am not certain either way. I think the Commission would need to rule on whether OakTree 
truly obligated itself with a reasonable offer on February 25th, 2011, regardless of both Parties' 
lack of communication. As I will explain below, I am not sure a ruling is pertinent in this case, 
and in fact, Staff would prefer the Commission not make a ruling regarding the existence of a 
LEO. Staff believes it is more appropriate, if necessary, to engage in a rule making proceeding at 
which time the Commission could receive comment and encourage participation from al l  
stakeholders. 

If a LEO was created on February .?5Ih, 2011, how would that impact this case? 

In my understanding, establishing the LEO date would determine which data should be used in 
the calculation of the utility's avoided cost. 



Would the effect be significant? 

No. In Mr. LaFave's pre-filed testimony, he states that had Northwestern calculated its avoided 

cost in February of 2011, the effect would be a slightly lower price. I agree with this assessment. 

The wholesale market price of energy isgreatly correlated to the price of natural gas because it 

most often fuels the marginal generators in competitive markets. Thus, if projected natural gas 

prices had changed significantly since February of 2011, the impact on forward wholesale 
market prices would likely be significant as well. Exhibit BPR-2 is a chart of projected natural gas 

prices delivered to electric power. The data comes from the Energy information Association's 

(EIA) Annual Energy Outlook Reference Case and is the best available forecast of which I am 

aware. The EIA's projections from December 2010, April 2011 and January 2012 are very similar. 

Thus, I believe the establishment of a LEO in February of 2011 would have a negligible effect on 

the calculation of the utility's avoided cost. 

I have also included the data from the EIA's 2010 Annual Energy Outlook, released in April of 

2010 to make a separate point. Between April of 2010 and December of 2010, the EIA projection 

of technically recoverable unproved shale gas resources increased from 347 trillion cubic feet to  
827 trillion cubic feet. This substantial increase in projected supply pushed price projections 

down significantly. This is only relevant if Oak Tree's avoided cost model was developed uslng 

assumptions similar to those used in the 2OlOAnnual Energy Outlook. If Oak Tree's model relies 
on data similar to April 2010, their projection would reflect significantly higher gas prices. Mr. 

Lauckhart states in his pre-filed testimony that Oak Tree used the Black & Veatch Fall 2010 

Energy Market Forecast forthe Midwest United States. I assume this forecast used similar 
assumptions as the April 2010 Annual Energy Outlook, but given the confidential methodology 

of the Black & Veatch forecast, I cannot be certain. 

CAPACITY COMPONENT OF AVOIDED COST 

Do you believe it is appropriate to Include an avolded capacity value, as well as an avoided 

energy value in the overall avolded cost calculations? 

Yes, both avoided capacity and avoided energy values should be considered when calculating 

the overall avoided cost for negotiations with a QF under PURPA. 

Do the Parties agree an avoided capacity value should be included in the avoided cost 

calculations? 

Yes. It appears the Partles agree a capacity value should be included in payments to a QF based 

on the accredited capacity of the Oak Tree wind farm. However, the Parties seem to disagree on 

when the utility begins avoiding capacity costs. 

Should a capacity value always be included In avoided cost payments to a QF under PURPA? 



No. A utility's obligation to include an avoided capacity value in payments to a QF depends on 
the utility's need for additional capacity. in Commission Docket F-3365, Re: Cogeneration and 
Small Power Production, 50 P.U.R. 4th 621 (1982), the Commission found that capacity credits 
included in any purchase rates are to be based on capacity actually avoided. If the purchase 
does not enable a utility to avoid capacity costs, capacity credits should not be allowed. 

Do the Partles agree on the level of accredited capacity the Oak Tree Wind Farm should 
receive? 

Although the Parties take different approaches to finding the accredited capacity value of the 
OakTree Wind Farm, it appears they arrive at the same result of 20%. In its calculation of 
avoided capacityvalue, OakTree applies a flat 20% rule, in that 20% of the 19.5MW nameplate 
capacity counts towards peak capacity needs and therefore 20% of this capacity should receive a 
capacity value. Mr. Lauckhart applies this 20% accredited capacity rating based on past reports 
from the Midwest Reliability Organization. 

Northwestern seems to suggest it will follow the MIS0 method for establishing wind 
accreditation which is currently being used for the Titan I Wind Farm. The MIS0 method uses 
historical data of wind farm hourly contributions for the eight highest hourly system peak loads. 
it then averages these data points and compares them to the maximum output of the wind 
farm. When this MIS0 method is applied to the Titan I Wind Farm, it produced an average 
accredited capacity of 20%. 

DO you have an opinion on what method should be utilized to determine accredited capacity? 

At this time, the data necessary to apply the MIS0 method for establishing the accredited 
capacity of the OakTree Wind Farm is  not available as it is not in operation. However, with the 
information we currently have, it appears the Parties stand on relatively similar expectation of 
what accredited capacity may yield. Since the MiSO method is the established method used by 
Northwestern to determine accredited capacity, i see no reason why the Oak Tree Wind Farm 
should be treated differently than the existing wind resource utilized by Northwestern. This is 
especially true considering the MIS0 method may very well produce the same outcome as a flat 
20% rule. 

You stated above Oak Tree and Northwestern seem t o  disagree on when the utility begins 
avoiding capacity costs, what do you mean? 

Currently, Northwestern does not need additional capacity as its existing capacity resources are 
sufficient to satisfy all capacity needs. The capacity element should only be included in 
payments to a QF when Northwestern reaches a point when its capacity needs outweigh i ts 
capacity resources. In other words, the capacity value is zero until Northwestern is actually 
avoiding additional capacity requirements as a result of Oak Tree's accreditation. in his 
testimony Mr. Lauckhart suggests the avoided capacity value should be incorporated in 
payments to OakTree beginning in 2013. Northwestern states its capacity needs are met 



through 2015, so no capacity will be avoided and no avoided capacity value should apply until 

2016. 

What is the underlying basis for the Parties positlons for when the avoided capacity value 

should apply? 

OakTree's position is based on a snapshot of Northwestern's capacity needs as it appeared on 

February 25, 2011. Mr. Lauckhart points out that Northwestern had not commenced 

construction of the Aberdeen gas turbine at this point and Oak Tree would have displaced 

capacity had Northwestern not installed this gas turbine. OakTree asserts it established a LEO 

on February 25th and the capacity needs of Northwestern should be assessed as of that date. 

Northwestern argues although construction of the Aberdeen gas turbine did not begin until 

September 2011, it gained board approval in 2008 and the turbine was identified in the 2008 

and 2010 ten-year biennial updates. As such, it appears to me Northwestern is suggesting, 
because the gas turbine has been a planned resource addition since 2008 and it was public 

knowledge, the precise construction date should not be decisive. Further, Northwestern does 

not believe a LEO exists. As a result, historical capacity decisions are irrelevant. 

Do you have an opinion on when Northwestern will begin avoiding capacity costs as a result 
\ 

of Oak Tree's production? 

Yes. I agree with the position taken by NorthWestern.The Aberdeen gas plant appears to have 

been considered and approved years before the LEO was or was not created. With the inclusion 

of this plant, Northwestern begins needing capacity in 2016. In his testimony, Mr. Lauckhart 
expresses his opinion that because the capacity avoided costs for Oak Tree are so low in the 

next few years, the removal of 2-3 years of capacity will have a negligible impact on the avoided 

cost over the 20-year life of the Oak Tree PPA. As such, the issue seems of little concern to 

either party and the avoided capacity value should be included a t  the beginning of 2016. 

How would you describe the impact of capacity value on the overall avoided cost calculation? 

In this case, capacity value seems to account for little of the overall avoided cost calculation. 

While Northwestern did not provide a specific capacity value estimate, I find it unlikely that 

Northwestern would propose a higher capacity value than provided for in Mr. Laickhart's 
Exhibit 3. As such, his data would seem to represent a ceiling for capacity value estimates in this 
case. Therefore, we can use Mr. Lauckhart's data in Exhibit 3 to estimate overall capacity value 

by comparing the Parties' positlons regarding the date of capacity need. Using Mr. Lauckhart's 

Exhibit 3, the total value of the offered capacity is $1,842,652. This is approximately 1.3% of 

their projected totalvalue of energy and capacity. If a capacity value were compared to energy 
output, and assigned a per MWh value, that would be approximately $1.2O/MWh. This energy 

value calculation is helpful because OakTree bundles the value of energy and capacity to create 
one levelized payment in their model. Similarly, if one were to use Northwestern's projection o f  

capacity need beginning in 2016, the total projected value of the offered capacity is $1,623,059. 



1 ' This is approximately 1.1% of the projected total value of energy and capacity, and 
2 approximately $1.06/MWh when compared to energy output. Therefore, the disagreement 
3 regarding when Northwestern will begin avoiding capacity costs will only shift the final levelized 
4 cost about $0.14/MWh. When comparing the Impact of capacity value to energy value, it 

5 appears that capacity values have little to do with the final overall avoided cost. 

7 Q. How is a utility's avoided cost determined? 

8 A. There are a number of ways to determine a utility's avoided cost. I am familiar with the five 
9 methods Mr. LaFave refers to in his pre-filed testimony. I also agree with his assessment of each 

10 method. 

In many states, a specific method is adopted as a statewide standard. In South Dakota, no 
method has been adopted, nor would it be appropriate to do so. Although some methods may 
be more accurate than others, each utility in South Dakota is unique in its resource planning 
methods. Xcel Energy, for instance, is a large utility, is heavily integrated with the Midwest 
Independent Transmission System Operator (MISO), and has strict integrated resource planning 
requirements in Minnesota. Other utilities, like Northwestern, are smaller, disconnected from 
open markets, and require generation and transmission upgrades in much longer intervals. 
ldeally, the Differential Revenue Requirement Method would give the best estimation of 
avoided cost. In this method, the QF is treated as a negative load, and the utility's revenue 
requirement is calculated with and without the added load. The resulting difference in revenue 
requirements is the literal definition of the utility's avoided cost. Unfortunately, this preferred 
method requires the utility to use a veryexpensive and complex expansion planning model. The 
cost would be difficult to justify for a utility like Northwestern. Consequently, Staff prefers 
Northwestern's method and believes it is the alternative method that most closely estimates 
the utility's avoided cost. 

26 OAKTREE'SMODEL 

27 Q. What does Oak Tree believe the proper avoided cost to  be? 

28 A. Oak Tree offered a price to Northwestern starting at $54.50/MWh. The offer increases over the 

29 twenty year contract term to $87.13/MWh by the year 2031. However, Mr. Lauckhart also 

30 provided testimony that he used two different methods to determine avoided cost, resulting in 

31 avoided costs of $70.81/MWh and $78.92/MWh levelized over 20 years. 

32 Q. Please provide a summary of the methodology Oak Tree used in determining Northwestern's 

33 avoided cost. 

34 A. OakTree appears to use two methods: the Proxy Unit method and the Market Estimate method, 
35 which it refers to as the "green value" and "brownvalue" methods, respectively. I will address 



each separately, focusing mainly on the avoided energy cost, as the capacity cost has already 
been discussed above and is less contentious. 

The Proxy Unit method determines a "green value" cost by estimating the cost Northwestern 
would incur to build, own and operate the proposed project, usingsome projections from a 

filing Northwestern made in Montana. As I mentioned in my testimony regarding the RRCEO, 

Northwestern does not have an express need for renewable energy, so the method fails to 
identify alternative generation options and their costs. Further, the Proxy Unit is a poor 
estimation of the costs Northwestern wiii avoid by taking power from the QF. There is little 
correlation between the cost of the project and its value to Northwestern, 

The Market Estimate method determines a "brown value" avoided cost by estimating the cost of 
replacing the QF's projected output with spot market energy. The spot market price forecast 
comes from Biack & Veatch's confidential model, so i have no way of disputing their calculation, 
however, the resulting prices seem very high. For instance, Mr. Lauckhart's model predicts per 
MWh prices of $32.73 in 2012, $35.76 in 2013, $40.85 in 2014, $44.86 in 2015 and $60.26 in 
2016. These are increases of 9.2%, 14.2%, 9.8% and 34.3%, respectively. Following 2016, 
increases slow to between 2% and 4%, but the price has already been set quite high. It should 
be made clear that these are not just average market prices, they are the prices Black & Veatch 
predicts will be realized during times of the project will begenerating. I think a very important 
point is missed here: when OakTree is generating, so wiii most of the other wind turbines in 
South Dakota. i t  is hard to believe spot market prices in South Dakota will be that high when 
there is a glut of wind generation unable to cross transmission constraints to the east. i don't 
believe Biack & Veatch's forecast predicts this correlation, making it artificially high. Also, as I 
previously mentioned, I think the forecast used higher, outdated natural gas prices, which also 
pushed the price higher. Finally, this method assumes that Northwestern would avoid making 
spot market purchases for every unit the QF outputs. However, according to Mr. Green's 
testimony, Northwestern is not purchasing energy on the spot market a majority of the time. 

NORTHWESTERN'S MODEL 

What does Northwestern believe the proper avoided cost to  be? 

Mr. LaFave provides a 20-year levelized avoided cost of $ 3 5 . 8 5 / ~ ~ h .  

Please provide a summary of the methodology Northwestern used in determining its avoided 
cost. 

Northwestern used a hybrid of the Component/Peaker and Market Estimates methods. The 
hybrid method takes into account the fact the utility's avoided cost changes depending on its 
ability to meet demand with its own generation. The model considers the following conditions: 



1. North Western is meeting load without market purchases. 
During the hours the QF is producing, it is paid the incremental generation cost equal to  
Northwestern's most expensive plant online at that time. 

2. Northwestern is buying more spot market energy than the QF is producing. 
Similar to Mr. Lauckhart's "brown value" avoided cost, the QF is paid market prices, but 
using Northwestern's significantly lower market price projection. 

3. North Western is buying spot market energy, but not as much os the QF is producing. 
The QF is paid market prices for the portion that avoids market purchases and incremental 
generation costs for the portion that avoids baseload energy. 

The end result is a model that closely estimates the utility'sactual avoided cost and should 
make ratepayers indifferent to whether the QF sells energy to Northwestern. Of course, this 
assumes that the market price forecast is accurate. 

Although I think Northwestern's model is the most accurate, I have concerns with the market 
price forecast developed by Mr. Lewis. The forecast creates a fairly loose connection to 
Northwestern's expected market prices for the next five years using data from a Minnesota 
MISO hub, the Cynergy MIS0 hub and forward natural gas prices at AECO in Canada. The final 
fifteen years are simply scaled using an escalation rate based on past GDP. I would prefer some 
discussion of what fundamentals WAPA's market prices are based upon, be it the MIS0 market, 
excess hydro generation, or purchases across the intertie from the Western Interconnection. 
To be fair, Black & Veatch's model could be based on the same loose connections, but their 
methodology is confidential, so I am unable to make a similar judgment. 

OTHER ISSUES 

What other issues would you like to address? 

First, a consideration and thus a factor in Oak Tree's avoided cost price model is the cost of 
carbon. Oak Tree assumes a price on COz emissions will significantly Increase the cost of energy. 
While this may eventually happen, determining this prlce is very speculative and difficult to 
model with any accuracy. 

Second, Staff notes Northwestern did not include EPA regulatory impacts in their model. 
Although the Black & Veatch model is proprietary, I assume the approximate 34% increase in 
spot market prices between 2015 and 2016 to be Black & Veatch's opinion of the result of such 
rules. In MISO's EPA Impact Analysis, attached hereto as Exhibit BPR-3, MIS0 estimates an 
increase of between 7% and 7.6% to retail rates. In additlon, much of those projected increases 
are the result of the capital costs of control equipment and replacement capacity, neither of 
which will be avoided by purchasingfrom the QF. I believe spot market prices will still continue 
to be largely determined by natural gas generation. Consequently, although the EPA rules will 
likely have a significant effect on the retail price of power, spot market prices and the utility's 
avoided cost will be less affected. Although the Impact of the EPA's rules should be considered 
in determining Northwestern's avoided cost, Oak Tree's estimate seems quite high. 



1 X. CONCLUSION 

2 Q. Does this conclude your testimony? 

3 A. Yes. 
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I: INTRODUCTION AND OVERVIEW 
The Energy Policy Act of 2005 (EPAct 2005) contains several provisions that direct regulators to encourage 
or offer incentives for particular kinds of generation development. In particular, it supports the development 
of small, onsite renewable generation by requiring electric utilities to purchase excess electricity produced 
by onsite generators. It also includes provisions advocating diversity of a utility's supply portfolio. Such 
policies presumably are intended to overcome imperfections in the choices that market participants otherwise 
would make, though this concern is not fully articulated, nor are the recommended policies framed with any 
guidelines as to how far and how fast to go in these directions. 

While it is certainly plausible that some regulatory fine-tuning of the electricity markets may be desirable, 
it is also quite important that this be done carefully. The electric utility industry has been down a similar 
road before, with less than universally acclaimed success, under market circumstances that bear an eerie 
resemblance to the current situation. In the late 1970s, there was increasing frustration with the capacity 
choices and costs associated with the generation expansion plans of many utilities, as nuclear plants expected 
to be inexpensive were proving to be just the opposite. Concomitantly, the price of oil was quite high, 
pursuant to Middle East disruptions and terrorism, and the domestic supply of natural gas was thought to be 
inadequate (largely due to prior controls that suppressed its price relative to its energy-equivalent value). In 
this context, a sweeping new regulatory policy-the Public Utility Regulatory Policies Act of 1978 
(PURPA)-was introduced to try to encourage more efficient generation development. This report reviews 
the history of how PURPA was implemented and how it performed, as a cautionary note about maintaining 
control over how well-intended regulatory interventions are set in motion. As explained further below, the 
report's key focuses are on how the avoided cost pricing standards of PURPA were set and on how the scope 
of the program was (or, more accurately, was not) kept in line with assumptions that originally motivated it. 

Under Section 210 of PURPA, electric utilities were required to purchase energy offered by Qualifying 
Facilities (QFs), defined as cogenerators (generating units that simultaneously produce electricity and steam) 
and small power producers (maximum size of 80 MW that use a waste or renewable energy source as their 
primary fuel input). The statute requires utilities to purchase electric energy from QFs at rates that are just 
and reasonable to consumers and which reflect the incremental cost that the utility would have incurred to 
generate or purchase the energy supplied by the QF. The Federal Energy Regulatory Commission (FERC or 
Commission) subsequently issued regulations requiring utilities to purchase QF energy and capacity at rates 
equal to the utility's avoided cost, defined as the incremental energy and capacity cost the utility would have 
incurred but for the purchase from the QF. FERC's regulations were appealed and ultimately upheld by the 
U.S. Supreme Court. 

The ensuing supply of QF capacity in the 1 9 8 0 s 4 v e r  20,000 MW of QF capacity was built and put into 
operation-greatly exceeded expectations.' In some regions of the U.S., QFs became a significant, and in 
some cases the primary, supplier of incremental generation capacity. This growth in QF capacity was not 
without controversy, particularly with respect to the prices that QFs received for their power. Utilities and 
others argued that some states-intentionally or inadvertently-set utility purchase rates at levels well in 
excess of avoided cost. These excessive rates effectively subsidized QFs, attracting entry in excess of system 
needs, and forced retail customers to pay too much, sometimes far too much, for the QF output. In some 
cases, utilities also were required to buy more QF capacity than was needed to reliably serve load in their 

' 1988 Capacity and Generation ofNon-Utility Sources of Energy (Edison Electric Institute, April 1990), Table 29. 
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service territory. Problems with administrative determinations of avoided cost, coupled with the abundance 
of offered QF supply, persuaded some states to procure incremental QF capacity through a competitive 
procurement process. By the early 1990s, approximately 10 states had or were using some type of bidding 
mechanism to determine avoided costs and the QF projects that would be eligible for long-term contracts. 

Concerns about methods for setting avoided cost payments to QFs largely were superseded starting in the 
mid-1990s by state interest in retail competition and restructuring. Indeed, restructuring itself may have been 
partly induced or encouraged by the sometimes imbalanced and uneconomic results of PURPA. There is a 
strong correlation between the states with the largest PURPA supply and their early pursuit of retail access. 
It was widely agreed that the mandatory purchase obligation was not sustainable in a competitive retail 
market, because the local utility would no longer have the obligation to serve, at least not as that obligation 
traditionally was defined, and would not have a captive customer base to which it could pass through the cost 
of QF purchases. Moreover, in a competitive market with open transmission access, the local utility was no 
longer the "monopoly" buyer for QF power-QFs potentially could market their power to many wholesale 
andlor retail customers. As a result, in the mid-to-late 1990s, there was discussion of eliminating the must- 
buy obligation and possibly replacing it with targeted incentives for renewable generation. Such a recasting 
of PURPA was common in the proposed federal energy legislation of that era. 

There has been a retrenchment in retail restructuring, largely in reaction to the Western U.S. power crisis of 
2000-2001. A portion of the U.S. has open retail markets, while the majority of the country does not. This 
"split" industry structure (though not always thriving) of rate-regulated monopoly service providers and open 
retail markets is likely to persist for the foreseeable future. Recognition of this split industry structure figured 
prominently in the provisions of EPAct 2005 that modify Section 210 of PURPA. Section 1253 of EPAct 

! 2005 eliminates a utility's requirement to purchase QF power, but only if the utility demonstrates that QFs 
can sell their power in a competitive wholesale market for energy and capacity. If such a demonstration 

2 cannot be made, the mandatory purchase provisions of Section 210 of PURPA continue as before. Thus, it 
appears that in some states and regions electric utilities will continue to be obligated to purchase power from 
QFs at avoided cost rates. Such rates typically will be determined using a methodology (or competitive 
procurement process) specified by the utility's state regulators. 

The purpose of the balance of this report is to review the methods used in the past by state regulators to 
determine a utility's avoided costs and to identify the conceptual and practical problems associated with 
some of these methods. This report does not delve into other controversial issues associated with QFs, such 
as QF efficiency standards and stand-by rates for QF purchases from utilities. After considering the 
conceptual strengths and weaknesses of commonly used methods of setting avoided cost, we will identify 
specific examples of mistakes made in the setting of avoided cost and the resulting cost and other impacts 
for utilities and their customers. In reaction to these mistakes, some state regulators adjusted their methods 
of setting avoided cost to prevent such overpayments in the future. We will discuss these "lessons learned" 
and provide recommendations as to how state regulators and utilities can minimize, if not entirely eliminate, 
problems with the measurement of avoided cost in the future. We also will note new products and other 
changes in today's wholesale power markets that provide useful benchmarks for avoided cost. 

The report also examines the appropriate method of setting credits for net metering service. Many states 
require their utilities to offer such service, which is provided to retail customers who have small, onsite 
renewable generators that at times generate more electricity than the customer needs to serve its own 
requirements. Under net metering, the customer receives a credit for excess generation sold to the utility. 
As we will explain, these credits should be based on the utility's avoided costs, but some states are providing 
credits that over-compensate onsite generators for the power they sell to utilities. Appropriate compensation 
for energy provided by net metering customers also will require the use of advanced "smart" meters that 
track the time electricity is used and produced. 
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The report concludes with a brief discussion of peak demand reduction programs, which also are encouraged 
by EPAct 2005. Such programs provide large commercial and industrial customers credits in return for 
agreeing to curtail all or a significant portion of their load up to several times a year when requested to do so 
by the utility or system operator. Curtailable demand provides the utility or system operator with a resource 
to help balance supply and demand during system emergencies and can reduce a utility's installed generation 
capacity requirement. However, as with PURPA avoided cost pricing, care must be taken to ensure that 
credits provided to such customers accurately reflect the capacity and operating costs actually avoided by the 
utility as a result of the peak load reductions. In addition, to be eligible for credits, peak load reductions need 
to be measurable and verifiable. 
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II: DEFINITIONS OF AVOIDED COST 
The enactment of PURPA was designed to further three fundamental goals: (1) conserve electric energy, 
(2) increase utility efficiency, and (3) achieve equitable rates for consumers. To help achieve these goals, 
Congress created a favored class of power generators known as Qualifying Facilities (QFs). These generators 
were exempted from much of the financial and rate regulation that applied to electric utilities. For example, 
QFs were exempt from the Public Utility Holding Company Act of 1935. In addition, neither state 
commissions nor FERC were allowed to review the books of QFs to determine their cost of service. 

Section 210(b) of PURPA requires electric utilities to offer to purchase electric energy from QFs at rates that 
are: ( I )  just and reasonable to the electricity consumers and in the public interest, (2) non-discriminatory 
with respect to QFs, and (3) not in excess of the incremental cost to the electric utility of alternative electric 
energy. Section 210(d) of PURPA defines the incremental cost of alternative energy as "the cost to the 
electric utility of the electric energy which but for the purchase from such cogenerator or small power 
producer, such utility would generate or purchase itself from another source." 

FERC issued regulations implementing PURPA in February 1980. The Commission's rules provided that the 
just and reasonable rate for purchases from a QF should be equal to the utility's full avoided cost, which 
FERC defined as "the incremental costs of electric energy, capacity, or both, which, but for the purchase 
from the QF, such utility would generate itself or purchase from another source." Some parties urged FERC 
to set purchase rates at something less than the utility's full avoided cost, so that utility customers would 
receive a financial benefit from QF purchases. However, FERC rejected rate designs, such as a "split-the- 
savings" rate (i.e., a rate roughly between the utility's avoided cost and the QF's incremental cost) that 
provided a QF with payments less than the utility's avoided cost. FERC reasoned that the customer benefit 
from a split-the-savings rate would be small, whereas payments equal to full avoided cost could provide a 
significant incentive for the development of QF technologies. In addition, FERC concluded that split-the- 
savings or similar rates would require a determination of the QF's costs of production, which was 
inconsistent with the legislative intent to exempt QFs from cost-of-service regulation. At the same time, 
FERC emphasized that nothing in its regulations required a utility to pay more than its avoided cost for a 
purchase. 

FERC's regulations defined avoided cost generically and provided states and utilities with considerable 
flexibility in calculating avoided cost. While the Commission did not prescribe or endorse one or more 
specific approaches for determining avoided cost, it did offer the following guidance to the states: 

Utilities can be required to pay QFs for the "capacity value" of their projects only when the 
availability of such capacity allows the utility to reduce its own capacity-related costs by deferring 
construction of new plant or by deferring commitments to firm power purchase contracts. 

The avoided capacity and energy costs used to calculate QF purchase rates must be internally 
consistent. For example, to use the high capacity cost of a deferred baseload unit and the high energy 
cost of a peaking unit would exceed the utility's true avoided costs. To avoid this problem, FERC 
required that data on the expected energy cost of the planned new capacity be considered in the 
formulation of avoided cost rates. 

Even if the purchasing utility has excess capacity, a QF should always be entitled to energy payments 
except during times when the utility actually would incur higher costs (i.e., negative avoided costs) 
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as a result of purchasing from a QF because such purchases would cause the utility to operate an 
existing plant at a lower and less efficient level. 

Rates for QF purchases may be levelized over the life of a fixed-term contract rather than set equal 
to the utility's avoided costs at the time of delivery. Rates may be negotiated at levels below full 
avoided costs if the QF agrees to the arrangement, presumably in return for some contractual 
provisions not mandated under the applicable rules in that jurisdiction. 

The FERC rules also provided a list of factors that should be taken into account when calculating the energy 
and capacity elements of avoided cost rates: 

The utility's ability to dispatch the QF 

QF reliability 

Duration and enforceability of a utility's contract with a Q F  

Ability to schedule QF outages in coordination with the utility 

Usefulness of QF production during system emergencies 

= Aggregate value of a QF's capacity and energy on a utility's system 

Smaller capacity increments and shorter lead time availability with QF capacity 

The relationship between a QF's production and a utility's ability to actually avoid costs 

Costs or savings from changes in line losses as a result of purchases from QFs 
& a' 

Another notable aspect ofthe Commission's regulations was that they permitted (but did not require) utilities 
to offer QFs long-term contracts based on projections of the utility's avoided costs. That is, at the option of 
the QF, purchase rates could be based on the utility's avoided costs at the time of delivery or its avoided 
costs calculated at the time the obligation is incurred (i.e., at the time a long-term contract is executed). 
FERC recognized that setting fixed, long-term payments based upon estimates of avoided cost could result 
in ratepayers making payments far in excess of their utility's actual avoided costs but reasoned that this risk 
should be roughly symmetrical and that, over time, "overestimations" and "underestimations" of avoided 
cost would balance out. In addition, FERC asserted that PURPA did not intend to require that rates 
established in long-term contracts be checked on a minute-by-minute basis against actual avoided costs. 
As we explain later, fixed-price, long-term contracts were at the core of much of the subsequent controversy 
surrounding PURPA and avoided cost pricing. 

The Commission's regulations also required the states to establish "standardized" tariffs or rates for facilities 
with an installed capacity of 100 kW or less. FERC feared that the transaction costs associated with 
negotiating a project-specific rate could make a very small generation project financially untenable. Thus, 
standard offer rates were seen as a means of facilitating the development of very small QFs by giving them 
a published, "set" price that they could use to evaluate the economics of their project. Some states, however, 
extended the concept of standard offer rates to much larger facilities, in some cases with disastrous results. 
Moreover, these standard rates were set and maintained with no consideration of how many QF suppliers 
might take advantage of them-even though an excessive number would drive down the costs being avoided 
by the utility buyer. 
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Several aspects ofthe Commission's regulations were challenged by utilities in the U.S. Court of Appeals for 
the D.C. Circuit in American Electric Power vs. FERC.I In that case, the D.C. Circuit reversed and remanded 
the Commission's avoided cost rule on the ground that the Commission had not adequately justified the rule 
with specific reference to the statutory mandate requiring that rates paid to QFs must be just and reasonable 
and in the public interest. The court concluded that the benefits of QFs should be shared between project 
developers and the utility's customers. 

The U.S. Supreme Court, however, subsequently reversed the D.C. Circuit in American Paper Institute vs. 
m, holding that the Commission had adequately explained its reasons for setting purchase rates at full 
avoided cost, had not unreasonably interpreted the statute, had adequately considered the interests of electric 
consumers, and, in general, had not acted unreasonably.' The Supreme Court based its decision primarily on 
the PURPA objective of encouraging cogeneration and small power production. It stated in its finding: "At 
this early stage in the implementation of PURPA, it was reasonable for the Commission to prescribe the 
maximum rate authorized by Congress and thereby provide the maximum incentive for the development of 
cogeneration and small power production."' 

Relatively little QF development took place in the early 1980s as states, QFs and utilities waited to see how 
the legal challenges to FERC's PURPA regulations would play out. Once the Supreme Court issued its 
decision upholding the Commission's regulations, states began to move forward with their own regulations 
and, in some cases, their own PURPA statutes. These are discussed in the next section. 

American Electric Power Service COT. vs. FERC, 675 F.2d 1226 (1982), rev'd American Paper Institute vs. AEP, 
461 U.S. 402,103 S. Ct. 1921 (1982). 
American Paper Institute vs. AEP, 461 U.S. 402, 103 S. Ct. 1921 (1982). 
Ibid., at 1930. 
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Ill: METHODS USED TO DETERMINE AVOIDED COST 
States took advantage of the ample flexibility afforded them under FERC's PURPA regulations and 
proceeded to establish many different methods of calculating avoided costs for the purpose of setting Q F  . 
purchase rates. Perhaps the only common thread in these initial state methods for determining avoided cost 
was that all involved an administrative determination of avoided cost. That is, avoided cost was determined 
based on utility- or state-developed projections of the utility's incremental energy and capacity costs. 
Requests for Proposals (RFPs) or competitive procurement were not used initially to determine avoided 
costs. The absence of competitive procurement is not surprising because, at this time, vertically integrated 
utilities generally self-provided their own generating capacity. 

In some cases, states established different methods to calculate short-term avoided costs and long-term 
avoided costs. Payments based on a utility's short-term avoided cost typically were provided to QFs that sold 
energy on a non-firm or "as available" basis. Examples of such QFs include some renewable generators that 
sold power on an intermittent basis and cogenerators that used most of their electricity output to serve a host 
industrial or commercial load. Short-term avoided cost payments for "as available" energy typically were 
based on the utility's incremental or marginal cost of energy, calculated variously on an ex ante or expost 
basis. Some utilities set short-term avoided costs equal to their system lambda. Other utilities that were 
members of centrally dispatched power pools, such as the PJM Interconnection, set short-run avoided cost 
payments equal to the pool's hourly billing rate, typically a split-the-savings rate. Another approach involved 
the use of production cost models to estimate the utility's marginal energy cost for every hour in a forecast 
period. Avoided cost payments based on some measure of the utility's actual short-term incremental costs 
generally were not controversial because such payments, in theory, reflected the utility's actual avoided cost 
at the time the QF energy was purchased. 

However, QFs desiring to sell most if not all of their electrical output to the local utility typically sought 
long-term contracts with fixed rates because such contracts were necessary to finance the project. QF 
projects usually were heavily debt-leveraged and could only obtain such financing ifthey had a stable, long- 
term revenue stream to back their loans. A fixed-price, long-term power sale contract with the local utility 
gave QFs the stable revenue source they needed to obtain project financing. Such contracts effectively 
transferred the financial risk of the QF project to the utility. Of course, fixed-price contracts raised the 
possibility that QFs would receive payments that could deviate significantly from the utility's avoided cost at 
any given time, but contracts with such terms were viewed as necessary to foster the growth of QFs. 

Long-term contracts with fixed or pre-specified prices required long-term estimates of avoided cost. A 
variety of methods was used to develop such estimates, including: (1) the proxy unit or committed unit 
approach, (2) the component or "peaker" approach, (3) differential revenue requirement, (4) variants of these 
methods including expansion planning (generation resource plan) approaches, and (5) standard offers. Some 
of these approaches were relatively simple to implement whereas others required an extensive amount of 
data and modeling. Following is a brief description of each of these approaches. 

Proxy or Committed Unit Method 

The proxy or committed unit approach assumes that a QF enables a utility to delay or displace its next 
planned generating unit. As a result, the utility's avoided costs are based on the projected capacity and 
energy costs of this next planned generating unit. The proxy unit's estimated fixed costs set the avoided 
capacity cost and its estimated variable costs set the avoided energy cost. The capacity costs are annualized 
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over the expected life of the generating facility to yield an annual capacity cost per kW. A fixed charge rate 
reflecting, among other factors, the utility's debt and equity costs and tax burden often is used to annualize 
the capacity costs. 

This approach does not require the use of production cost or other models because avoided costs are unit- 
specific and do not depend on the utility's system marginal energy cost at any given time. The proxy unit 
approach should, however, account for any differences in the in-service date of the QF and of the proxy unit. 
This was typically done either by not providing the QF a capacity payment until the time the proxy unit 
would have come on line or by discounting the lump sum present value of the capacity payments at the time 
value of money so that customers (in theory) would be financially indifferent between the two payment 
streams. 

The proxy unit typically is the next identified generating unit in the utility's integrated resource plan. In some 
cases, state regulators (e.g., in Florida) established a generic, state-wide "proxy" unit that each of the state's 
jurisdictional utilities was required to use as the basis for setting its avoided costs. 

ComponentlPeaker Method 

Under this approach, avoided costs are estimated as the annual equivalent of the utility's least-cost capacity 
option (as a capacity payment) and marginal energy costs in each year of the contract (as an energy 
payment). This method assumes that the QF output displaces the marginal, or most expensive, generation 
source on the utility's system at any given time for the duration of the contract. Capacity payments are 
provided only if the utility needs capacity and are set equal to the lowest-cost capacity option available to the 
utility, typically a peaking unit (e.g., combustion turbine). Hence, the component method assumes that the 

- -utility's long-term avoided cost is its projected system marginal cost of energy in any given hour (which 
could be from coal units off peak and oil units on peak) plus the fixed cost of a peaking unit. Note that this 
method does not calculate avoided cost based on the expected cost of a planned generation unit in the 
utility's resource plan. This method instead assumes that a QF, rather than displacing or delaying the need 
for a particular generating unit, allows the utility to reduce the marginal generation on its system and to avoid 
building a combustion turbine of the same size as the QF. Rather than assuming that the QF can help avoid a 
new utility-owned generating unit, this approach, according to an advocate, seeks to answer the question: 
What is the QF capacity worth in hours when the utility is short on capacity?' 

This approach is fairly data-intensive, as it requires the use of a production cost simulation model to estimate 
the utility's system marginal energy costs with and without the QF in its resource portfolio. Through such 
modeling, detailed, time-differentiated avoided energy and capacity costs are developed for each year of the 
QF contract term. 

Differential Revenue Requirement Method 

The differential revenue requirement approach assumes an amount of QF capacity operating with given 
characteristics and calculates the utility's total generation cost (revenue requirement) with and without that 
QF capacity over a period of years, assuming that the QF energy and capacity are free. This "free" QF output 
reduces the utility's revenue requirement. The present value of the difference in total generation costs 
between the two cases is the lump sum of avoided cost for the hypothetical block of QF power. 

Parmesano, Hethie. Avoided Cost Payments to Qualifying Facilities: Debate Goes On, Public Utilities Fortnightly, 
September 17, 1987, pp. 34-39. 

- - 
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The differential revenue requirement method requires the use of two types of models. A planning expansion 
model is used to develop generation expansion plans both with and without the estimated QF output. The 
resulting two expansion plans then are used as inputs to a financial planning model that yields the utility's 
projected revenue requirement both with and without the QF output (assuming that the QFs are a "free" 
resource). The difference in the present value revenue requirements o f  these two expansion plans is the 
avoided revenue requirement made possible by the expected QF output. This avoided revenue requirement 
includes avoided energy and capacity costs as well as other factors (e.g., taxes). 

The lump sum avoided revenue requirement often is transformed into a time-differentiated energy and 
capacity payment. This method differs from the component approach in that it uses models to simultaneously 
calculate both the energy and capacity cost (if any) avoided by the utility. The energy component may also 
be shaped over time in an administered fashion, which may differ from its pattern in a production costing 
analysis. 

Other Methods 

Variants of the above three methods were also used. For example, another method known as the expansion 
planning approach was used in some jurisdictions. This approach was a hybrid of the proxy unit and 
differential revenue requirement approaches: A planning model was used to establish a utility's expansion 
plan with and without an assumed amount of QF output. However, instead of using a financial model to 
determine revenue requirements, the differences in costs resulting from the planning model were used to set 
avoided costs. Another method was the "average incremental cost" method in which avoided cost was set 
equal to the average capacity and energy costs of the entire set of generating units or capacity upgrades 
included in the utility's long-term resource plan. As in the proxy unit method, the average incremental cost 
per kW of all of the utility's proposed capacity additions was annualized through use of a fixed charge rate. 

Standard Offer 

"Standard offer" describes a type of avoided cost payment rather than a method of calculating avoided cost. 
Standard offer refers to a fixed-price offer made available to a certain class or size of QFs. All QFs that meet 
the criteria for the standard offer can sell power for this rate. For example, if the standard offer rate was 
6 centslkwh, this means that all QFs eligible for the standard offer rate could receive 6 centslkwh for all 
power sold to the local utility. While standard offer rates should, in theory, be based on a utility's avoided 
cost, they tended to reflect a generic, and in some cases a state-wide, measure of avoided cost. In contrast, 
the differential revenue requirement and the component method calculate a "customized" avoided cost for 
a QF or a block of QF capacity. 

Strengths and Weaknesses of These Approaches 

The three methods described above-the proxy unit approach, the component approach, and the differential 
revenue requirement-were the primary methods used by states to determine a utility's long-term avoided 
costs, at least prior to the advent of competitive procurement. All of these methods, if properly applied, can 
produce reasonable estimates of avoided cost. Of the three, the proxy unit method departs the most from a 
"theoretical ideal" of long-term marginal cost. One potential problem with the proxy unit approach is that it 
may not accurately reflect the utility's next planned unit, although this problem should be avoided if the 
identification of the proxy unit is tied to the utility's current integrated resource plan. But even assuming this 
condition is met, there remains the problem that, under its simpler applications, the proxy unit approach 
assumes that the output from a QF will be sufficient to permit the displacement o f  a baseload unit. For some 
utilities and QFs, this would be an unrealistic prospect. This method also ignores the timing of power 
deliveries from QFs and their effect on avoided energy costs. Finally, the use of estimated costs from a 
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specific baseload plant does not provide for a reoptimization of the utility system based on the output of 
the QFs. 

The differential revenue requirement and component methods are more sophisticated and conceptually 
correct ways o f  determining long-term marginal cost, relative to the proxy unit method. However, these 
methods rely on relatively complex modeling tools to determine costs and/or revenue, and this complexity 
makes them somewhat problematic, especially for state commissions that do not have access to or knowledge 
of such models. Avoided cost calculations become a "black box" to regulators, QFs, consumer groups and 
other market participants without access to or knowledge ofthe necessary models. This lack of transparency 
and inability to verify the model's inputs, structure and results could engender distrust of the utility's 
estimates. As with all aspects of price regulation, avoided cost determinations involve a trade-off between 
theoretical accuracy and practicality. 

There are other issues associated with the differential revenue requirement and component methods, apart 
from modeling complexity. The former measures avoided costs only insofar as they affect the utility's 
revenue requirement. The danger is that factors that are unrelated to actual avoided cost may influence the 
calculation. For example, if the utility's allowed return on equity is lower than the cost of raising new funds, 
the differential revenue requirement method may systematically understate the avoided capacity costs made 
possible by purchases from QF capacity." key assumption underlying the component method is that the 
utility already has the "optimal" resource mix, which is not likely to be true much of the time and certainly 
will not be true for the entire duration of a long-term power purchase from a QF. Some also view the 
component method as a short-term method rather than a long-term method, because it assumes that the 
QF is perpetually the marginal resource on the utility's system. 

More important, regardless of their conceptual elegance or lack thereof, all long-term estimates of avoided 
cost are critically dependent on underlying assumptions about fuel costs, demand growth, financing costs, 
labor and material costs, and permitting and siting costs, among other factors. Any long-term avoided cost -- 
forecast made in the mid-1980s, regardless of its analytical rigor or conceptual elegance, almost certainly 
would have overstated a utility's avoided costs in the 1990-1995 period because natural gas and oil prices 
during that era turned out to be far lower than projected in the mid-1980s vintage forecasts. In fact, the proxy 
unit method, if the proxy unit were assumed to be a coal-fired plant, would have been less sensitive to 
erroneous fuel price projections than the component method or the differential revenue requirement method, 
which base their avoided cost calculations in large part on projections of the utility's marginal energy cost. 
But all long-run estimates of avoided cost will be prone to forecast error regardless of the method used. Such 
error is inevitable; the only question is the significance and direction of the error over time. 

In the mid-1980s, the error turned out to be very large and positive, i.e., with projected long-run avoided 
costs far in excess of realized avoided costs. There were at least three reasons for this error. First, PURPA 
was ushered in following the oil embargoes of 1973 and 1979, and in the midst of a period of very high, 
seemingly entrenched inflation. As a result, long-run projections assumed oil prices of $100/barrel, and 
borrowing costs of 10% or more per year. Fear of "running out" of oil (and natural gas) led to unduly 
pessimistic forecasts. Second, natural gas, which proved to be the primary fuel of choice for cogeneration 
QFs, and natural gas-fired generation technology, became extremely inexpensive by the mid-to-late 1980s, 
thanks in part to previous unduly high administrative estimates of gas development costs made in 
conjunction with the Natural Gas Policy Act of 1978. Overestimates of the prices needed to encourage gas 

Robert Bums, William Pollard, Timothy Pryor and Lynne Pike. The Appropriateness and Feasibility of Various 
Methods ofCalculating Avoided Costs, National Regulatory Research Institute, June 1982, p. 95. 
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development led to a huge "boom" in supply and a resulting collapse in prices. This in turn sparked much 
more development of gas-fired QFs, which drove down their capital costs significantly. Third, the 
endogeneity of the QF supply and long-run avoided cost (LRAC) pricing was not recognized. LRAC prices 
were estimated based on marginal expansion requirements, when often a much larger quantity of QF 
resources was offered than had been analyzed. An excess pool of QFs drove down the utility's marginal 
energy costs (since QFs were must-run, i.e., dispatched out of merit order) and eliminated or deferred 
capacity needs for much longer than was assumed in LRAC calculations. Relatedly, the financial assurances 
provided to QFs to help them obtain the aforementioned debt financing meant that their revenues and profits 
were much more assured than the utility's own capital recovery. So, an excessive rate of return was 
implicitly granted to the QFs, again encouraging over-development. 

We once again are in an era of rising fuel prices, so today's long-term projections of avoided cost may impart 
a sense of d6jA vu and fear of "running out" (e.g., the "peak oil" theory) to those who prepared or reviewed 
avoided cost calculations in the 1980s. The next chapter discusses and highlights some of the mistakes made 
during the 1980s and the resulting costs that were imposed on utility ratepayers. 

Bidding 

Starting in the late 1980s, some states replaced or supplemented their administrative determinations of 
avoided cost with RFPs or bidding mechanisms. These bidding mechanisms were adopted, in part, to find 
the most economical QFs to fill the utility's energy and capacity needs. Many utilities and states found an 
abundance of QF capacity willing to sell power at the utility's full avoided cost. Indeed, the capacity offered 
by QFs often was 10-20 times greater than the utility's capacity requirements.' To determine which QFs 
should receive long-term contracts with the utility, competitive procurement processes were sometimes 
established to rank the interested QFs in terms of price and other criteria. Given the difficulties associated 
with administrative determinations of avoided cost and the operating and planning problems associated with 
large-scale uncontrolled QF development, competitive bidding appeared to be a more efficient way to 
encourage Q F  electricity supply that is better matched to power system requirements. 

Bidding systems varied fairly widely among states and utilities. The most fundamental distinction involved 
the scoring and ranking of projects. At one extreme, some utilities adopted "self-scoring" systems that 
provided bidders with explicit evaluation sheets where each relevant feature under consideration received 
a specified number of points depending on the project characteristics. Bidders added up their own scores 
and the utility verified the data and selected winners based on the highest scores. At the other extreme, 
some utilities only revealed the bid criteria in general terms. In these systems, the rank of any bid cannot 
be verified after the fact, and the utility possesses information about the evaluation process that the bidders 
do not. This latter approach affords more flexibility to the utility but is less transparent than self-scoring 
systems.' 

E.P. Kahn, C.A. Goldman, S. Stoft and D. Berman. Evaluation Methods in Competitive Bidding for 
Electric Power, Lawrence Berkeley Laboratory, June 1989, LBL-26924, p. 2-3. 
Ibid., ex sum. 
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IV: LIMITATIONS OF ADMINISTRATIVE APPROACHES 
AND ABUSES IN THE SETTING OF AVOIDED COST 
PAYMENTS 
Errors in the estimation of long-run avoided costs are inevitable. However, as PURPA was implemented by 
state regulators in the 1980s, a combination of questionable methods of setting avoided cost andlor poor 
application of these methods led to excessive avoided cost payments and forced utilities to buy QF capacity 
even when the utilities did not require more capacity. In addition, excessive, non-dispatchable QF output 
created operating problems for some utilities. Many complaints about PURPA's implementation were raised 
by electric utilities and others. These complaints can be grouped into six broad categories: (1) Deliberately 
setting rates above those permitted under FERC's regulations (i.e., above full avoided cost); (2) requiring the 
payment of capacity costs even though the utility does not need capacity and does not avoid any capacity 
costs; (3) placing no limit on the amount of QF capacity that could receive standard offer rates; (4) requiring 
utilities to sign long-term contracts at fixed rates based on long-term estimates of avoided cost; (5) making 
general errors in avoided cost methodology, such as the inclusion of sunk costs or failure to consider 
avoidable power purchases; and (6) requiring utilities to pay the same rate to all QFs, regardless of 
differences in the QFs themselves. Following is a discussion of these issues, including "real world" examples 
as described by electric utilities in comments submitted to FERC in 1987 in one of four regional conferences 
held that year by the Commission on PURPA and related topics (FERC Docket No. RM87-12-000).g 

Intentionally Setting Rates Above Avoided Cost 

A few states deliberately set rates above the utility's full avoided cost. Some states that did this believed that 
they had authority to do so under the FERC regulations. A few states passed laws that authorized purchase 
rates above full avoided cost. Perhaps the best known example of this is New York State. The New York 
state legislature enacted a law that provided that electric utilities must enter into long-term contracts to 
purchase electricity from QFs. The sales price was to be established by the New York Public Service 
Commission (NYPSC), but the legislation set a minimum price of 6 cents1kWh. This 6-cent price per k w h  
was applied irrespective ofthe avoided costs of the individual New York utilities or their need for additional 
capacity. In comments submitted in response to FERC's 1987 conferences on PURPA, one New York 
electric utility, Consolidated Edison Co. of New York (ConEd), pointed out that the NYPSC had determined 
that New York did not need capacity until 1999. Thus, the 6 centslkwh minimum price created excess 
capacity that was not needed. ConEd further noted that in 1986 its avoided costs were slightly more than 
3 centslkwh, so it was paying QFs a rate well above its avoided costs. Other New York utilities raised 
similar objections to the 6 centslkwh minimum rate in their comments to FERC. For example, Orange and 
Rockland Utilities asserted that it was paying QFs 6 cents1kWh even though its avoided costs in 1987 were 
3.4 centslkWh and were not projected to reach 6 centslkwh until after 1995. 

In her comments to FERC, Anne Mead, the chair of the NYPSC, conceded that all of the state's utilities 
had avoided costs below 6 centslkwh and thus were providing a near-term subsidy to QF developers. 

These conferences helped establish the record for the FERC's subsequent Notices of Proposed Rulemaking on 
Avoided Cost Pricing and Bidding issued March 16, 1988. 
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Nevertheless, she asserted that New York's law had spurred QF development without causing substantial 
increases in rates. 

Requiring Capacity Cost Payments Even Though the Utility Does Not Need New Capacity 

For various reasons, utilities either were forced to accept new QF capacity that they did not need or more 
capacity than they needed. The most noteworthy example of the latter phenomenon was standard offer rates 
that placed no quantity limit on the amount of QF capacity that could sell power under the rate. This issue 
will be examined in the next section. In some cases, utilities were forced to accept capacity that they did not 
need because avoided cost rates based on long-term projections of marginal energy costs, which assumed 
significant increases in fuel costs, were sufficient to spur significant QF development. For example, in its 
comments to FERC, Pennsylvania Power & Light (PP&L) noted that it was forced to purchase the output of 
more than 500 MW from QFs despite the fact that the Pennsylvania Public Utility Commission determined, 
in 1985, that PP&L had 945 MW of excess generating capacity and, as a result, was denied full cost recovery 
for its Susquehanna 2 nuclear generating unit. Pacific Gas and Electric (PG&E) commented that in California 
QFs received a capacity payment even if the utility's resource plan did not have any identified need for 
additional capacity to meet load growth and maintain its target level of reliability. The California Public 
Utilities Commission (CPUC) reasoned that an additional generating unit always makes some contribution 
to reliability and therefore should receive a capacity payment. As a result, QFs received a capacity payment 
purportedly reflecting their incremental contribution to system reliability even though PG&E was not 
avoiding any capacity costs as a result of the purchase. As was noted above, the 6 centsikWh minimum 
price in New York forced that state's utilities to buy capacity that they did not need. 

Standard Offer Rates Without Quantity Limits 

As noted above, FERC's regulations required that standard offer rates be made available to small QFs 
with an installed capacity of 100 kW or less. FERC's primary rationale for this provision was to reduce 
transaction costs for very small generation projects by giving them a posted, "no hassle" rate at which they 
could sell power to the local utility. The Commission's regulations did not, however, proscribe states from 
providing standard offer rates to larger QFs if they chose to do so. Some states decided to make generous 
standard offer rates available to a wide class of QFs, with the result that utilities were swamped with QF 
capacity. 

California's experience with various standard offer rates is "Exhibit A" as to what can go wrong with 
making such rates widely available and not capping the amount of QF capacity eligible to sell under these 
rates. During the 1980s, California made several standard offer rates available to different types of QFs. The 
most notorious standard offer, and the one with the greatest financial impact on the state's utilities and their 
customers, was Standard Offer 4 (S04). This standard offer was made available in September 1983 but, after 
fostering a huge amount of QF capacity, it was suspended in April 1985. SO4 provided for fixed energy 
payments for 10 years and fixed capacity payments for 10-30 years. Neither the energy nor the capacity 
payment was subject to any after-the-fact adjustment in the event that actual avoided costs deviated 
significantly from the projections. QFs had the choice of receiving either the forecast energy price for each 
year of the contract or a levelized forecast price. These energy payments were established at a time of high 
oil and natural gas prices and forecasts that assumed that the price ofthose fuels would increase significantly. 
Moreover, because the CPUC was unsure of the response to the S04, no limit was placed on contract 
availability. The extended availability and open-ended nature of SO4 implied (incorrectly) that there was 
no limit on the amount of capacity needed by California's utilities.'" 

'O The standard offers, like other CPUC regulations, applied only to the state's investor-owned utilities 
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In their comments to FERC, California's utilities complained that SO4 and California's other standard offers 
had forced them to purchase too much QF capacity at too high a price. For example, Southern California 
Edison (SCE) explained that the state's utilities had 16,000 MW of QF capacity under contract, with 7,000 
MW of that capacity purchased by SCE. Slightly less than 2,000 MW of this total were operational at the 
time. SCE noted that if just half of the remaining QF capacity were built (approximately 2,500 MW), it 
would have no need for additional capacity for another 10 years. Approximately 3,700 MW ofthe 7,000 MW 
were under fixed-price contracts with prices well in excess of avoided cost. SCE estimated that by 1990, total 
payments to QFs would be about $1.4 billion per year, with more than $300 million ofthis total in excess of 
avoided cost. 

Similarly, PG&E noted that it had purchased 5,625 MW of QF capacity under SO4 contracts and that the 
capacity prices under those contracts were well above PG&E's actual avoided costs. PG&E also claimed that 
its annual overpayments to SO4 QFs for energy alone were projected to be approximately $467 million in 
1990 and close to $5 billion over the 10-year, fixed-price period. The company's total QF overpayments by 
1990 were projected to be $857 million, which would force PG&E to raise its retail electric rates by at least 
7%. In addition, PG&E cited a 1986 report prepared by the California Energy Commission (CEC) that 
showed that, largely as a result of the QF purchases, the supply of generating capacity in PG&E's service 
area would exceed demand until the late 1990s. The state's other major investor-owned utility, San Diego 
Gas & Electric, raised many of the same points as SCE and PG&E in its comments critiquing SO4 and 
California's overall approach to setting avoided cost rates. 

Long-term Contracts with Fixed Rates 

Long-term estimates of avoided or marginal costs are inherently subject to error. In the preamble to its 
PURPA regulations, FERC argued, in supporting the provision that allowed avoided costs to be established 
at the time the purchase obligation was incurred, that over time, overestimates and underestimates of avoided 
cost would tend to cancel out. Experience with PURPA suggested that this was not likely to be the case. As 
noted above, mid-1980s vintage oil and natural gas price forecasts, almost without exception, significantly 
overstated actual oil and natural gas prices during the 1990s. Hence, mid-1980s vintage long-term PURPA 
contracts with fixed payments were likely to overstate a utility's actual avoided costs. Long-term contracts 
based on the estimated cost of a baseload coal plant also were likely to overstate a utility's avoided cost 
during the 1990s because, during that decade, most of the new generating capacity built was gas-fired 
generation, given the (then) low natural gas prices and efficiency (heat rate) improvements in gas-fired ' 

generating technologies. In 1987, many utilities argued that long-term avoided cost payments were likely 
to vary far from their actual avoided costs for the foreseeable future. 

Some utilities, e.g., Houston Lighting & Power (HL&P), argued that there should be periodic after-the-fact 
adjustments of capacity and energy payments under long-term contracts to account for changes in avoided 
costs. HL&P asserted that, based on its 1987 projection of avoided costs, its long-term contracts with QFs 
were expected to result in overpayments to cogenerators of more than $500 million-$750 million over the 
period 1987-1995. The American Paper Institute, however, argued that such "reopening" of long-term 
contracts was contrary to FERC's PURPA regulations and would make it impossible to finance their 
projects. While many complaints were made about long-term contracts, there was no resolution as to how 
to better manage or mitigate the risk associated with such contracts. There is no doubt, however, that utility 
customers typically bore the risk of long-term contracts with prices above actual avoided cost. 

A related concern with long-term contracts was the fact that these contracts tended to be front-loaded, which 
meant that prices in the early years of the contract were above the utility's projected avoided cost. In theory, 
the above-cost payments in the early years of the contract were offset by payments below projected avoided 
cost in the later years of the contract. QFs sought such contracts because they helped them obtain financing, 
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and FERC's regulations specifically permitted long-term contracts with levelized rates. Some argued that 
there was an "inter-generational equity" issue associated with such contracts, because today's ratepayers 
were paying for projects that would only provide customer benefits-in terms of prices at or below full 
avoided cost-many years in the future. Others pointed out that since QFs did not have an obligation to 
serve, the QF could earn its return in the early years of the project and shut down the project before its 
contract expired, thus depriving utility customers of the opportunity to recoup their earlier overpayment to 
the QF. We did not find data on how often such situations ultimately occurred (e.g., a QF voluntarily retired 
prior to the end of its contract but after it had recouped its investment through a front-loaded contract), but 
this was a risk associated with front-loaded contracts. 

General Errors in Avoided Cost Methodology 

This is a catch-all category that includes a variety of problems. For example, some utilities were required 
to include sunk costs in their avoided cost payments, which was erroneous because sunk costs by definition 
cannot be avoided. Another problem was the identification of an incorrect or "phantom" proxy unit in some 
of the states that used this method. Another problem was the failure to consider avoidable or available firm 
power purchases in the calculation of avoided cost. For example, in its comments to FERC, Sierra Pacific 
Power stated that, in 1986, the Public Utilities Commission of Nevada (PUCN) established a long-term 
avoided cost rate of 6.3 centskWh. At the time the PUCN established this long-term avoided cost, Sierra's 
next planned capacity addition was a firm power purchase from a Northwest utility at a cost starting at 
2.6 cents/kWh and escalating to 5.3 centsikWh in 1992. 

Paying the Same Rate to QFs, Regardless of Their Characteristics 

There is both an operational and a financial element to this issue. The operational issue primarily arose from 
the fact that most QFs (except for resources with inherently intermittent production, like wind-powered 
generators) preferred to be operated as baseload, "must run" resources. These included fossil-fueled 
cogenerators and stand-alone small power producers that relied on biomass, coal waste, and municipal waste 
as their fuel input. As QF capacity became a more significant presence in utility generation portfolios, the 
lack of dispatchability or operating flexibility became an important operational concern for utilities, 
especially with respect to minimum load conditions. The growth in must-run Q F  supply started to force 
some utilities to cycle inexpensive baseload generation during low-load hours. This, of course, was directly 
inefficient, and it also would generally imply that estimated avoided energy costs would be overstated. For 
example, HL&P noted that QFs generally do not follow the utility's load pattern. As a result, HL&P asserted 
that in 1986 it was forced to back down its baseload coal and lignite units-the equivalent of approximately 
1.37 million barrels of oil-to accept gas-fired cogeneration. Large, baseload units generally are designed to 
run at full or close to full output, so utilities sometimes incur a "negative" avoided cost by backing down 
such units; that is, the cost of cycling such units exceeds the energy costs saved by running such units at a 
lower level of output. Many utilities, including HL&P, urged FERC to modify its regulations to state that 
utilities do not have to purchase QF energy when doing so would force the utility to reduce its low-cost 
baseload generation. 

Operational inflexibility in QFs raised concerns apart from minimum load conditions. PG&E explained that 
California's standard offer contracts did not afford much operational flexibility to the purchasing utility. 
With the exception of the requirement that scheduled maintenance be done during the non-peak season, the 
timing and magnitude of power deliveries from QFs under the standard offers in effect in California were 
outside the control of the utility. As the CEC noted, if more extensive curtailment or dispatch provisions had 
been included in the QF contract offers, a better match with the operational needs of the existing generation 
system would have occurred. 

-- - - 
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A related problem cited by many utilities was the fact that the operating characteristics of QF capacity 
sometimes did not meet the utility's needs. For example, must-run QF capacity generally would not be a 
good fit for a utility that needed intermediate or peaking capacity. Adding must-run QF capacity to a system 
that needed peaking capacity created the potential for the minimum run problems cited above. 

In addition, on the financial side, avoided cost rates ofien tended to be the same regardless of the QF's 
operating characteristics. Thus, an inflexible QF generally received the same rate as a QF that was 
dispatchable or which was more willing to shut down during minimum load hours. Inflexible QFs were 
overpaid relative to flexible QFs since avoided cost rates often did not distinguish between technologies 
and did not account for the costs of cycling baseload generators. 

Conclusions and Lessons Learned 

While the particulars of each utility's situation differed, by the mid-1980s there was legitimate concern and 
much anecdotal evidence that some utilities were (1) paying too much for QF energy and capacity, andlor 
(2) buying too much of it. The reasons for this undesirable result varied; in some cases it was widely 
available standard offers with no volume limits, in other cases it was long-term avoided cost projections 
pegged to forecasts of oil and natural gas prices. In other cases, states forced utilities to use an expensive 
baseload unit as the proxy or committed unit when cheaper power purchase or other resource alternatives 
were available. Some states, such as New York, explicitly required above-cost QF payments as a means 
of spurring QF development. Of course, the factors cited above are not mutually exclusive; in some cases 
it was a combination of high fuel price forecasts, standard offers, and other questionable assumptions that 
created a "perfect storm" of excessive QF payments. 

That said, we have not studied and make no claims about the magnitude or prevalence of QF overpayments 
across the U.S. and we are not aware of any recent studies that measure this. This is an inherently difficult 
task, given the vagaries of QF contracts. Moreover, measures of "excess" QF payments will fluctuate with 
changes in market prices and utility avoided costs and thus will be very sensitive to wholesale market prices 
and projections of such prices when such a study is done. The comments and figures cited above were done 
largely for context and to explain the concerns that utilities and others had in the mid-1980s. We cited 1987- 
vintage estimates of excessive avoided cost payments not because we believe that these estimates turned out 
to be correct-though they may well have been given the low wholesale power prices that prevailed during 
much ofthe 1990s-but because we wanted to highlight the potential financial and other impacts associated 
with questionable methods of setting avoided cost. These estimates show that the aggregate financial impact 
associated with QF contracts was not trivial. 

It is hard to generalize as to what the "lessons learned" were from this collective experience with avoided 
cost pricing. The principle response to these problems, though it was by no means universal, was the 
implementation of competitive procurement. These bidding mechanisms addressed many of the problems 
cited above. For example, competitive solicitations usually cite the amount of capacity that the utility needs 
or desires to purchase. They often distinguish QFs by operating characteristics, and give QFs with 
operational and other characteristics desired by the utility a higher score, everything else being equal. They 
also establish a quasi-market process to set avoided cost and explicitly allow utilities to consider potential 
purchases (e.g., purchases from QFs) in the determination of avoided cost. Of course, bidding mechanisms 
still can yield long-term, fixed-price contracts that prove to be above "market" or "full avoided cost." Other 
mechanisms, such as financial risk management products, can be used to reduce the risk associated with 
long-term contracts. But prior to the industry disruption caused by retail competition and restructuring, 
competitive procurement of QF capacity was exhibiting promise as a means of correcting some of the 
problems associated with administrative determinations of avoided cost. 
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V: FERC'S MIDSTREAM EVALUATION: 
THE 1988 NOPRS 
In response to comments received at the 1987 PURPA conferences and other developments occurring in 
wholesale power markets, FERC issued three related and significant Notices of Proposed Rulemaking 
(NOPRs) on March 16, 1988. One NOPR (RM88-6) was known as the avoided cost NOPR, and it proposed 
some changes to the Commission's regulations governing QFs and the calculation of avoided cost. The 
second NOPR (RM88-5), which was known as the bidding NOPR, stated that bidding was permitted under 
FERC's PURPA regulations and was a legal means of determining a utility's avoided cost. The bidding 
NOPR did not prescribe a specific methodology that states were required to use but did provide fairly 
extensive guidelines and conditions for states to follow in establishing bidding mechanisms. The third 
NOPR (RM88-4) proposed rules and guidelines for a new class of generators known as Independent Power 
Producers (IPPs). As envisioned by FERC, IPPs would be largely deregulated generators that would sell 
power to wholesale buyers at market-based rates. Utilities would not, however, be obligated to purchase 
power from IPPs. Nor would IPPs be subject to any size, ownership or technological limitations. 

These NOPRs moved to be verv controversial and were never implemented by FERC. Despite this, a review 
of the avoided cost and b i d d i n g ~ ~ ~ ~ s  is useful because these NOPRS reflecied FERC's thinking at the time 
as to what "mid-course" corrections were needed with respect to its PURPA regulations and the states' 
implementation of PURPA. Moreover, since some of the policies embedded within the three NOPRs were 
implemented by FERC on a case-by-case basis, it would be incorrect to conclude that these NOPRs had no 
impact on subsequent state actions and policies. The bidding NOPR, for example, gave states a clear signal 
that they were allowed to use bidding mechanisms if they wanted to do so. 

Avoided Cost NOPR (RM88-6) 

The avoided cost NOPR proposed a "fine tuning" rather than a major rewriting of the Commission's 
PURPA regulations. The Commission reaffirmed the avoided cost standard as the appropriate basis for 
determining rates for purchases from QFs and said that states should continue to have primary responsibility 
for implementation of the avoided cost standard. However, FERC concluded that additional guidance with 
respect to the determination of avoided cost was warranted. In particular, the Commission proposed the 
following changes or clarifications to the determination of avoided cost: 

States would have to explicitly consider the quantity and characteristics of a utility's energy or 
capacity needs, and the QF's ability to meet those needs, when determining an avoided cost rate. 
Specifically, states would have to consider three factors in determining the utility's avoided capacity 
costs, namely: (1) the utility's energy or capacity needs (both the quantity and characteristics o f  the 
power needed), (2) the energy or capacity offered by the QF, and (3) the compatibility between the 
qualitative characteristics of the utility's identified energy or capacity needs and the characteristics 
of the QF. 

States would he encouraged, but not required, to redetermine a utility's avoided cost whenever it 
became clear that the amount of capacity offered by QFs could exceed the utility's needs. Such 
redeterminations of a utility's avoided cost would become effective only on a prospective basis 
and would not affect contracts already executed. 
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Capacity payments via standard offer rates would not be permitted once the purchasing utility's 
capacity needs were satisfied. 

In a clarification, determinations of avoided cost would have to take into account the availability 
of purchases from other wholesale sources. 

The effect of the QF's source of fuel on the utility's overall long-term risk would have to be 
considered in the determination of avoided cost. 

In a reaffirmation, QFs could receive long-term, fixed-price contracts based on projections of the 
utility's avoided cost that may differ from avoided costs at the time of delivery, but only if certain 
conditions were met. For example, the rates could not result in payments in excess of avoided costs 
as calculated at the time the obligation was incurred. In addition, the contract rates must take into 
account the time value of money, the QF's financing needs, and any inter-generational inequities 
that may result from the difference between the rates paid to the QF and the avoided cost at the 
time of  delivery. 

Thus FERC, while reaffirming the avoided cost standard, clearly was concerned about (I) utilities purchasing 
capacity that they did not need (or more capacity than they needed), (2) mismatches between a utility's 
energy and capacity needs and the type of energy and capacity provided by QFs, (3) rates exceeding avoided 
cost, and (4) the potential risks and inequities associated with long-term, fixed-price contracts based on long- 
term projections of avoided cost. The proposals described above were designed to address these and other 
concerns. At the same time, FERC was loath to tinker too extensively with its regulations, because it viewed 

. the full avoided cost standard as fundamentally sound and consistent with economical QF development if 
implemented properly. In addition, the Commission probably did not want to take actions that would 
significantly jeopardize the development of the fledgling QF sector. For example, the Commission spent 
several pages discussing the potential problems with long-term, fixed-price contracts but ultimately 
suggested only minor changes to its regulations to address these concerns. While the Commission recognized 
the potential risks of long-term contracts, it also was cognizant of the QF industry's argument that such 
contracts were essential for project financing. Thus, the Commission chose not to restrict or prohibit 
such contracts. 

Bidding NOPR (RM88.5) 

The Commission concluded that bidding addressed many of the problems associated with administratively 
determined measures of avoided cost and had the potential to eliminate the debates over what alternative 
sources of supply are truly avoided by utility purchases from QFs. Therefore, the Commission proposed to 
amend its regulations to establish conditions and provide specific guidance to state regulators on the use of 
bidding programs to set avoided costs. The proposed rule sanctioned the use of bidding as a procedure for 
purchasing electricity from QFs. 

FERC viewed bidding as not in conflict with the full avoided cost standard but rather as an alternative 
approach by which utilities could determine their full avoided cost. The Commission reasoned that bidding 
would enable utilities to discover the lowest price at which they could purchase alternative energy from 
another sourceand thus more accurately define their avoided or incremental cost. This, in turn, would 
eliminate inadvertent subsidization of QFs by electricity consumers. FERC further concluded that bidding 
among QFs was likely to generate savings by improving the incentives for efficient cogeneration and small 
power production, thereby encouraging the most efficient QFs. That is, bidding would reward QFs that could 
produce power more efficiently and therefore at a lower cost. 
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While the Commission did not mandate a specific bidding method, it did set forth several criteria and 
conditions that needed to be met for a bid to be acceptable under the proposed regulations. One condition 
was that all sources-QFs, utility self-supply, purchases from other utilities and IPPs etc.- be taken into 
account in the bidding process. FERC believed that this "all source" approach was needed to ensure that a 
QF received a price less than or equal to the utility's avoided cost. FERC similarly concluded that a portion 
ofthe utility's capacity needs should not be reserved for specific suppliers or otherwise exempted from QF 
offers. FERC also proposed that bidding mechanisms consider non-price criteria, such as fuel diversity, 
dispatchability and reliability. The Commission's proposed regulations also provided guidance with respect 
to the bid solicitation and selection process. States would have been required to certify the bid selection as a 
condition for the use of bidding to price QF power. 

Apart from the requirement for all-source bidding, the state bidding programs of the late 1980s appear to 
have been generally consistent with the Commission's proposed criteria. Bids typically included non-price 
criteria, such as fuel diversity, environmental impacts, system operational features and development risk. In 
addition, QFs usually were permitted to bid on all of the utility's identified capacity needs and the selection 
process was reviewed by state regulators. 
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VI: AVOIDED COST IN TODAY'S POWER MARKETS 
The 2005 Modifications of PURPA and Related Market-tuning Policies 

On August 8,2005, the Energy Policy Act of 2005 (EPAct 2005) was signed into law. Section 1253(a) of 
EPAct 2005 adds a new Section 210(m) to PURPA that provides for termination of an electric utility's 
obligation to purchase energy and capacity from QFs if the Commission finds that certain conditions are met. 
Specifically, the obligation to purchase QF power is waived if FERC finds that a QF has non-discriminatory 
access to: 

1. Independently administered, auction-based day-ahead and real-time wholesale markets for the sale 
of electric energy; and wholesale markets for long-term sales of capacity and electric energy; or 

2. Transmission and interconnection services that are provided by a Commission-approved regional 
transmission entity and administered pursuant to an open access transmission tariff that affords 
non-discriminatory treatment to all customers; and competitive wholesale markets that provide a 
meaningful opportunity to sell capacity, including long-term and short-term sales, and electric 
energy, including long-term, short-term and real-time sales, to buyers other than the utility to which 
the QF is interconnected. In determining whether a meaningful opportunity to sell exists, the 
Commission shall consider, among other factors, evidence oftransactions within the relevant market; 
or 

3. Wholesale markets for the sale of capacity and electric energy that are, at a minimum, of comparable 
quality as markets described in the previous subsections. 

On January 19,2006, the Commission issued a NOPR to implement this provision of EPAct 2005. In the 
NOPR, FERC made a preliminary finding that QFs interconnected with utilities that are members of the 
Midwest Independent System Operator (ISO), PJM, IS0  New England (ISO-NE), and the New York 
Independent System Operator (NYISO) have non-discriminatory access to such wholesale markets and that 
those markets satisfy the statutory criteria for removing the obligation of those electric utilities to enter into 
new contracts or obligations with QFs. For all other utilities, the Commission proposes to determine on a 
case-by-case basis whether a given utility meets the statutory requirements for relief from its purchase 
obligation. This means that the Commission will need to determine whether other U.S. wholesale power 
markets, including non-regional transmission organization (RTO) and non-auction-based markets, meet the 
statutory criteria for waiver of the purchase obligation. 

It is possible that some and perhaps even a significant number of utilities will receive a waiver from the QF 
ourchase obligation in the next few years, apart from those utilities that are members of the Midwest ISO, 
PJM, ISO-N< or NYISO. ~ o w e v e i  on the^assumption that some utilities will continue to be subject to the 
purchase obligation for the foreseeable future, the remainder of this chapter considers the calculation of 
avoided cost in today's power markets. 

In addition to these refinements to PURPA eligibility, EPAct 2005 also introduced diversity and efficiency ' 

standards into the regulatory toolkit. Specifically: 

Diversity is encouraged in Section 1251, which directs electric utilities to develop plans to minimize 
dependence on a single fuel source and to ensure that the energy they sell is generated by a diverse 
set of fuels and technologies, including renewable technologies. 
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1 
Section 125 1 also directs each electric utility to develop and implement a plan to increase the 
efficiency of its fossil fuel generation. 

These diversity and efficiency policies are themselves broad enough to benefit from more detailed 
discussion. Their relevance to the current discussion is that these market-tuning mechanisms appear to be 
part of a cluster of policies aimed at giving state regulators more control over the capacity choices and 
operating policies of their utilities. This cluster includes the renewal of avoided cost pricing for net metering. 

At a very general level, there are three lessons that can be gleaned from the history of PURPA in the 1980s 
and 1990s that apply to all of the current market-tuning goals: 

1. Recognize that the market will change, both on its own and in reaction to the policies that have 
been introduced. Accordingly, static, fixed rules of regulatory constraints or incentives on capacity 
planning and operations are strongly at risk of becoming ineffective or even counterproductive, 
thanks to the "law of unintended consequences." One manifestation of this for PURPA was that 
realized marginal costs proved to be much lower than had been anticipated, resulting in significant, 
undue costs to customers. 

2. Be m a r e  of existing or potential jurisdictional conjicts, or conflicts with other economically 
importantpractices of the industy. This was a problem for PURPA when avoided cost pricing rules 
were approved that conflicted with existing practices for predicting and observing such costs over 
time. Looking forward, all of the EPAct 2005 ideas discussed herein have strong interactions with 
RTO practices, which organizations generally have dispatch procedures, marginal cost pricing 

. , 
practices (such as locational marginal prices [LMPs] for energy and installed capacity [ICAP] prices 

., for capacity) as well as capacity adequacy and (partial) siting-approval responsibilities. State policies 
. . should be compatible with and informed by such rules, or they will lead to unplanned inefficiencies 

and perhaps financial risks. 
~. 
. ~ 

SF : 3. Place some kind of "governor"finctions on how far and how fast new policies are pursued. 
PURPA led to QF entry that sometimes vastly exceeded needs, and which undermined the marginal 
cost assumptions that originally justified the policies. Just as an unlimited amount of QFs is not a 
good thing, diversity is not per se desirable. It would be easy to pursue diversity that would cost 
much more than it is worth. It should be used as a risk management tool only to the extent that a 

, specific, measurable goal for risk reduction has been defined, can be shown to be well served by 
diversity (as opposed to other means, such as hedging), and will be monitored to see when it is 
satisfied. 

The balance o f  this report explores these principles more narrowly in the context of avoided cost pricing, 
net metering, and customer load reduction credits. 

Major Uncertainties in Today's Wholesale Power Markets 

Many of the issues surrounding avoided cost calculations have not changed significantly over the past 15 
years. There still is much uncertainty in estimating long-term avoided costs, due to uncertainties regarding 
fuel and purchased power costs, environmental regulation and associated compliance costs, load growth, and 
construction costs, among other factors. If anything, there arguably is more uncertainty today than in the past 
because of: (1) volatility in wholesale power prices, which, generally speaking, is much greater today than it 
was in the 1980s; (2) evolving wholesale market designs and market rules, particularly with respect to 
capacity markets and market mitigation mechanisms; (3) the impact of "seams" between markets; and (4) 
uncertainty regarding the obligation to serve in states with fully or partially open retail markets but little 
actual retail shopping. For example, the pattern and magnitude of investment in new generation capacity 
undoubtedly will be affected by rules governing capacity markets and the mechanisms available to 
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generators to recover the cost of their investments. Generation investment, particularly in peaking capacity, 
also will be significantly affected by the market mitigation rules and price caps imposed by FERC. 

Other market developments, however, should help facilitate the calculation of avoided costs. Certain price 
benchmarks are available today that were not available in the 1980s. A primary example is the forward price 
quotes provided by brokers and other financial firms. Forward price quotes are available for virtually all 
regions in the U.S., though the trading of such products is more active in some regions (generally RTO 
markets) than in others. While such quotes usually go out only for two to three years, they at least provide a 
benchmark for relatively near-term estimates of avoided cost. Indeed, it may be appropriate to only make 
regulatory promises for avoided cost prices over horizons that correspond to what can be observed in the 
markets, as the lack of trading for more remote years is partly a reflection of risk and reluctance to rely on 
counterparties for long horizons. Other market benchmarks include the multiyear, firm price contracts signed 
in response to solicitations to serve a utility's standard offer or provider of last resort service. While such 
contracts factor in risks unrelated to avoided costs, such as the volume risk associated with customer 
shopping, they provide a reasonably good estimate of the near-term forward price associated with serving 
most customer load in a particular service area. 

In addition, financial hedges and other risk management tools are more available today than in the past. For 
example, options contracts provide utilities, power traders and others a means to hedge themselves against 
large spikes in fuel or power prices. A utility could include the price of such hedges in its calculation of 
avoided cost. The price of such hedges would help bound the uncertainty associated with volatile fuel costs. 

Today's market participants also are more familiar with the use of buyout/buydown clauses and other means 
of allowing purchasers and sellers to get out of bad deals. Such provisions started to be used more widely in 
the 1990s. For example, some utilities have placed such provisions in their power supply contracts with QFs 
or IPPs so that they can "buy out" the generator before it comes on line if market price movements make the 
contract unfavorable for the buyer. 

The upshot is that while wholesale market prices are more volatile today than in the 1980s, various tools and 
products are available to help manage this risk and to place a financial bound on the cost associated with 
such risks. Moreover, forward-price benchmarks that did not exist in the 1980s are now available. These 
products should help improve the accuracy of near-term estimates of avoided cost. Long-term contracts of 
10 years or more will continue to entail significant risks that will be difficult to hedge or mitigate. 
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VII: NET METERING 
Net metering is a simplified method of metering the energy consumed and produced at a home or business 
that has its own onsite energy generator, such as a small wind turbine or photovoltaic (PV) or solar thermal 
electric device. Small onsite generators also are known as distributed generation (DG). These generators are 
owned and operated by retail customers and are used to meet a portion of the customers' demand or to 
provide backup service for customers that need highly reliable power. Other examples of DG include backup 
generators at hospitals and combined heat and power systems in industrial plants. The Energy Information 
Administration (EIA) projects that 5.5 gigawatts (GW) of DG, or slightly less than 2 percent of all new 
generating capacity, will be installed over the next 25 years." 

Under net metering, excess electricity produced by the onsite generator will spin the customer's meter 
"backwards" such that the customer is a net seller of electricity to the local utility at such times. Many states 
have implemented net metering programs to encourage the use of small, renewable energy systems. 
Approximately 40 states have adopted some form of net metering law for small wind and/or photovoltaic 
technologies whereby the customer receives a credit for excess power sold to the utility." While most state 
net metering programs are open to all retail customers, some states restrict eligibility to particular customer 
classes. Customer participation in net metering programs has grown significantly. In 2004, a total of 15,286 
customers was in net metering programs-a 132 percent increase from 2003. Residential customers 
accounted for 89 percent of all customers participating in such programs." 

Section 125 1 of EPAct 2005 provides further encouragement for net metering by requiring states to consider 
whether electric utilities should make net metering service available upon the request of any customer served 
by the utility at any level. This suggests that almost all electric utilities may need to establish tariffs for net 
metering service. 

Net metering offers retail customers a convenient and inexpensive way to sell excess energy in quantities that 
are too small or intermittent to market directly. However, net metering raises important policy issues that are 
similar to those raised by QF purchases. Namely, care must be taken to ensure that net metering customers 
are not overcompensated for their energy sales to utilities; otherwise, customers without DG facilities may 
end up cross-subsidizing those with onsite generators. Such cross-subsidization could have perverse 
distributional effects, given that low- and moderate-income consumers would be less likely to install solar 
panels or renewable generators than high-income customers. Moreover, overpaying net metering customers 
for their output likely would spur an oversupply of onsite generation, as some customers install technologies 
solely to take advantage of payments (credits) that exceed the market value of the energy. The remainder of 
the chapter will recommend policies that state regulators can adopt to help ensure that net metering is 
implemented in an economical and equitable manner. 

" .- Annual Energy Outlook 2006, February 2006, DOEIEIA-0383 (2006), Table A9. 
,A See \vw\v.dsireusa.o~.g 
l 3  Green Pricing and Net Metering Programs 2004, Energy Information Administration, March 2006. 
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Basis for Setting Customer Credits 

From a utility perspective, net metering service is somewhat analogous to purchasing energy from a small 
renewable generator that sells energy on an "as available" basis.'Because the quantity and timing of energy 
provided by onsite renewable generators is uncertain, net metering probably does not allow the utility to 
avoid any generation capacity costs. Under PURPA, a QF that provides energy on an intermittent, as- 
available basis would be entitled to receive compensation equal to the utility's avoided energy costs, but it 
is questionable as to whether the QF would be entitled to a capacity payment (presuming the utility needed 
capacity). 

However, some supporters of net metering argue that customers should receive the full retail rate for any 
excess power sold to the utility. In other words, if a customer purchases 1,000 k w h  in a given month at a 
price of 10 centskWh and sells 200 kWh back to the utility, the customer would receive a bill of  $80 [(1,000 
- 200) * 0.101. Many state regulators have been sympathetic to this argument. A recent survey of state net 
metering rules shows that most states with such rules credit excess generation at the utility's retail rate rather 
than at the utility's avoided cost." A few states vary the credit by customer class. For example, Idaho credits 
excess generation provided by residential and small commercial customers at the retail rate but credits excess 
generation provided by large customers at the wholesale spot price for energy. 

States presumably have been receptive to setting credits for excess generation equal to the utility's retail rate 
because this is easier for customers to understand-indeed, most small customers probably have no 
understanding of avoided cost-and it provides an incentive for the installation of small renewable energy 
systems. Such pricing also likely reflects historical metering limitations, as explained below. However, from 
an economic perspective, crediting excess generation at the utility's retail rate makes no sense, because retail 
rates include charges for transmission, distribution, and administrative and overhead costs, not to mention 
sunk generation costs, and none of these costs, generally speaking, is avoided as a result of excess generation 
provided by a retail customer. Simply put, the embedded, average cost of service is quite different from the 
time-differentiated incremental cost of generating the last kWh of electricity. Credits based on retail rates 
could be reasonable if the customer purchased electricity under marginal and/or time-of-use rates, but most 
residential customers in particular purchase electricity under non-time-differentiated rates set equal to the 
utility's embedded cost of service. 

Paying the full retail rate for any energy'provided by net metering customers could lead to significant 
revenue losses and earnings reductions for utilities. The direct reduction in a utility's revenue from a 
kWh displaced by net metering (i.e., the retail revenue from that kwh) is offset only by the utility's 
incremental cost of energy (i.e., the utility's avoided cost). Referring to the earlier example, if the retail 
rate is 10 centslkwh, while the utility's incremental cost of energy to serve the customer is 3 centslkwh, 
the utility has a net revenue loss of 7 cents1kWh on all energy purchased from the net metering customer. 
The utility loses 7 cents that would have gone to the recovery of its fixed costs. This lost revenue would have 
to be collected from other customers by raising their rates or would translate directly into lost earnings for 
the utility. The impact on a utility's earnings could be significant because of the potentially large gap 

14 Some net metering advocates argue that net metering customers do not "sell" power to the utility, but only "offset" 
power purchased from the utility. It's true that over a billing cycle a net metering customer will be a net purchaser 
of energy from the local utility rather than a net seller. However, during certain hours, onsite generators will be net 
sellers, i.e., generate more electricity than needed for their own use. Thus, net metering customers do not merely 
reduce their consumption of electricity; at times, they sell power back to the utility. 

l 5  Interstate Renewable Energy Council (IREC) "Connecting to the Grid" Project, State and Utility Net-Metering 
Rules (Updated July 2005) at hnn:iiwww.irccusa.ori!~connect. 
p~ - 

30 Edison Electric Institute 



100 million 

PURPA: Making the Sequel Better than thf, Original. 

between its retail rate and its short-term avoided cost, which is the total revenue available per kwh  for fixed 
cost recovery. 

The following example illustrates this phenomenon. Consider a typical mid-sized utility with the following 
characteristics. 

The potential impacts of two types of net metering programs are illustrated. The first case is representative of 
one of the more restrictive programs in the nation, while the second case is representative of one of the more 
liberal programs in the nation. 

Under Case 1, full subscription of the program would reduce earnings by $766,500, which is equivalent to 
0.38 percent of net income, or 0.776 per share. 

Even though the net metering cap is only one-tenth of one percent of peak load, there is an implicit multiplier 
of nearly four. That is, the impact on earnings is nearly four times as large as the impact on sales. 
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Reduced Earnings 
=Peak Load * Program Cap * Capacity Factor * Annual Hours * Price Spread 

= 5,000,000 kW * 0.001 * 0.25 * 8,760 Hours * ($0.10 - $0.03)kWh 

= $766,500 
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Under Case 2, full subscription of the program would reduce earnings by $12.26 million, which is equivalent 
to 6.13% of net income, or 12.266 per share. 

Reduced Earnings 
=Peak Load * Program Cap * Capacity Factor * Annual Hours * Price Spread 
= 5,000,000 kW * 0.01 * 0.4 * 8,760 Hours * ($0.10 - $0.03)ikWh 

= $12,264,000 

Again, even though the net metering cap is only one percent of peak load, the impact on earnings is more 
than six times as large as the impact on sales. 

Some net metering advocates may argue that these examples are incomplete or misleading because they 
assume that the utility has sufficient generating capacity. These advocates likely would argue that once this 
assumption is relaxed, the cross-subsidy problem goes away because onsite generators help the utility avoid 
capacity costs. There are two problems with this argument. First, as explained above, the timing and quantity 
of energy provided by net metering customers is uncertain. Nor are such customers under any obligation to 
provide specified quantities of power to the local utility at specified times. Thus, even if a utility does need 
additional capacity, it is questionable as to whether net metering customers will enable the utility to avoid or 
defer the construction of new generating capacity. Simply put, the energy provided by net metering 
customers is not a "firm" supply source that a utility can count on to meet its capacity requirements. 

Second, even if onsite generators collectively do enable the utility to avoid or defer the construction of 
additional generation (andlor local distribution) capacity, the cross-subsidy problem does not necessarily 
go away. To the extent that the retail rate that the net metering customer receives for its output exceeds the 
utility's avoided cost, including the incremental cost of avoided capacity, the utility continues to overpay for 
this power and lose a contribution to its fixed costs. This lost revenue will have to be recovered from other 
ratepayers or will result in reduced earnings for shareholders. 

For these reasons, we recommend that credits for excess generation be tied to the utility's avoided cost, 
rather than its retail rates, because avoided cost is a much more accurate measure of the value of the excess 
generation provided by retail customers with onsite generators. Moreover, compensating net metering 
customers in this manner does not impair the utility's recovery of its fixed costs. Credits linked to retail rates 
may be acceptable where the customer purchases power under a marginal or time-of-use rate. In addition, 
credits for excess generation ideally should reflect the time and locational value of the energy provided by 
onsite generators. That is, credits for energy provided on peak should be greater than the credits received for 
energy provided during off-peak hours. For a utility in an RTO market operating under LMPs, reflecting 
such nodal prices in the avoided cost payments to the net metering customer will satisfy both time and 
locational cost-differentiation. Since it is unlikely that net metering will enable a utility to avoid any 
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generating capacity, as intended by PURPA, avoided cost credits should be based solely on avoided energy 
costs.16 However, if state regulators wish to provide incentives for small renewable energy systems, including 
a modest capacity payment in the avoided cost credits made available to onsite generators could be a 
reasonable incentive and more justifiable economically then setting credits equal to the utility's retail rate. 
Here, it may be possible to credit the net meterer with capacity value in accordance with the historical 
coincidence between such excess energy and the regional system peak. Alternatively, it may be appropriate 
to encourage RTO policies that would let onsite generators make more of their capacity available on a firm, 
callable basis by RTOs, and let any capacity payments be earned from those arrangements. Again, honoring 
the market structure in which these regulatory policies play out is important to their long-term effectiveness. 

Requiring Net Metering Customers to Have Advanced Meters 

Appropriate compensation for the energy provided by net metering customers will require the replacement of 
conventional meters with advanced "smart" meters. A conventional meter, much like a car odometer, spins 
forward and records energy use over a period of time. Conventional meters cannot account for the difference 
between high-cost peak and low-cost, off-peak electricity, nor can they account for the difference in 
wholesale and retail electricity costs of electricity. For example, a conventional meter only can record that 
over a given month an onsite generator sold a net of 100 k w h  to the local utility. It will have no record of 
when the 100 k w h  was sold. Sales at 4 pm on a hot summer weekday will have a higher value than sales at 4 
am on Saturday morning. With a conventional meter, when a DG source exports power onto the grid, the 
meter simply spins backwards, so power injected at 4 pm registers the same as power injected at 4 am. 

With conventional metering, an onsite generator likely will have to be compensated at the utility's average 
retail rate, which, as explained above, will not accurately reflect the value of the energy provided by the 
generator. Conventional meters, coupled with credits equal to the average retail rate, also allow net metering 
customers to "game" the system by buying power from the electric company at high-cost times and selling to 
the grid at times when power is inexpensive. 

Advanced meters, conversely, measure power use on a time-differentiated basis and therefore can track 
usage by the time of day. By collecting energy data on a real-time basis, they will enable power companies to 
know precisely when net metering customers are selling energy into the grid and can account for the actual 
wholesale value of the electricity produced. A smart meter also enables electric utilities to better account for 
the component costs of electricity. Advanced meters cost approximately $100-$150 per meter, but this is a 
worthwhile investment given that they will enable much more accurate valuation of the energy provided by 
net metering customers (as well as facilitate other services that cannot be provided by conventional meters). 

Limiting Eligibility and Total Capacity 

Until advanced meters are in place, one way to limit gaming and minimize total potential overpayment to net 
metering customers would be to limit net metering programs to wind, solar, and other forms of intermittent 
renewable energy sources that are not dispatchable, because such resources cannot readily be used to game 
the system. Solar collectors and wind generators, for example, are non-dispatchable sources of energy that 
only will be available at times largely unknowable in advance. Fossil-fired DG units, however, generally will 
be dispatchable and could game the system in the absence of a smart meter. Since most states do, in fact, 

l6 For utilities in RTOs, the spot market energy price would be the logical measure of avoided energy cost. 
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limit net metering eligibility to renewable technologies such as solar, wind, biomass and hydro, the potential 
gaming problem described here should not arise." 

Another way of limiting potential overpayment to net metering customers is to limit the size of units eligible 
for net metering and the total capacity that the utility is required to purchase through such programs. All 
existing net metering programs limit the size of generating units eligible to participate. These limits typically 
range from 10-150 kW and sometimes vary by customer class. For example, in Georgia the limit is 10 kW 
for residential systems and 100 kW for commercial systems whereas in Maine and many other states, there is 
a single size limit (100 kW in Maine) applicable to all customer classes. In some states, eligibility is limited 
to certain customer groups, such as residential customers, schools and government facilities. Customer 
restrictions, however, may be in conflict with EPAct 2005, which requires states to consider making net 
metering available to any customer who asks for it. 

Many states also limit the total capacity that utilities are required to purchase through net metering programs. 
In many cases, these limits are based on a percentage of the annual utility's peak demand-typically 0.1-1.0 
percent of peak demand. For example, Hawaii limits total net metering capacity to 0.5 percent of the utility's 
annual peak demand. These limits on total capacity, while arbitrary, are another way of limiting potential 
overpayments to net metering customers until advanced meters are in place and energy provided by such 
customers can be valued at the time-differentiated wholesale price of energy. Note, however, that capacity 
limits may still expose a utility to significant earnings losses, as described above. 

" See State and Utility Net Metering Rules (Updated March 2006) prepared by Interstate Renewable Energy Council 
(IREC) National Interconnection Project. 
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VIII: CUSTOMER DEMAND REDUCTIONS 
Section 1252 of EPAct 2005 requires electric utilities to offer time-based rate schedules to all of their 
customers, and identifies the types of schedules that satisfy this requirement, with one being credits for 
customers with large loads who enter into pre-established peak load reduction agreements. Utilities 
traditionally have offered large commercial and industrial customers such credits through interruptible 
service tariffs. Under such tariffs, customers typically receive a credit in return for agreeing to curtail all or 
a significant portion of their load up to several times a year, at times when the utility has a system operating 
emergency or when incremental generating costs are very high. Although enrollment in these programs 
usually is voluntary, the participant can face significant financial penalties if it fails to reduce demand when 
directed to do so, such as paying the spot market price for electricity consumed during a requested 
interruption period. Curtailable demand provides the utility or system operator with another resource to 
maintain system stability when resources are tight and also can reduce a utility's installed capacity 
obligations. 

EPAct 2005 appropriately did not direct how such credits should be determined, leaving that to utilities and 
their state regulators. As with avoided cost pricing for QF purchases, determining the appropriate basis for 
the credit raises a host of difficult conceptual and practical issues. At a high level, one first needs to 
determine the types of costs that a utility could avoid as a result of customer demand reductions. Peak load 
reductions enable a utility to avoid serving a portion of its load at times when marginal energy prices are 
high, so they clearly enable the utility to avoid energy costs (i.e., fuel and other variable production costs). 
Moreover, peak load reductions that a utility can count on in a planning sense could enable a utility to avoid 
building or purchasing peak generating capacity, which suggests that the credits could reflect the capacity 
cost of peaking units, such as combustion turbines. Interruptible customers do not enable a utility to avoid 
the sunk costs of any existing peaking units; they only potentially enable a utility to avoid capacity costs 
associated with prospective peaking units.'"ince avoidable costs are, by definition, costs that have yet to be 
incurred, credits should be based on prospective capacity costs that the utility would incur "but for" the load 
reduction provided for by the customer with curtailable load. Thus, if a utility has ample installed capacity, 
and has no plans to build or purchase additional peaking capacity over the foreseeable future, then it may be 
appropriate to not include a capacity component in the credit provided to customers with curtailable demand. 
However, even if a utility does not need additional peaking capacity, credits would reflect the incremental 
fuel and other operating costs saved through load curtailment. 

In addition, credits could in some way reflect the "option value" provided by demand response.'* Load 
reduction programs, depending on their specific design, can be similar to options in that the utility or system 
operator has the right but the not the obligation to reduce load for a flexible-load customer. The value of the 
option to choose to alter demand can be established using methodologies designed for evaluating options in 
financial and energy markets. 

l 8  The exception would be if peak demand reductions enabled a utility to retire or mothball one or more peaking 
units. In this case, the reduction programs would enable the utility to avoid the ongoing maintenance and other 
fixed costs associated with keeping such units in service, and it would he appropriate to reflect such costs in the 
credits provided to flexible-load customers. 

l 9  Osman Sezgen, Charles Goldman, P. Krishnarao, Option Value of Elechicify Demand Response, Ernest Orlando 
Lawrence Berkeley National Laboratory, October 2005, LBNL-56170. 
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To be eligible for credits, peak load reductions need to be measurable and verifiable. Otherwise, a utility 
could not know if the load reduction actually displaced the need for energy andlor capacity. For utilities in 
RTO markets, interruptible load programs will have to meet the RTO's rules to be eligible for capacity 
credits (or to count as credits against the company's installed capacity requirement). Utilities outside of RTO 
markets will be responsible for verifying the demand savings provided by load reduction customers. Utilities 
also will need assurance that customers will curtail demand when requested to do so; otherwise, a curtailable 
customer becomes an unreliable resource that could impair system reliability. Moreover, load curtailment 
only enables a utility to avoid peaking capacity ifthe utility can count on being able to reduce the customer's 
load when necessary. Financial penalties in addition to charging customers spot market prices when 
consuming power during requested interruption periods may be necessary. 

-- -- 
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7 .  Study disclaimer 
The objective of the MIS0 EPA Regulation Impact Analysis is to inform stakeholders. MIS0 has no 
intention or authority to direct generation unit strategies as that authority belongs exclusively to the 
individual asset owners. The MISO analysis provides an overview of the impacts from the MISO regional 
perspective. Any sub regional evaluation of the data would be an incorrect interpretation and application 
of the results. 

The detailed results of the analysis were derived from a limited set of economic assumptions that 
included low demand and energy growth, low gas prices and variation of carbon prices with sensitivities 
performed on gas and carbon prices. Retirement impacts can change with different assumptions for these 
variables. The study also assumes that the natural gas Transmission System is sufficient to 
accommodate the increased dependence on the natural gas fleet. This addresses some of those issues, 
but can't capture all future outcomes. To better understand the affects of changing inputs and risks of the 
uncertainty of carbon, additional analysis needs to be performed. 

An additional caveat - since completion of this analysis - the EPA finalized the Cross State Air Pollution 
Rule (CSAPR). In general, the final regulation mandated more restrictive emission limits for some states 
than was modeled in this analysis. The final CSAPR has stronger state limitations in most cases but 
allows for a national trading program, which may allow for more flexibility in meeting the limits. In general, 
the rule appears to have the greatest impact in the near-term (1-3 years) operation of the generation fleet 
due to the reduction in the number and availability of both SO2 and NOx allowances. The magnitude of 
this change on the MISO system is being evaluated in a follow-up study. 

The EPA Regulation Impact Analysis was based on assumptions for proposed EPA regulations. 
Finalization of the remaining three regulations has the potential to introduce the risk of additional change 
and uncertainty, similar to what occurred with the CSAPR regulation. Any of the final regulations could 
differ from what was modeled in this analysis. 



2. Executive summary 
Over the last two years 'the U.S. Environmental Protection Agency (EPA) issued four proposed 
regulations that will affect the MIS0 system. One of the rules was finalized in July while the other three 
are still in drafl form. The regulations will impact unit operations in the near-term (1-3 years) in addition to 
requiring utilities to retrofit their generators with environmental controls or retire them in the 2015 
timeframe. At the direction of its members, stakeholders and Board of Directors, MIS0 evaluated the 
impacts of the new regulations, including carbon requirements. This study evaluated the impacts on 
capacity cost, Resource Adequacy, cost ofenergy and transmission reliability. 

MIS0 evaluated the four proposed regulations separately and in combination with each other over a nine 
month study period. This report focuses on the four rules as they were developed in draft form. The 
impact of the finalized Clean Air Transport RulelCross State Air Pollution Rule will be undertaken in an 
exhaustive follow-on study that is currently underway. 

The four proposed regulations are: 

. Cooling Water Intake Structures (CWIS) - sect~on 316(b) of the Clean Water Act (CWA). 
Coal Combustion Residuals (CCR). . Clean Air Transport Rule (CATR) as proposed in 2010. This regulation was finalized as the 
Cross State Air Pollution Rule (CSAPR) in July, 2011 afler the study work was finalized. 
Mercury and Air Toxics Standards (MATS), formerly known as EGU Maximum Achievable 
Control Technology (MACT). 

2.1 EPA impact results summary 
A survey of MISO's current fleet revealed that a number of generation units will be affected, Impacts 
ranged from the installation of control equipment and expected redispatch to meet emission budgets, to 
potential retirement of units where the costs outweigh the benefits of continued operation. Figure 2.1-1 
shows that there are 298 coal units affected by these four proposed regulations and that the majority of 
the units (63 percent) are affected by three or all four regulations. 
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Figure 2.1-1: Number of units affected by EPA regulations 



The studies were conducted with the Electric Generation Expansion Analysis System (EGEAS) software 
package developed by the Electric Power Research Institute (EPRI) commonly used by utility generation 
planners. MIS0 performed more than 400 sensitivity screens using the EGEAS capacity expansion model 
to identify the units most at-risk for retirement. The sensitivities consisted of variation in costs for natural 
gas, cost uncertainty risk and retrofit compliance. 

MIS0 identified nearly 13,000 MW of units at risk for retirement. Those units were offered to the EGEAS 
model as an economic choice to retrofit for compliance or retirement. The model makes this decision by 
comparing alternatives and selecting an expansion forecast that minimizes costs, capital investment, 
production, emissions and annual fixed operations and maintenance. 

MIS0 ran two economic alternatives. The first evaluated a $4.50 natural gas cost, compliance for all the 
identified regulations and an expected cost for compliance with the regulations based on MIS0 
stakeholder feedback through the study process. The second analysis evaluated increased compliance 
costs on the system. These increased costs are represented through a production cost adder coupled 
with the production of carbon on the system and is proxy for costs associated with the uncertainty around 
rules not finalized, additional life extension costs needed for balance of plant as well as the considered 
risk around the uncertainty of the treatment of green-house gases. It is expected that one or all are within 
the assumption error bounds for this analysis and the impacts will be considered in the fleet strategies of 
the asset owners. The results of the EGEAS analysis produced: 

2,919 MW of coal fleet capacity at-risk for retirement under all likely scenarios. As of the 
publishing of this study, retirement requests of the coal fleet have amounted to 2,500 MW in the 
MISO Attachment Y process. 
12,652 MW of coal fleet capacity at-risk for retirement identified to be within prudence 
considerations and error bounds for the assumptions of the MISO study. 

The EGEAS retirement analysis minimizes the total system net present value costs over a twenty year 
planning period plus a forty year extension period. When the 2,919 MW and 12,652 MW of retired 
capacity were forced into the model, it was shown that the overall net present value of system costs 
varied by approximately 1 percent. This value is within the tolerance of assumption error. Additionally, 
MIS0 did not consider unit life extension costs in its evaluation. Because of these two considerations, it 
is expected that the higher value of nearly 13,000 MW is more realistic of the potential retirements on the 
system. 

Using a suite of planning products, MISO's evaluation on the range of potential impacts indicates the 
following: 

Total 20-year net present value capital cost of compliance may range from $31.6 billion for 2,919 
MW of retirement to $33.0 bill ion for 12,652 MW of retirement. Both values are in 201 1 dollars 
and include the cost of retrofits on the system, replacement capacity, fixed operations and 
maintenance and transmission upgrades. The perceived balance in total system capital 
investment occurs because the average cost for installation of control technologies for a unit is 
approximately equivalent to the cost of a new combustion turbine that represents an alternative 
solution to compliance with the rules. 

o Capital costs for retrofits are $28.2 bill ion and $22.5 billion, respectively. 

o Maintenance of the Planning Reserve Margin (PRM) is obligated under the MISO tariff. 
So it is expected that any capacity retirements would eventually be matched with 
replacement capacity to support PRM requirements. To maintain this requirement, it is 
estimated that the replacement costs would be $1.7 billion and $9.6 billion. 

o The bulk of the capital investment for the generation fleet is expected to occur in the 
201412015 time frame to meet 201512016 requirements established through the proposed 
MATS regulation. This includes potential need for replacement resources as 12,652 MW 
of capacity retirements would erode the current installed reserves to below planning 
reserve rnargln values by 6 to 7 percentage points, Table 2.1-1. 



o The annual fixed operations and maintenance affects the cost by $1.1 billion and $0.0, 
respectively. 

o Retirement of units will have an impact on localized Transmission System reliability. To ' 

ensure voltage and transmission thermal support on the system, an estimated $580 
million and $880 million, respectively, of additional transmission upgrades could be 
necessary to maintain system reliability. The transmission numbers depend on location 
and any change from the study assumptions could result in different costs. This assumes 
that no replacement capacity is at the retired units. If it is, the transmission upgrade costs 
will likely decrease. 

By replacing traditionally less reliable capacity with new resources, there is a potential that 
Planning Reserve Margin (PRM) requirements could decrease by having a more reliable fleet. 
Loss of Load Expectation (LOLE) analysis showed reductions of 0.2 to  1.0 percent. However, if 
no replacement capacity is identified for Resource Adequacy purposes, then analysis shows that 
the LOLE on the system could be on the order of 0.21 to  1.028 dayslyear. The current target is 
0.1 dayslyear. 

. There will also be an increase in the MISO load-weighted LMP of between $1.2/MWh-$4.8lMWh 
(2011 dollars). This is driven by two key factors: (1) newly retrofitted units are less efficient 
because of the emission controls, and (2) retired coal facilities are replaced with natural gas fired 
capacity resulting in a greater dependence on the higher cost energy. 

Identifying all the costs to maintain regulation compliance and system reliability, retail rates could 
increase 7.0 to 7.6 percent. 

NO retirements 

Table 2.1-1 Potential system reserve margin impacts o f  retirements compared to  the MIS0 2011 
Long Term Resource Assessment 

The generation capacity cost components include both the costs to retrofit and to build new capacity to 
eventually replace that which is retired. From the previous information, this twenty year net present value 
cost for 12,652 MW of retirement is approximately $32.1 billion. Table 2.1-2 shows where those costs are 
incurred in reference to the fleet to meet the proposed regulations. The investment identified is expected 
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I to occur prior to implementation of the MATS regulation and the lead time for the addition of control 

technology or new resources will include planning, regulatory approval, engineering, procurement, 
construction and installation that may require three to five years to implement on the system. 
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i 
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I Table 2.1-2 Average overnight construction costs to comply with the proposed regulations. 

I I 
There is a compliance risk with the proposed regulations. Additional investment in the generation fleet 
and the Transmission System will maintain bulk power system reliability - at a cost. However, another risk 

I not addressed directly that must be recognized is the time in which units must be compliant. Figure 2.1- 
i demonstrates a high level timetable of rule implementation and compliance deadlines. If it is determined 

that capacity should be retired, it would take at least two to three years to build a combustion turbine to 

i replace it. Also, if Transmission System reliability requires bulk transmission upgrades, a minimum of five 

I years could be required for a transmission line to become operational. The time from final regulation to 
I compliance may be difficult for some situations throughout the system. 

i Perhaps one of the most significant risk factors will be taking the existing units out for maintenance to 
install the needed compliance equipment. Given the tight window for compliance, much of the capacity on 
the MIS0 system will need to take their maintenance outages concurrently. The need to take multiple 

- units out of service on extended outage has significant potential to impact resource adequacy. 
I 
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Figure 2.1-2: Estimated timeline for regulation development and implementation 
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2.2 Sensitivities impact 
Just as in the MISO Transmission Expansion Plan (MTEP), MIS0 uses a scenario planning process in 
the analysis and evaluation of these EPA regulations. Evaluating the impact requires that many 
conditions be considered separately and in combination. MISO evaluated six scenarios with 77 
sensitivities for each of the scenarios: . Base conditions, no new regulations. . Cooling Water Intake Structures section - 316(b) of the Clean Water Act (CWA). 

Coal Combustion Residuals (CCR). . Clean Air Transport Rule (CATR) as proposed in 2010. This regulation was finalized as the Cross 
State Air Pollution Rule (CSAPR) in July, 201 1 after the study work was finalized. 
Mercury and Air Toxics Standards (MATS) formerly known as EGU Maximum Achievable Control 
Technology (MACT). 
Combination of all four regulations. 

Figure demonstrates the sensitivities evaluated for each analysis Since there are six regulation 
scenarios there would be six branches to this decision tree, yet only the first branch is shown in Figure 
2.2-1 
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Figure 2.2-1: Decision tree of EPA cases 
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For each of the scenarios, 77 sensitivity cases consisting of two variations in compliance costs, natural 
gas costs and uncertainty r~sk costs represented as a cost to carbon production were modeled to produce 
a combined total of more than 400 sensitivity cases. The results indicated that up to 23,000 MW of coal 
capacity could be at-risk because of regulation compliance. 

1 1 From these ~ensitivity~cases, a few general conclusions can be made. . EPA regulation impacts: Compliance associated with the Mercury and Air Toxics Standards 
(MATS) produces the most at-risk units, since its compliance costs and emission reductions have 

I the greatest impact of the proposed regulations. 

. Stringent rule application: Higher compliance costs to meet more stringent rules result in more 
at risk units. Evaluating all natural gas and carbon sensitivities for the stringent rule application 

I cases resulted in up to 23,000 MW of at-risk capacity. However, running the same sensitivities at 
the more expected compliance costs as recommended and reviewed through the MIS0 
stakeholder process, up to 13,000 MW of capacity was considered to be at risk. 

1 . Natural gas costs: Lower natural gas prices produced more at-risk capacity than higher gas 
prices. The lower natural gas prices provide more incentive to retire capacity as the alternative 
resources provide competitive energy costs for the system. Conversely, when gas prices are 
high, the coal units find enough revenue on the system to cover compliance costs and keep 
general energy prices lower. 

. Risk costs: MIS0 evaluated the risks associated with uncertainty in regulation compliance 
through costs added to megawatt-hour production. This cost was represented by adding a price 
to carbon. Because of this, higher compliance costs put more economic pressure on the coal 
units within the system, and the economics favor natural gas and carbon neutral capacity So 
more coal units are at-risk for retirement with the higher compliance costs applied. 

The units at-risk for retirement range from 0 MW to 23,000 MW based on the economic assumptions 
within the sensitivities. Cases where no units were identified to be at-risk for retirement include low 
compliance costs, higher gas prices and no risk costs applied. This occurs because it minimizes cost for 
compliance while increasing potential revenue within the energy market through higher natural gas prices. 
Cases that produce at-risk generation of up to 23,000 MW include stringent rule application, low gas 
prices and varying levels of risk costs. 

Figure 2.2-2 depicts an example of the impacts of the cost of compliance, gas, and risk from the identified 
potential retirements of 2,919 MW with all four EPA regulations. 



Capacity at Risk Under Sensitivity Cases 

Moderate Gas Price, Additional Risk 
Cost and Stringent Rule Application 

Additional RiskCost Evaluation 

Stringent Rule Application 

High Gas Price 

Figure 2.2-2: Tornado chart demonstrating the impacts o f  sensitivities on potential capacity 
retirements 

2.3 Rate impact 
In general, the retail rates on the system are driven by the costs of generation production, generation 
capital, transmission capital and distribution capital. The MISO EPA regulation analysis identifies costs 
that impact three of the four components of the rates. 

The greatest impact on the rates comes from the capital cost component. The capital cost increase 
comes in two forms, the EPA capital compliance cost and the capital cost for replacement capacity. 
Figure 2.4-1 demonstrates the comparison of the rate impact of the two retirement scenarios with the 
current average system rate. The overall increase in the rates because of compliance with the EPA 
regulations is approximately 7.0 to 7.6 percent. 

The relatively small rate increase difference between the two scenarios is due to the balance of capital 
cost configurations. The total EPA regulation related capital cost comes in three forms - 1) control 
equipment, 2) capital cost for replacement capacity and 3) transmission capital cost needed for retired 
capacity. The relationship between the three costs is a balance between retired capacity to forgo costs for 
control equipment while adding replacement capacity and transmission costs for the forgone capacity, 
versus more control costs to retrofit generation. In other words, as retirements increase, the total control 
equipment cost decrease, while replacement capacity and transmission costs increase - and vice versa. 
A balance of all three costs occurs to end up with the least cost strategy. 
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Figure 2.4-1: MISO rate impact excluding the cost of carbon in the production costs 



MISO is an essential link in the safe, cost-effective delivery of electric power across all or parts of 12 U.S. 
states and the Canadian province of Manitoba. As a Regional Transmission Organization, MIS0 assures 
consumers of unbiased regional grid management and open access to the transmission facilities under 
MISO's functional supe~ision. Our cornerstones anchor our mission to pursue operational excellence 
and to drive value creation through transparent reliabilitylmarket operations, planning and innovation. 

Figure 3-1: MIS0 market footprint 

Membership gives Stakeholders a voice in the committee process, inviting them to provide advice and 
input on strategic and operational business decisions. It also guarantees participation in the election of 
MISO's Board of Directors. Each member gets a single vote and can represent one company or several. 
A list of MIS0 members can be found on the MIS0 website under the stakeholder center section. 



3.1 Generating assets 
MIS0 contains 134,900 MW of generating capacity in its market footprint, for which about 53 percent 
consists of coal-fired generation. Average age of the coal fleet is 45 years old. Coal units range from 2 - 
1,300 MW in size. 
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Figure 3.1-1: MIS0 capacity mix 

Of the 70,000 MW of coal-fired capacity in the MIS0 market, less than half does not have plans for SO2 
controls. Furthermore, 38 percent have no SO2 controls or NOx controls, and 38 percent have no SO2 
controls or Fabric Filters. 

Table 3.1-1: Coal units existing or planned emission controls 



4. EPA regulations 
The EPA finalized the Clean Air Transport Rule and is in the process of finalizing the three remaining 
proposed regulations that affect the electric industry: 

Cooling Water lntake Structures - section 316(b) of the Clean Water Act (CWA), the final rule is 
expected at the end of 2012. 
Coal Combustion Residuals (CCR), the final rule is expected at the end of 201 1 
Clean Air Transport Rule (CATR) as proposed in 2010. This regulation was finalized as the 
Cross State Air Pollution Rule (CSAPR) in July, 201 1 after the study work was finalized. 
Mercury and Air Toxics Standards (MATS) formerly known as Electric Generating Unit (EGU). 
Maximum Achievable Control Technology (MACT), the final rule is expected at the end of 201 1. 

Each regulation is unique and has specific goals. As such, MIS0 evaluated the impacts on its system for 
each regulation separately and on all four combined. The study determined the impact and cost on the 
MIS0 system for capacity, Resource Adequacy, energy and transmission reliability. 

4.1 Clean Water Act, Section 316(b) 
Section 316(b) of the Clean Water Act (CWA) establishes the Best Technology Available (ETA) for 
Cooling Water Intake Structures to "minimize impingement and entrainment of aquatic organisms," in 
other words, preventing their encroachment. It a possible that ETA could be defined as re-circulating 
cooling system retrofits for all units employing once-through cooling systems. This is likely a worst case 
scenario. In the MIS0 analysis ETA is defined as retrofits to re-circulating cooling systems only if the 
retrofit is drawing its cooling source from an ocean, tidal river or estuary. 

4.2 Coal Combustion Residuals 
The purpose of the CCR is to regulate the coal fly ash under one of two methodologies. The first is to 
treat the ash as a special waste under subtitle C (hazardous waste) of the Resource Conservation and 
Recovery Act (RCRA). Under this option, facilities would need to close their surface ash impoundments 
w~thin five years and dispose of the ash (past and future) in a regulated landfill with groundwater 
monitoring. 

The second methodology is to regulate ash disposal as a non-hazardous waste under subtitle D of 
RCRA. This alternative would require the facility to remove the solids and retrofit the impoundment pond 
with a liner, protecting against groundwater contamination. Landfill coal combustion residuals disposal 
would require liners for new landfill and groundwater monitoring of existing landfills. 

The second methodology is evaluated in this study 

4.3 Clean Air Transport RuleICross State Air Pollution Rule 
The transport proposal reduces emissions that contribute to fine particle (PM2.5) and ozone non 
attainment that often travel across state lines. Sulfur dioxide (SO,) and nitrogen oxides (NOx) contribute 
to PM2.5 and ozone transport. A number of states plus the District of Columbia are affected by transport 
rule and illustrated in Figure . The rule allows units in each state to meet the emissions targets in any way 
the state sees fit, including unlimited trading of emissions allowances through an interstate trading 
program. 

To assure emissions are reduced quickly, the EPA is proposing federal implementation plans, or FIPs, for 
each of the states covered by this rule. A state, however, may choose to develop its own plan to achieve 
the requirements, and may choose which types of sources to control. 
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Emission budget schedule implementation: 

I Annual SOz 
o Phase 1 group - 2012 cap that lowers in 2014 

1 o Phase 2 group - 2012 cap 
o Set emissions budget for each state 

I . Annual NOx 
o 2012 state specific cap 

Ozone Season NOX 
! o 2012 state specific cap 

I The final CSAPR regulation came out after the analytics of this study were completed. The analysis and 
results presented in the study are from previous proposals of what was known as the Clean Air Transport 
Rule (CATR). Figures 4.3-1 and 4.3-2 show the applicable cap limitations to each state under the 

1 proposed CATR and final CSPAR regulation. 
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Figure 4.3-1: Proposed Clean Air Transport Rule implementation 



Figure 4.3-2: Final Cross State Air Pollution Rule implementation 

4.4 Mercury and Air Toxics Standards 
The primary focus of the Mercury and Air Toxics Standards is the reduction of emissions from heavy 
metals and acid gases. The heavy metals include mercury (Hg), arsenic, chromium and nickel; and, the 
acid gases include hydrogen chloride (HCI) and hydrogen fluoride (HF) A final rule will be expected 
towards the end of 2011. The following represent a few key highlights of the proposal: 

For all existing and new coal-fired Electric Generating Units (EGUs), the proposed MATS 
regulations would set numerical standards for mercury, Particulate Matter (PM), and HCI. . For all existing and new oil-fired EGUs, the proposed toxics rule would establish numerical 
emission limits for total metals, HCI, and HF. Compliance with the metals standards is through 
fuel testing. 
For new units, proposed revisions to the New Source Performance Standards (NSPS) would 
include revised numerical EGU emission limits for PM, SO2, and NO,. 

There are many technologies available to power plants to meet the emission limits, including wet and dry 
scrubbers, dry sorbent injection systems, activated carbon injection systems and baghouses. 

4.5 Regulation timing 
Figure demonstrates a high level timetable of rule implementation and compliance deadlines. If it is 
determined that capacity should be retired, it would take a minimum of two to three years to build a 
combustion turbine to replace that capacity. Also, if Transmission System reliability requires bulk 



transmission upgrades, it could take at least five years for a transmission line to come into service. The 
time from regulation to compliance may be difficult for some situations throughout the system. 
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Figure 4.5-1: Estimated timeline for regulation development and implementation 

4.6 Carbon restrictions 
There are no regulations directing the amount of carbon produced from the existing fleet. However, recent 
endangerment findings that classify greenhouse gases as a hazardous air pollutant obligates the EPA to 
regulate its production. There have also been legislative proposals with certain targets for the reduction of 
carbon. One requires that the output of carbon should reduced by 40 percent from 2005 levels by 2030, 
and 83 percent by 2050. Although carbon is not.currently regulated, prudence dictates that it be 
considered in the evaluation of the proposed EPA regulations. 



5. Models 

5.1 EGEAS 
The Electric Generation Expansion Analysis System (EGEAS) software from the Electric Power Research 
Institute (EPRI) is used for long-term regional resource forecasting. EGEAS develops generation (and 
demand-side management) expansion plans based on long-term, least-cost optimizations with multiple 
input variables and alternatives. Optimizations can be performed on a variety of constraints, such as 
Resource Adequacy (loss-of-load hours), reserve margins or emissions constraints. The EPA study 
optimization is based on minimizing the 20-year capital and production costs, with a resen/e margin 
requirement indicating when new capacity is required. 

5.2 PROMOD I\$ 
PROMOD IP is an integrated electric generation and transmission market simulation system that 
incorporates extensive details of generating unit operating characteristics and constraints, transmission 
constraints, generation analysis, unit commitmenffoperating conditions and market system operations. it 
performs an 8,760-hour commitment and dispatch recognizing both generation and transmission impacts 
at the bus-bar (nodal) level. PROMOD IP forecasts hourly energy prices, unit generation, fuel 
consumption, bus-bar energy market prices, regional energy interchange, transmission flows and 
congestion prices. It uses an hourly chronological dispatch algorithm that minimizes costs while 
simultaneously adhering to a variety of operating constraints, including generating unit characteristics, 
transmission limits, fuel and environmental considerations, spinning reserve requirements and customer 
demand. 

PSSBE is an integrated, interactive program simulating, analyzing and optimizing power system 
performance. PSS@E allows for detailed analysis of single hour operation based on defined system 
conditions such as system topology, demand and generation dispatch. This tool will allow the user to 
evaluate system reliability requirements with the transmission thermal limitations and required voltage 
levels at different points of the system. 

5.4 GE-MARS 
GE Energy's Multi-Area Reliability Simulation (GE-MARS) is a transportation-style model based on a 
sequential Monte Carlo simulation that steps through time chronologically and produces a detailed 
representation of the hourly loads and hourly wind profiles in comparison with the available generation, in 
addition to interfaces between the interconnected areas. 

GE-MARS calculates, by area or area group, the standard reliability indices of daily or hourly loss of load 
expectation (LOLE, in days per year or hours per year) and expected unsewed energy (EUE, in 
megawatt-hours per year). 

The basic calculations are done at the area level, which is how much of the data are specified and 
aggregated. Loads, wind profiles and generation are assigned to areas, and transfer limits are specified 
between areas. 



6. Scope 
The objective of the EPA Impact Analysis is to identify potential aggregate impacts of the EPA proposed 
regulations on the fleet within the MIS0 footprint. Specif~c key questions that are answered by the study 
are: 

s Are there Resource Adequacy risks? . Are there transmission adequacy risks? 
What are the impacts on the energy markets? 
What are the impacts on capital costs to the system? 

Evaluation of study questions and results will be expressed at the MIS0 level only. It is understood that 
retrofitlretirement decisions are the responsibility of the asset owners. MIS0 will not share unit specific 
information with any entity outside of the asset owner at their request. 

Figure 6-1 shows the three-phase study scope. The first phase screened the approximate 2,000 units in 
the MIS0 system to determine which of those units would be most at risk for retirement. The second 
phase used those results to determine the energy and congestion impacts on the system. The third phase 
developed the compliance and capital cost requirements, and evaluated the impact of Resource 
Adequacy, system reliability and customer rates. 

Phase I Phase l l  

Figure 6-1: Flow diagram of EPA Impact Analysis 



7. Phase I 
Phase I consisted of three tasks: modeling techniques, profitability screening and MIS0 stakeholder 
interaction. MIS0 researched the proposed regulations and recent evaluations of the regulations. The 
research focused on the development of the modeling techniques used within the various models. This 
included looking at compliance technologies and their impacts on the operation and costs of units that 
may need to be retrofitted. MIS0 also surveyed asset owners on the control equipment already on the 
units. 

The prof~tability screening utilized the EGEAS model. Existing system characteristics, compliance 
assumptions, sensitivities on gas prices and costs for carbon regulation were applied. This meant more 
than 400 screening cases had to be run to identify units on the system at-risk for retirement. 

Stakeholders were given the opportunity to comment on inputs and outputs from the screening runs 
through the MIS0 Planning Advisory Committee. Their suggestions on compliance technologies and 
costs enhanced the analysis. 

7.1 Phase I assumptions 
The MTEPI 1 Business as Usual with Low Demand and Energy Growth Rate future was used as the base 
model in the regulation impact analysis. The demand growth rate was 0.78 percent and the energy 
growth rate was 0.79 percent. Both values are the effective growth rates determined through the MTEP 
process that include the impacts of projected demand response and energy efficiency resources. Detailed 
assumptions of the MTEPI 1 futures can be found in Appendix E2 of the MTEPII  report. 

The EGEAS model is used in Phase I because of the ability to run 20-year study cases in a quick and 
efficient manner. For the EPA Impact Analysis study MIS0 ran more than 400 EGEAS cases, 
representing sensitivities on combinations of the proposed regulations: . Base conditions, no new regulations. 

Cooling Water Intake Structures - section 316(b) of the Clean Water Act (CWA). 
Coal Combustion Residuals (CCR). 
Cross State Air Pollution Rule (CSAPR) formerly known as Clean Air Transport Rule (CATR). . Mercury and Air Toxics Standards (MATS) formerly known as EGU Maximum Achievable Control 
Technology (MACT). 
Combination of all 4 regulations. 



Figure demonstrates the sensitivities evaluated for each regulation analysis. There are six regulation 
scenarios, so there would be six branches to this decision tree. Only the first branch is shown in this 
graphic. 

6Regulation Compliance Natural Gas Price CarbonPrice 
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Figure 7.1-1: Decision tree of EPA Cases (total of 77 sensitivities per regulation evaluated) 

MATS, CWlS and CCR assumptions 
To increase the efficiency of the EGEAS analysis, a rule set was developed for which control 
technologies to model based on unit characteristics. This allows MIS0 to model the entire system and 
provide a reasonable set of alternatives for the retrofit versus retire comparisons. Table 7.1- 
demonstrates the rule set that was created. 

The Great Lakes were considered as "oceans" for this analysis. This provided some impact of the intake 
structure regulation on the land locked footprint of MISO. A tidal river is defined as a river which its flow is 
influenced by the tides. An estuary is a partly enclosed coastal body of water with one or more rivers or 
streams flowing into it, and with a free connection to the open sea. 
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Table 7.1-1: Retrofit rule set for EPA regulations 

Generating unit operating affects from installation of various control technologies was also introduced into 
the EGEAS model. Stakeholders and public sources provided data. Ultimately the values used in this 
EPA Impact Analysis were provided and agreed to by the stakeholders. Table 7.1-2 shows the 
generating unit operating impacts after the installation of various control technologies. 

Oceans, 
Estuaries 
or Tidal 
rivers 

Not on 
Oceans, 
Estuaries 
or Tidal 
rivers 

Coal Units 

Yes 

Yes 

Yes 
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CATR assumptions 
The proposed Clean Air Transport Rule (CATR) was the guiding regulation used within this analysis. The 
finalized Cross State Air Pollution Rule (CSAPR) limits are more stringent than those in this study. There 
is a possibility that with the newer limits the Impact is greater than seen in this report. The CATR 
regulation sets statewide emission limits for SO2, NOx, and NOx Ozone. MIS0 is able to model state 
limitations within the EGEAS model. EGEAS will take those limits and dispatch the units in each state to 
meet the state limits. This closely models the unlimited intrastate trading with no interstate trading. 

For this study EGEAS is run at an RTOllSO level and as such some states might span across multiple 
RTOlISO's. Just applying the state limit would cause the limit to be too high in some cases. An example 
would be a state that has ten units but only one Is in MISO. That would mean one unit would have a limit 
set intended for ten units. To accommodate multi-regional states, the emission limits were prorated by the 
capacity of the units in each RTOIISO. 

Table 7.1-3 demonstrates the state and region emission budgets under the draft CATR. These were the 
numbers applied to the impact analysis. The CSAPR was finalized in July, 2011 and as such those 
numbers in are represented in Table 7.1-4 for comparison purposes only. Initial analysis suggests that the 
emission budgets are reduced for some states and re-categorized for other states. 

1 Table 7.1-3: State emission budget for draft CATR as used within the analysis 

Table 7.1-4: State emission budget for final CSAPR 
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7.2 Phase I results 

I To identify at-risk capacity on the system, MIS0 had to develop a methodology to evaluate the profitability 
of the units. This was achieved through the calculation of annual revenues and costs for each generating 

i unit and determining net margins for the units. The units with a net margin of less than $OlkW were 
deemed to be either Tier I at-risk units or Tier II potentially at-risk units. 

The net margin for each generating unit is calculated by subtracting annual costs from annual revenues. 
The next step is to list all the generating units in order of decreasing net margin for each year of the study 
period. From this ordered list of generating units, the marginal unit can be determined. The marginal unit 
is the unit at which the cumulative capacity equals the capacity requirements to meet the planning 

I 
reserve margin (PRM) criterion. The offset adder expressed in $IkW is the required amount of net margin 
adder that will make the marginal unit whole. For example, as shown in Table 7.2-1, the net margin of the 

I 
marginal unit, U,, is -$4501kW, and the offset adder would be $4501kW to make the marginal unit whole. 
This offset adder is then applied to all units in the ordered list. 

! 

i 

i i 
1 

Table 7.2-1 Pictorial representation of Tier I and Tier II units 

un 

U,,, 

-$450/kW 

-$550/kW 

125 MW 

30 MW 

118,000 MW 

118,030 MW 

17.40 percent 

17.4 percent + 



Two different sets of offset adders were calculated and used to determine which generating units are to 
be classified as Tier I and Tier II units. The Tier I offset adders are based on the EGEAS cases for each 
specific EPA regulation, whereas the Tier II offset adders are based on the results of the EGEAS Base 
Case assuming no EPA Regulations. By definition, the Tier I offset adders are greater than the Tier II 
offset adders, since the Tier II offset adders do not include the added costs for the various EPA control 
systems needed to meet compliance. Table 7.2-2 provides an example of the Tiers. Units at risk are 
those at the bottom of the dispatch order, where the revenue intake may or may not cover the costs of 
compliance. Since MISO does not capture all revenue for a unit, this methodology provides reasonable 
cut-offs based on the PRM system reliability objective. 

Table 7.2-2: Example of Tier I and Tier I1 identification 

If a unit is identified as a Tier I unit in any of the sensitivity cases, it is classified as Tier I for the entire set 
of runs. Therefore, not any one scenario will result in the total identified Tier I list, but a combination of the 
unique units from all of the sensitivity cases. 



Stringent rule applications 
MISO ran more than four hundred sensitivities on the EPA regulations where Tier I and Tier II units were 
identified. Most of the sensitivities focused on combinations of gas and carbon prices. They were run on 
two variations of compliance with the EPA rules. Compliance with the rules was modeled at a high cost 
application and a more expected cost application. The differences in the two methods of modeling can be 
seen in Table 7.2-3. 

, Cornpilance costs appl~ed n 201 1 w th 10 year Compl ance costs applieo in 2015 w rh 20 year 

Closed loop cooling applied to all steam units 

recovery period 

closed loop cooling applied too 
-..A --.. 

recovery period 

ceans, tidal rivers I 
SCR reauired to meet MATS SCR NOT reauired to meet MATS 

- . .  
I QIIU CbLUdllC.3 

Table 7.2-3: Modeling differences between compliance modeling methodologies 

FGD applied to all units <=200MW 

Carbon prices applied in 201 1 

Modeling of the compliance high cost application resulted in the identification of 102 Tier I coal units 
amounting to 5,082 MW of capacity and an additional 116 Tier II coal units amounting to 22,645 MW of 
capacity. Figure provides a histogram of the units identified by Tier. The most at-risk units identified in 
Tier I are less than 200 MW while the Tier II units can get up to larger sizes. The modeling runs identify 
that the most at-risk units come from the application of compliance costs combined with lower gas prices, 
where the higher values of those units in the Tier II list tend to show up as potentially at-risk because of 
the application of costs to carbon. It was also found through the sensitivity analysis that the MATS 
regulation is the primary driver in placing units at risk for retirement. 

DSI applied to all units <=200MW 

Carbon prices applied in 201 5 

No $4.51MMBtu gas price in sensitivities $4.51MMBtu gas price in sensitivities 



Tier  I a n d  T ier  II Histogram with Str ingent  Rule App l i ca t ion  
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Figure 7.2-1: Tier I and Tier II histogram stringent rule application 

Expected compliance cost application 
The modeling of the lower, more realistic compliance application reduced affected generation on the Tier I 
and Tier II lists. In this set of sensitivity cases, Tier I accounts for 53 coal units amounting to 2,764 MW of 
capacity and Tier I1 accounts for an additional 98 coal units amounting to 9,885 MW of capacity. The 
adjustment in capacity cost modeling identifies more of the smaller coal units on the system as Tier II 
rather than Tier I as seen in the compliance cost application cases, Figures 7.2-1 and 7.2-2. The 
expected compliance cost application also identifies no units greater than 300 MW in either of the Tiers. 
The average age of the units identified is 52 years. 
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Tier I and Tier II Histogram with Expected Compliance Cost 
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1 Figure 7.2-2: Tier I and Tier II Histogram for expected compliance cost application 

~ 
I 7.3 General observations of sensitivity screens in Phase I 

The sensitivity cases help identify which variables have the greatest impact on whether coal-fired 
generators may be at-risk: . A greater cost for compliance will cause more coal units to be at risk. 

Lower gas prices cause a greater amount of at-risk coal capacity. This is due to lowered revenue 
on the system since the clearing energy price for peaking capacity is lower. Higher gas costs 
provide more revenue for coal units and lower the risk for retirement on the system. . Carbon costs drive more, coal units to be at risk. However, carbon costs combined with higher gas 
prices could mitigate the amount of at-risk capacity. 



8. Phase II 
EGEAS does not include the detailed Transmission System within the modeling capability. So it was 
determined that PROMOD IP would be utilized to identify if congestion on the Transmission System 
could provide additional revenue to generators to remove them from the list of Tier I and Tier II units 
identified in Phase I. 

8.1 Phase ll assumptions 
Four sets of sens~tivities were modeled within the PROMOD I V ~  model, as shown in Table 8.1-1. These 
cases represent results from Phase I that maximized and minimized retirements under the MATS only 
cases and the cases representing a combination of all the studied regulations. The MTEPl l  2016 
summer peak model was used for the transmission model. The years evaluated included 2016,2021 and 
2026. 

MATS Regulation, Expected Compliance Costs, $4.50 Gas and $100 Carbon 

MATS Regulation, Expected Compliance Costs, $10 Gas and $0 Carbon 

I Combined Regulations, Expected Compliance Costs, $4.50 Gas and $100 Carbon ( 
Combined Regulations, Expected Compliance Costs, $10 Gas and $0 Carbon 

Table 8.1-1: Phase I1 analysis assumptions 

Because MIS0 models the Eastern Interconnection within the PROMOD IP models, high level EPA 
evaluation and EGEAS runs had to be made for the entire model footprint. This is done to maintain 
appropriate cost balances between MIS0 and the other regions. 

Each PROMOD I? case was run under copper sheet (no transmission limitations) and constrained 
conditions. The difference between the generation revenue and generation cost for those cases provides 
the transmission impact on the revenue and cost, or net margin, for each unit on the MIS0 system. 
Comparing these results from the Phase I results will show the transmission impact on the Tier I and II 
list. 

8.2 Phase ll results 
Phase II results indicate that some of the units on the Tier I and II lists are in locations where greater 
revenues can be received due to congestion. Of the Tier I units identified in the expected compliance cost 
set of sensitivities, 12 units amounting to 594 MW result in a positive net margin with the addition of 
transmission congestion revenue. In Tier 11, 28 units amounting to 2,957 MW become profitable. 

The congestion revenue ~nformation is important because it shows that congestion on the system may 
provide additional revenue for some generating units. However, the following Phase Ill analysis does not 
include the additional congestion revenue. The revenue number identified is a one year representation 
from the production cost model runs where the capacity expansion looks at the interaction of retirement 
and retrofit decisions over a 20 year period. Additional analysis will be needed to include a transmission 
congestion component in the future. 
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1 8.3 General observations of PROMOD I@ Analysis 
! The Phase II provided analysis shows the following results. 

! A total of 3,551 MW could possibly be in transmission sensitive areas. 

1 Transmission congestion could provide additional revenue that is not captured in the MIS0 
EGEAS analysis of the retirements of at-risk capacity. 
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9. Phase Ill 
Phase Ill of the analysis answers four questions posed at the beginning of the study 

What are the impacts on capital costs to the system? . Are there Resource Adequacy risks? 
What are the impacts on the energy markets? 
Are there transmission adequacy risks? 

These questions are answered utilizing four different models. EGEAS was used to evaluate the capital 
investment costs. These costs include both compliance retrofit costs and replacement capacity costs for 
retired capacity. The GE-MARS model was used to evaluate the impacts of retirements and retrofits on 
the Loss of Load ExpectaFn (LOLE) analysis. The PROMOD I? was used to determine energy cost 
impacts. Finally, the PSS E model was used to evaluate Transmission System adequacy for the 
retirement of units on the system. 

9.1 Phase Ill assumptions 
The EGEAS retirement versus retrofit analysis was performed on the case that included expected 
compliance cost application, a gas cost of $4.50/MMBtu and $Olton carbon cost. Additionally, increasing 
levels of carbon costs were also modeled to capture the impacts of the uncertainty of future carbon 
regulation on the retirement decision. 

To perform the EGEAS analysis, two model runs were made for each unit from the expected compliance 
cost application Tier I and II list. One modeled the unit and its retrofit controls and one modeled the 
retirement of the unit with replacement capacity. The output with the lowest cost determined the strategy 
of the unit tested. 

The outputs of the EGEAS analysis are passed to the other models. The inputs to those models will 
include the retirement versus retrofit decision as well as compliance technology impacts and future 
replacement capacity. 

Phase Ill results 
MIS0 ran two economic alternatives. The first evaluated a $4.50 natural gas cost, compliance for all the 
identified regulations and an expected cost for compliance with the regulations based on MIS0 
stakeholder feedback through the study process. The second analysis evaluated increased compliance 
costs on the system. These increased costs are represented through a production cost adder, and is 
proxy for costs associated with the uncertainty around rules not finalized, additional life extension costs 
needed for balance of plant as well as the considered risk around the uncertainty of the treatment of 
green-house gases. It is expected that one or all are within the assumption error bounds for this analysis 
and the impacts will be considered in the fleet strategies of the asset owners. The results of the EGEAS 
analysis produced: 

2,919 MW of coal fleet capacity at-risk for retirement under all likely scenarios. As of the 
publishing of this study, retirement requests of the coal fleet have amounted to 2,500 MW in the 
MISO Attachment Y process. . 12,652 MW of coal Fleet capacity at-risk for retirement identified to be within prudence 
considerations and error bounds for the assumptions of the MIS0 study. 

The EGEAS retirement analysis minimizes the total system net present value costs over a twenty year 
planning period plus a forty year extension period. When the 2,919 MW and 12,652 MW of retired 
capacity were forced into the model with no cost of carbon applied, it was shown that the overall net 
present value of system costs varied by approximately 1 percent. This value is within the tolerance of 



assumption error. Additionally, MIS0 did not consider unit life extension costs in its evaluation. Because 
of these two considerations, it is expected that the higher value of nearly 13,000 MW is more realistic of 
the potential retirements on the system. 

Capacity cost impact 
Table 9.2-1 demonstrates the 20-year net present value of capital cost affects of the EPA regulations 
from the EGEAS modeling runs in 201 1 dollars. The comparison of the costs are based on the retirement 
impacts of 2,919 MW from the non-carbon analysis and 12,652 MW from the carbon analysis compared 
to the non-carbon, no EPA regulation compliance base case. It's assumed that capacity retires in the year 
2015. As can be seen, compliance capital costs are in the range of $22.5 billion to $28.2 billion. Capacity 
capital fixed charges increase by $1.7 billion to $9.6 billion and fixed operations and maintenance costs 
range from no increase to $1.1 billion. The total capital cost for compliance with the EPA regulations 
ranges from $31.0 billion to $32.1 billion. 

Table 9.2-1: 20-year NPV capital cost impact of EPA regulations (2011 dollars) 

Resource Adequacy impact 
The impact of EPA regulations on the Resource Adequacy of the MIS0 system is dependent on how the 
system is maintained during the retirement or replacement of affected units. Assuming a controlled 
replacement of capacity as it is retired, system reliability is actually improved. As the older and less 
reliable units are removed, the system average forced outage rate decreases marginally. This decrease 
in outage rates (less than 1 percent in both cases) when applied to the entire system results in Planning 
Reserve Margin decreases of up to 1 percent from 17.4 percent with the current system to 16.4 percent 
in a system where 12,652 MW of capacity is replaced with system average units. 

As an analysis of the base reliability of the MIS0 system, if all units within the footprint were assumed 
committed to Resource Adequacy, the Loss of Load Expectation (LOLE) would be roughly 0.088 days per 
I year. If the capacity flagged for retirement in this section was removed and not replaced, the loss of 
2,919 MW would decrease the base reliability to the point where the LOLE would be 0.21 days per year, 
twice the current target of 0.1 days per year or one day in 10 years. If all 12,652 MW of capacity were 
removed from the system and not replaced the resulting LOLE would yield a system with 10 times the 
probability for outage as the current benchmark or 1.028 days per year. 

Removal of capacity without replacement is an unlikely scenario and maintenance of the Planning 
Reserve Margin is obligated under the MIS0 tariff. In order to analyze the effects of a system where the 
reserve margin was maintained, all removed capacity was replaced by theoretical new units which had an 
outage rate equivalent to the system average after unit removal. In this case when 2,919 MW of capacity 
was retired and the reserve margin maintained the LOLE improved from the target of 0.1 to 0.093 days 
per year. When 12,652 MW was retired and replaced in the same fashion the reliability improved even 
more to 0.068 days per year. 

This is indicative of the improved average forced outage rates experienced when less reliable units are 
removed and replaced with more reliable units. The starting system average forced outage rate was 
8.0248 percent where the removal of 2,919 MW improved average forced outage rate to 7.9983 percent 
and 12,652 MW of retirements resulted in a 7.9864 percent. 



As a final analysis of the impact of unit retirement and replacement with system average units, a 

I hypothetical'reserve margin was established. Since the system average forced outage rates declined 
after the retirements, it can be assumed that Planning Reserve Margins would drop. This was indeed the 
case as starting from the 17.4 percent reserve margin established in the base case, 2,919 MW of 
retirements lowered the reserve margin to 17.2 percent. Likewise the retirement of 12,652 MW resulted in 
a decrease in reserve margin to 16.4 percent. In either case it was assumed that retired units would be 

I replaced by units that matched the system average forced outage rates. The reliability of the system is 
ultimately dependant on many factors including the availability of the units. If the units identified as at risk 
for retirement are all replaced with units that have better availability, system reliability will improve. 

Energy cost impact 
The EPA regulations have two primary impacts on the cost of energy on the system. First, the production 
of energy by coal units that require retrofits for compliance will be negatively affected. The impacts on 
heat rates and variable operations and maintenance costs will make many units less efficient and more 
expensive. Also, units selected for retirement will remove the lower cost coal energy from the system. 
They will eventually be replaced by the higher cost natural gas energy replacement units. This will put a 
greater dependence on the natural gas units to meet the system energy requirements at higher 
production costs. 

Both identified retirement scenarios were modeled within PROMOD. Figure shows that both scenarios 
increase the average cost of energy on the MIS0 system. The retirement of 2,919 MW of capacity will 
result in a slightly less than $1 per MWh average cost increase in 2011 dollars. The retirement of 12,652 
MW of capacity on the system leads to an average cost of energy increase near $5/MWh in 201 1 dollars. 

When carbon costs are added to the cost of energy, the average LMPs on the system increase by 
approximately $3O/MWh. In Figure , it can be seen that the 2.919 MW of retirement case results in greater 
energy costs than the 12,652 MW retirement case. This occurs because the higher retirement case was 
optimized with carbon costs considered and the higher retirements reduce carbon emissions by replacing 
coal capacity with natural gas capacity. 

-. -. . . -~ 
i 

1 Increase in Average LMP on MISO System 
i 35.03 ,- 

--I 
I 
! 

BCombo EPA Case with 13k  

i.: Combo EPA Case witli 3k 
Retirement5 and Carbon Cob 

Combo EPA C a i r  with 13k 
Retireinentr and Carbon Cost 

2026 

1 Year 
! 
L . " ,  .... . ...-.-.,.--....--.......----.....-,-I..-.-.. ~ 

34 MIS 



Figure 9.2-2: MISO average LMP impact 

Transmission reliability cost impact 
Transmission investment that would be needed to meet applicable reliability criteria after the retirement of 
2,919 MW and 12,652 MW were studied as separate scenarios, based on the expected summer peak 
system configuration in 2015. This analysis assumed that none of the retired units that caused 
transmission problems was replaced with new generation. Replacement generation dispatch was 
assumed to be sourced within the MIS0 footprint. 

Analysis indicated that although the total cost of transmission upgrades needed to ensure reliable system 
operations is relatively small, some of these upgrades may not be able to be implemented by the time 
some of the units would need to be retired due to EPA regulations. In such events, the units would need 
to make arrangements to continue operation, or firm load service could be at risk during certain hours of 
the year until the transmission upgrades could be implemented. 

The total expected transmission investment under the 2,919 MW retirement scenario involving 22 
generating stations is $580 M, of which $500 M represents estimated upgrades required for retirements at 
one station. 

The 12,652 MW scenario involved an additional 51 stations, and could require an estimated additional 
$300 M in transmission upgrades, for a total of about $880 M in transmission investment. 

Overall 160 units at 73 stations are considered more likely candidates to be considering retirement. 
Transmission system upgrades are expected to be required to maintain system reliability after retirement 
of 32 of the 160 units impacted, representing 2,901 MW of capacity. It is further expected that the 
upgrades associated with 24 of these 32 units may be able to be implemented before 2015 if these 
upgrades were committed to by the end of 2011 or early in 2012. These involve upgrades such as 
capacitor bank installations, short lower voltage transmission line additions, modest reconductoring jobs, 
or transformer upgrades at existing stations. 

The 2,919 MW retirement scenario considered the possible retirement of 45 units at 22 stations. 15 of 
these units representing 1237 MW are expected to require transmission system upgrades if retired. The 
total cost of these upgrades is about $80 M with the exception of the one plant with the estimated $500 M 
upgrade. It is expected that the $80 M of upgrades may be able to be implemented before 2015, again, if 
these upgrades were committed to by the end of 2011 or early in 2012. 

None of the impacted units are designated Black-Start units. Sixty-eight (68) units are on primary 
cranking paths of system restoration plans, and the restoration plans should be updated due to the 
unavailability of these units. One plant is identified in the system restoration plan as critical for voltage 
support for nuclear power plants, and alternative plans will need to be developed that would not require 
these units. 



10. Conclusion 
The proposed EPA regulations will have an impact on the MIS0 system. It is up to the individual utilities 
to make the decisions on the retrofit or retirement decision. Many factors will need to be considered for 
this decision. They will include the cost of retrofit compliance, the cost of replacement capacity to meet 
Resource Adequacy requirements and the cost of energy on the system. Asset owners will also consider 
the cost of needed transmission upgrades, transmission congestion, timelines for compliance and future 
regulatory uncertainties such as carbon. MIS0 addressed these issues, but the results should be 
considered indicative to what could happen throughout the system. Asset owners will have to take all the 
factors into consideration. 

I 

This study identified a set of retirements based on a low natural gas price and various levels of carbon 
costs. Future natural gas and carbon prices have a direct correlation to the amount of retirements that will 
occur. Low gas prices encourage retirement of coal units because the replacement energy costs are not 
significantly higher. However, as gas costs increase, the decision for retirement may become less. 
Increase of costs for carbon compliance could increase coal unit retirement. Uncertainty around the future 
economic and regulatory conditions makes the retirement decisions difficult for the asset owners. 

This analysis identified impacts on the resource fleet, system energy costs and the Transmission System. 
Under tariff reliability requirements, it is required that the bulk power system will maintain generation and 
transmission reliability. The EPA regulations add a constraint to the system that must be mitigated. 
Because of this, the risk of implementing the EPA regulations is not reliability, but the cost to maintain that 
reliability. Table 10-1 shows those costs identified within the MIS0 analysis. 

Table 10-1: System costs because of  implementation of EPA regulations (2011 dollars) 

The 20 year costs for both sets of retirement scenarios are less than 10 percent different in this analysis. 
The primary difference in the outputs is where the costs are allocated. It is difficult to judge which plan is 
"better." This analysis reviewed the uncertainty around carbon regulation. To determine a more likely 
scenario between the two would require additional iterations of analysis around gas, carbon and other 
sensitivity evaluation. The cost of energy within the system contains feedbacks that the models used can't 
capture. For example, higher dependence on the natural gas fleet could result in higher natural gas 
prices. At some point, equilibrium will exist at a point with a proper balance of new natural gas resources 
and gas prices. 

In addition to the cost impact there is a compliance risk with the proposed regulations. Additional 
investment in the generation fleet and the Transmission System will maintain bulk power system reliability 
- at a cost. However, another risk not addressed directly that must be recognized is the time in which 
units must be compliant. If it is determined that capacity should be retired, it would take at least two to 
three years to build a combustion turbine to replace it. Also, if Transmission System reliability requires 
bulk transmission upgrades, a minimum of five years could be required for a transmission line to become 
operational. The time from final regulation to compliance may be difficult for some situations throughout 
the system. 

MIS 
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Perhaps one of the most significant risk factors will be taking the existing units out for maintenance to 
install the needed compliance equipment. Given the tight window for compliance, much of the capacity on 
the MIS0 system will need to take their maintenance outages concurrently. The need to take multiple 

i units out of service on extended outage has significant potential to impact resource adequacy. 
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1 1. Next steps 
This analysis did not take into account sensitivities around demand and energy growth or wind 
penetration. Higher demand and energy growth may result in greater impacts around the cost of system 
compliance, as new resources to replace any retirement selection would affect the system capital 
investment and energy costs at an earlier time. Increased wind resources could suppress energy costs on 
the system, making coal retirements more likely. Both conditions could impact the amount of retirements 
further. 

Additionally, further iterations around the cost of natural gas and carbon need to be evaluated with the 
identified retirements from this analysis. This would provide additional information on the robustness of 
the results provided for what the future may hold for costs on the system. 

This analysis also assumes that the natural gas Transmission System is sufficient for the increased 
dependence on natural gas. This may or may not be true. This question is being pursued in a separate 
study to determine if there are costs being lefl out of the analysis. 

Finally, a follow-on study specifically focusing on the CSAPR is underway. This evaluation will look at the 
near term impacts that will be associated with meeting the 2012 through 2014 system requirements for 
the production of SOZ, NOx and Seasonal NOx. 



Oak Tree Hearinp - opening outline 

While the ultimate goal of this proceeding is to determine 

Northwestern's avoided cost by taking Oak Tree production ... l 
don't think we will necessarily leave this hearing with a hard and 

fast price determination. After the discovery process, studying 

testimony the law and facts----Staff does not believe either party 

has properly determined Northwestern's avoided cost. 

Unfortunately, rather than making a recommendation to you a t  

the close of this hearing regarding what, specifically, we believe 

the avoided cost to be .... we plan to make a recommendation to 

you regarding what the model and i ts  inputs should be. We still 

have some questions we hope will be answered in this 

proceeding. With that said, we believe determination of the 

following issues are the necessary steps to determine 

Northwestern's avoided cost. 

1. Issue 1 - Timeframe ... data changes in time. 

Northwestern does not dispute that it must, due to PUPRA, purchase 

energy and capacity from Oak Tree. The proper avoided cost will 

depend, however, upon when that obligation was formalized .... or when 

a legally enforceable obligation was created. 

The inputs into the avoided cost model, which ever model the 

Commission believes to be most accurate, depend upon the legally 

enforceable obligation date. While we believe there are important 



facts to consider such as: did the parties engage in good faith 

negotiations, and do the parties believe the obligation exists should this 

commission determine avoided cost to be different than proposed ... 
ultimately the question is a legal question. After gathering the facts in 

this proceeding, Staff looks forward to a briefing process to debate how 

the law applies. 

2. lssue 2 -what is the proper avoided cost model the commission 

should support. 

There are various ways to model avoided costs. You will hear about 

two entirely different ways to model avoided cost in this proceeding. 

We are not sure that 1 model is wrong and 1 is right ... but we do believe 

that the basis of Northwestern's model most accurately reflects the 

realities of a SD generating utility. 

3. lssue 3 -what are the proper model inputs. 

Although we believe the basics of the NW model are most accurate ... we 

don't necessarily believe the inputs are correct. 

a. We do not believe either party properly forecasted natural gas 

prices or electricity. 

b. We do believe a capacity element is necessary 

c. And we do believe external costs such as carbon must be 

considered in the model 

4. Finally ----- what is the proper length or term of the contract 



Again this is a legal issue and we look forward to the debate post- 

hearing. 

In conclusion----Staff hopes to provide the commission with a road map 

of the decisions we believe should be made and instructions that 

should be given to determine Northwestern's proper avoided cost. 




