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PART |

Item 1. BUSINESS

(8) General Development of Business

Otter Tail Power Company wasincorporated in 1907 under the laws of the State of Minnesota. In 2001, the name was changed to “ Otter Tail
Corporation” (the Company) to more accurately represent the broader scope of electric and nonelectric operations and the name “ Otter Tail Power
Company” was retained for use by the electric utility. The Company’s executive offices are located at 215 South Cascade Street, P.O. Box 496, Fergus
Falls, Minnesota 56538-0496 and 4334 18th Avenue SW, Suite 200, P.O. Box 9156, Fargo, North Dakota 58106-9156. Its telephone number is (866) 410
8780.

The Company makes available free of charge at itsinternet website (www.ottertail.com) its annual reports on Form 10-K, quarterly reports on Form
10-Q, current reports on Form 8-K, Forms 3, 4 and 5 filed on behalf of directors and executive officers and any amendments to these reports filed or
furnished pursuant to Section 13(a) or 15(d) of the Securities Exchange Act of 1934, as soon as reasonably practicable after such material is
electronically filed with or furnished to the Securities and Exchange Commission. |nformation on the Company’s website is not deemed to be
incorporated by referenceinto this Annual Report on Form 10-K.

In the late 1980s, the Company determined its core el ectric business was located in aregion of the country where there was little growth in the
demand for electricity. In order to maintain growth for shareholders, the Company began to explore opportunities for the acquisition and long-term
ownership of nonelectric businesses. This strategy has resulted in steady revenue growth over the years.

The Company’s strategy is to continue to develop a core regulated electric utility combined with a diversified multi-industry platform. Reliable
utility performance combined with growth opportunities at all its businesses provides long-term value. Growing the Company’s core electric utility
business provides a strong base of revenues, earnings and cash flows. The Company |ooks to its nonel ectric operating companies to provide organic
growth aswell. Organic, internal growth comes from new products and services, market expansion and increased efficiencies. The Company expects
much of its growth in the next few years will come from major capital investment at its existing companies. The Company also expects to grow through
acquisition and adheres to strict guidelines when reviewing acquisition candidates. The Company’saim isto add companies that will produce an
immediate positive impact on earnings and provide long-term growth potential. The Company believes that owning well-run, profitable companies
across different industries will bring more growth opportunities and more balance to its results. In doing this, the Company also avoids concentrating
businessrisk within asingle industry. All of the Company’s operating companies operate under a decentralized business model with disciplined
corporate oversight.

The Company assesses the performance of its operating companies over time, using the following criteria:
. ability to provide returns on invested capital that exceed the Company’s weighted average cost of capital over the long term; and
. assessment of an operating company’s business and potential for future earnings growth.

The Company isacommitted long-term owner, and therefore does not acquire companiesin pursuit of short-term gains. However, the Company may
divest operating companies that no longer fit into the Company’s strategy over the long term.
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Otter Tail Corporation and its subsidiaries conduct businessin all 50 states and in international markets. The Company had approximately 4,166
full-time employees at December 31, 2008. The businesses of the Company have been classified into six segments: Electric, Plastics, Manufacturing,
Health Services, Food Ingredient Processing and Other Business Operations.

Electric (the Utility) includes the production, transmission, distribution and sale of electric energy in Minnesota, North Dakota and South
Dakota under the name Otter Tail Power Company. In addition, the Utility is an active whol esale participant in the Midwest Independent
Transmission System Operator (MISO) markets. The electric utility operations have been the Company’s primary business since
incorporation.

Plastics consist of businesses producing polyvinyl chloride (PV C) pipein the Upper Midwest and Southwest regions of the United States.

Manufacturing consists of businesses in the following manufacturing activities: production of wind towers, contract machining, metal parts
stamping and fabrication, and production of waterfront equipment, material and handling trays and horticultural containers. These
businesses have manufacturing facilitiesin Florida, lllinois, Minnesota, Missouri, North Dakota, Oklahoma and Ontario, Canada and sell
products primarily in the United States.

Health Services consists of businessesinvolved in the sale of diagnostic medical equipment, patient monitoring equipment and related
supplies and accessories. These businesses also provide equipment mai ntenance, diagnostic imaging services and rental of diagnostic
medical imaging equipment to various medical institutions located throughout the United States.

Food Ingredient Processing consists of 1daho Pacific Holdings, Inc. (IPH), which owns and operates potato dehydration plantsin Ririe,
Idaho; Center, Colorado; and Souris, Prince Edward Island, Canada. IPH produces dehydrated potato products that are sold in the United
States, Canada and other countries. Approximately 25% of IPH’s sales in 2008 were to customers outside of the United States.

Other Business Operations consists of businessesin residential, commercial and industrial electric contracting industries, fiber optic and
electric distribution systems, wastewater and HV AC systems construction, transportation and energy services. These businesses operate
primarily in the Central United States, except for the transportation company which operatesin 48 states and four Canadian provinces.

The Company’s corporate operating costs, which include corporate staff and overhead costs, the results of the Company’s captive insurance
company and other items, are excluded from the measurement of operating segment performance. Corporate assets consist primarily of cash, prepaid
expenses, investments and fixed assets.

The Company’s €l ectric operations, including wholesale power sales, are operated as adivision of Otter Tail Corporation, and the Company’s
energy services operation is operated as asubsidiary of Otter Tail Corporation. Substantially all of the other businesses are owned by the Company’s
wholly owned subsidiary, Varistar Corporation (Varistar).




The Company considers the following guidelines when reviewing potential acquisition candidates:
. Emerging or middle market company;

. Proven entrepreneurial management team that will remain after the acquisition;

. Preference for 100% ownership of the acquired company;

. Products and servicesintended for commercial rather than retail consumer use; and

. The potential to provide immediate earnings and future growth.

The Company continues to ook for strategic acquisitions of additional businesses with emphasis on adding to existing operating companies and
expects continued growth in this area.

On May 1, 2008 the Company’s wholly owned subsidiary, BTD Manufacturing, Inc. (BTD), acquired the assets of Miller Welding & Iron Works,
Inc. (Miller Welding) of Washington, Illinoisfor $41.7 million in cash. Miller Welding, a custom job shop fabricator and finisher, recorded $26 million
in revenue in 2007. Miller Welding manufactures and fabricates parts for off-road equipment, mining machinery, oil fields and offshore oil rigs, wind
industry components, broadcast antennae and farm eguipment, and serves several major equipment manufacturersin the Peoria, Illinois areaand
nationwide, including Caterpillar, Komatsu and Gardner Denver. This acquisition will provide opportunities for growth in new and existing markets for
both BTD and Miller Welding, and complementing production capabilities will expand the scope and capacity of services offered by both companies.

The Company made significant investmentsin its existing operating companies in 2008 in order to drive organic growth in the coming years. Capital
expenditures exclusive of acquisitions totaled $266 million, including expenditures for the Utility’s portion of the Langdon and Ashtabula Wind
Energy Centers, and expansion of DMI Industries, Inc.’s (DMI) wind tower manufacturing facilitiesin West Fargo, North Dakota and Tulsa,
Oklahoma.

For adiscussion of the Company’s results of operations, see “Management’s Discussion and Analysis of Financial Condition and Results of
Operations,” which isincorporated by reference to pages 19 through 37 of the Company’s 2008 Annual Report to Sharehol ders, filed as an Exhibit
hereto.

(b) Financial Information About Industry Segments

The Company is engaged in businesses that have been classified into six segments: Electric, Plastics, Manufacturing, Health Services, Food
Ingredient Processing and Other Business Operations. Financial information about the Company’s segments and geographic areas isincorporated by
reference to note 2 of “Notes to Consolidated Financial Statements’ on pages 49 through 51 of the Company’s 2008 Annual Report to Shareholders,
filed as an Exhibit hereto.




(c) Narrative Description of Business

ELECTRIC

General

The Utility provides electricity to more than 129,000 customersin a 50,000 square mile area of Minnesota, North Dakota and South Dakota. The
Company derived 26%, 26% and 28% of its consolidated operating revenues from the Electric segment for each of the three years ended December 31,
2008, 2007 and 2006, respectively. The Company derived 95%, 45% and 48% of its consolidated income from continuing operations from the Electric
segment for each of the three years ended December 31, 2008, 2007 and 2006, respectively. The breakdown of retail revenues by state is asfollows:

State 2008 2007
Minnesota 50.2% 49.7%
North Dakota 404 40.8
South Dakota _ 94 _ 95
Total 100.0% 100.0%

Theterritory served by the Utility is predominantly agricultural. Although there are relatively few large customers, salesto commercial and
industrial customers are significant. The following table provides a breakdown of electric revenues by customer category. All other sourcesinclude
gross whol esal e sales from Utility generation, net revenue from energy trading activity and salesto municipalities.

Customer category 2008 2007
Commercia 35.9% 36.3%
Residential 30.6 304
Industrial 231 231
All other sources _104 _102
Tota 100.0% 100.0%

Whol esale electric energy kilowatt-hour (kWh) saleswere 38.7% of total kWh sales for 2008 and 28.6% for 2007. Whol esal e el ectric energy kWh
salesincreased by 62.7% between the years while revenue per kWh increased by 3.0%. Activity in the short-term energy market is subject to change
based on anumber of factorsand it is difficult to predict the quantity of wholesale power sales or prices for wholesale power in the future.

With the inception of the MI1SO Day 2 marketsin April 2005, M1SO introduced two new types of contracts, virtual transactions and Financial
Transmission Rights (FTR). Virtual transactions are of two types: Virtual Demand Bid, which isabid to purchase energy in MISO’'s Day-Ahead
Market that is not backed by physical load, and Virtual Supply Offer, which is an offer submitted by a market participant in the Day-Ahead Market to
sell energy not supported by aphysical injection or reduction in withdrawals in commitment by aresource. An FTR isafinancial contract that entitles
its holder to a stream of payments, or charges, based on transmission congestion charges calculated in MISO’s Day-Ahead Market. A market
participant can acquire an FTR from several sources: the annual or monthly FTR auction, the FTR secondary market or agrant of an FTR in
conjunction with atransmission service request. An FTR is structured to hedge a market participant’s exposure to uncertain cash flows resulting from
congestion of the transmission system. In 2008, net revenues from virtual and FTR transactions represented 0.3% of total electric energy revenues
compared with 0.1% in 2007. Asthe M1SO markets have evolved and become more efficient, profits from virtual transactions have declined.
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The aggregate population of the Utility’sretail electric service areais approximately 230,000. In this service area of 423 communities and adjacent
rural areas and farms, approximately 130,900 people live in communities having a population of more than 1,000, according to the 2000 census. The
only communities served which have a population in excess of 10,000 are Jamestown, North Dakota (15,527); Fergus Falls, Minnesota (13,471); and
Bemidji, Minnesota (11,917). As of December 31, 2008 the Utility served 129,268 customers.

Capability and Demand
As of December 31, 2008 and 2007 the Utility had owned net plant kilowatt (kW) capability asfollows:

2008 2007
Baseload plants
Big Stone Plant 256,025 kW 256,025 kW
Coyote Station 149,450 149,450
Hoot Lake Plant 144,450 144,325
Total baseload net plant capability 549,925 kW 549,800 kW
Combustion turbine and small diesel units 131,045 kW 132,744 KW
Hydroelectric facilities 3,742 KW 4,338 kW
Owned wind facilities (rated at namepl ate)
Langdon Wind Center (27 turbines) 40,500 kW —
Ashtabula Wind Center (32 turbines) 48,000 —
Total owned wind facilities 88,500 kW —

The basel oad net plant capability for Big Stone Plant and Coyote Station constitutes the Utility’s ownership percentages of 53.9% and 35%,
respectively. The Utility owns 100% of the Hoot Lake Plant. During 2008, the Utility generated about 79% of itsretail kWh sales and purchased the
balance.

In addition to the owned facilities described above the Utility had the following purchase power agreements:

2008 2007
Purchased wind agreements
(rated at nameplate and greater than 2,000 kW)
Edgeley 21,000 kW 21,000 kW
Langdon 19,500 —
Total purchased wind 40,500 kW 21,000 KW
Purchased power agreements
(in excess of 1 year and 500 kW)
Manitoba Hydro 50,000 kW 50,000 kW
WAPA 5,500 5,500
Total purchased power 55,500 kW 55,500 kW

The Utility hasadirect control load management system which provides some flexibility to the Utility to effect reductions of peak load. The Utility,
in addition, offers rates to customers which encourage off-peak usage.

The Utility’s participation in the 159 megawatt (MW) Langdon Wind Center south of Langdon, North Dakota includes the ownership of 27 wind
turbines nameplate rated at 1.5 MW each and a 25-year power purchase agreement with Langdon Wind, LL C to purchase the electricity generated
from 13 other wind turbines at the site. Construction of the 27 wind turbines owned by the Utility was completed in January 2008, adding
approximately 8,100 kW of capacity to its net winter season generating capability and 6,075 kW of capacity to its net summer season generating
capability.




In 2008, the Utility took ownership of 32 wind turbines at the 200 MW Ashtabula Wind Center under construction in Barnes County, North Dakota.
The 32 wind turbines, nameplate rated at 1.5 MW each, became commercially operational in November 2008, adding approximately 9,600 kW of
capacity to the Utility’s net winter season generating capability and 7,200 kW of capacity to its net summer season generating capability.

The Utility traditionally experiencesits peak system demand during the winter season. For the year ended December 31, 2008 the Utility
experienced a system peak demand of 765,000 kW on December 22, 2008, which was al so the highest all-time system peak demand (as reported to Mid-
Continent Area Power Pool). Taking into account additional capacity availableto it on December 22, 2008 under purchase power contracts (including
short-term arrangements), aswell asits own generating capacity, the Utility’s capability of then meeting system demand, excluding reserve
requirements computed in accordance with accepted industry practice, amounted to 959,660 kW (861,920 kW if reserve requirements are included).
The Utility’s additional capacity available under power purchase contracts (as described above), combined with generating capability and load
management control capabilities, is expected to meet 2009 system demand, including industry reserve regquirements.

Big Stonell

On June 30, 2005 the Utility and a coalition of six other electric providers entered into several agreements for the development of a second electric
generating unit, named Big Stone 11, at the site of the existing Big Stone Plant near Milbank, South Dakota. The three primary agreements are the
Participation Agreement, the Operation and Maintenance Agreement and the Joint Facilities Agreement. Central Minnesota Municipa Power Agency,
Great River Energy, Heartland Consumers Power District, Montana-Dakota Utilities Co., a Division of MDU Resources Group, Inc., Southern
Minnesota Municipal Power Agency and Western Minnesota Municipal Power Agency are partiesto all three agreements. In September 2007, Great
River Energy and Southern Minnesota Municipal Power Agency withdrew from the project. The five remaining project participants decided to
downsize the proposed plant’s nominal generating capacity from 630 MW to between 500 and 580 MW. New procedural schedul es were established
in the various project-related proceedings, which take into consideration the optimal plant configuration decided on by the remaining participants.
NorthWestern Corporation, one of the co-owners of the existing Big Stone Plant, is an additional party to the Joint Facilities Agreement.

The Participation Agreement is an agreement to jointly devel op, finance, construct, own (as tenants in common) and manage the Big Stone |1 Plant.
The Participation Agreement includes provisions which obligate the parties to the agreement to obtain financing and pay their share of development,
construction, operating and maintenance costs for the Big Stone |1 Plant. It also provides for the sharing of the plant output. Estimated construction
costs for the plant including transmission are expected to be between $1.5 billion and $1.7 billion depending upon the size of unit constructed. The
Participation Agreement provides that the Utility shall pay for and own approximately a 120 MW share of the Big Stone |1 Plant and be entitled to a
corresponding interest in the plant’s electrical output. The project participants included in the Participation Agreement a section covering withdrawal
rights due to higher than anticipated project costs. Higher than anticipated project costs give each participant certain withdrawal rights exercisable at
an agreed upon time. Under amendments to the Participation Agreement entered into in 2007, the agreed upon time has been extended to be 60 days
after the later of receipt of the written Minnesota Public Utilities Commission (MPUC) Order regarding the Transmission Certificate of Need or receipt
of aPrevention of Significant Deterioration (PSD) air permit from the South Dakota Board of Minerals and Environment. The Participation Agreement
establishes a Coordinating Committee and an Engineering and Operating Committee to manage the development, design, construction, operation and
maintenance of the Big Stone |1 Plant.




The Operation and Maintenance Agreement designates the Utility as the operator of the Big Stone |1 Plant. As operator, the Utility isrequired to
provide staff and resources for the development, design, financing, construction and operation of the Big Stone Il Plant. The other project
participants are each required to reimburse the Utility for their respective share of the costs relating to those activities. The Coordinating Committee
and the Engineering and Operating Committee, which are made up of representatives of all project participants, are authorized to supervise the Utility
initsrole as operator.

The Joint Facilities Agreement, which provided for the transfer of certain real property and easements from the Big Stone | Plant ownersto the Big
Stone || Plant participants and for the shared use of certain equipment and facilities between the two plants, terminated automatically on January 1,
2009 as aresult of the project not reaching financial close. The Joint Facilities Agreement also allocated between the two plants the costs of operation
and maintenance of the shared equipment and facilities. The Big Stone | Plant owners and Big Stone || Plant participants expect to put a new Joint
Facilities Agreement in place during 2009.

The proposed project isintended to serve the participants' native customer loads and is expected to be part of the Utility’sregulated rate base.
The project will be nominally rated between 500 and 580 MW, and it will be coal fired. The proposed project is expected to meet air emission
reguirements as prescribed by the Environmental Protection Agency (EPA) and the South Dakota Department of Environment and Natural Resources.
Black & Veatch Corporation, a Kansas City based engineering firm, has been selected to do the plant design work and provide construction
management services.

The participants have secured the permits required for construction and operation of the project, including the plant site permit, and arein the
process of securing air quality permits and certificate of need and route permits for transmission. The federal Environmental Impact Statement
(EIS) process led by the Western Area Power Administration (WAPA) continues to move forward. WAPA and its third party subcontractor continue
to develop the Final EIS, which will include comments on the Draft EIS and the Supplemental Draft EIS, and responses to those comments. WAPA will
develop aRecord of Decision (ROD) following internal review and approval of the Final EIS. The Utility anticipates publication of the ROD in the
Federal Register in the second quarter of 20009.

For more information regarding the status of the permitting process of the Big Stone 11 project, see “ General Regulation” and “ Environmental
Regulation.”

Whether Big Stone |1 is completed will depend on how the conditions are ultimately written in the Certificate of Need order by the MPUC, if the EIS
permit is obtained, if financing can be obtained and whether or not shareholders of the Company will be given an opportunity for reasonable returns.

Financial close, which requires the participants to provide binding financial commitments to support their share of costs, isto occur 90 days after
the EISROD.

As of December 31, 2008 the Utility capitalized $11.6 million in costs related to the planned construction of Big Stone I1. If the project is abandoned
for permitting or other reasons, a portion of these capitalized costs and othersincurred in future periods may be subject to expense and may not be
recoverable.

Fuel Supply

Coal isthe principal fuel burned at the Big Stone, Coyote and Hoot L ake generating plants. Coyote Station, a mine-mouth facility, burns North
Dakotalignite coal. Hoot Lake and Big Stone plants burn western subbituminous coal .
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The following table shows the sources of energy used to generate the Utility’s net output of electricity for 2008 and 2007:

2008 2007
Net Kilowatt % of Total Net Kilowatt % of Total
Hours Kilowatt Hours Kilowatt
Generated Hours Generated Hours
Sources (Thousands) Generated (Thousands) Generated
Subbituminous Coal 2,613,060 67.7% 2,273,799 67.1%
Lignite Cod 1,016,828 26.4 1,032,449 305
Hydro and Renewables 177,250 4.6 20,537 .6
Natural Gas and Qil 48,957 _ 13 59,256 _ 18
Total 3,856,095 100.0% 3,386,041 100.0%
The Utility hasthe following primary coal supply agreements:
Plant Coal Supplier Type of Coal Expiration Date
Big Stone Plant Kennecott Coal Sales Company Wyoming subbituminous December 31, 2010
Hoot Lake Plant Kennecott Coal Sales Company Wyoming subbituminous December 31, 2010
Coyote Station Dakota Westmoreland Corporation North Dakotalignite May 4, 2016

The contract with Dakota Westmoreland Corporation has a5 to 15-year renewal option subject to certain contingencies. It isthe Utility’s practice
to maintain a minimum 30-day inventory (at full output) of coal at the Big Stone Plant and a 20-day inventory at the Coyote Station and Hoot L ake

Plant.

Railroad transportation servicesto the Big Stone Plant and Hoot L ake Plant are provided under acommon carrier rate by the BNSF Railway. The
common carrier rate is subject to a mileage-based methodol ogy to assess afuel surcharge. The basis for the fuel surchargeisthe U.S. average price of
retail on-highway diesel fuel. No coal transportation agreement is needed for the Coyote Station due to its |ocation next to acoa mine.

The average cost of coal consumed (including handling charges to the plant sites) per million British Thermal Unit for each of the three years 2008,

2007 and 2006 was $1.678, $1.486 and $1.419, respectively.

The Utility is permitted by the State of South Dakotato burn some aternative fuels, including tire-derived fuel and biomass, at the Big Stone Plant.
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General Regulation

The Utility is subject to regulation of rates and other mattersin each of the three statesin which it operates and by the federal government for
certain interstate operations.

A breakdown of electric rate regulation by each jurisdiction is asfollows:

2008 2007

% of % of % of % of

Electric kWh Electric kWh

Rates Regulation Revenues Saes Revenues Sales
MN retail sales MN Public Utilities Commission 32.6% 31.7% 37.1% 34.5%

ND retail sales ND Public Service Commission 26.3 234 304 25.8

SD retail sales SD Public Utilities Commission 6.1 6.2 7.1 6.4

Transmission & wholesale Federal Energy Regulatory Commission 35.0 38.7 254 33.3
100.0% 100.0% 100.0% 100.0%

The Utility operates under approved retail electric tariffsin all three statesit serves. The Utility has an obligation to serve any customer requesting
service within its assigned serviceterritory. Accordingly, the Utility has designed its electric system to provide continuous service at times of peak
usage. The pattern of electric usage can vary dramatically during a 24-hour period and from season to season. The Utility’ stariffs provide for
continuous electric service and are designed to cover the costs of service during peak times. To the extent that peak usage can be reduced or shifted
to periods of lower usage, the cost to serve all customersis reduced. In order to shift usage from peak times, the Utility has approved tariffsin al
three states for lower rates for residential demand control, real-time pricing and controlled service and in North Dakota and South Dakota for bulk
interruptible rates. Each of these specialized rates is designed to improve efficient use of the Utility resources, while giving customers more control
over the size of their electric bill. In all three states, the Utility has approved tariffs which allow qualifying customersto release and sell energy back to
the Utility when wholesale energy prices make such transactions desirable.

The majority of the Utility's electric retail rate schedules now in effect provide for adjustmentsin rates based on the cost of fuel delivered to the
Utility’ s generating plants, as well asfor adjustments based on the cost of electric energy purchased by the Utility. Such adjustments are presently
based on a two-month moving average in Minnesota and by the Federal Energy Regulatory Commission (FERC), a three-month moving averagein
South Dakota and a four-month moving average in North Dakota. These adjustments are applied to the next billing period after becoming applicable.

The following summarizes the material regulations of each jurisdiction applicable to the Utility’s electric operations, as well as any specific electric
rate proceedings during the last three years with the Minnesota Public Utilities Commission (MPUC), the North Dakota Public Service Commission
(NDPSC), the South Dakota Public Utilities Commission (SDPUC) and the FERC. The Company’s nonel ectric businesses are not subject to direct
regulation by any of these agencies.

Minnesota: Under the Minnesota Public Utilities Act, the Utility is subject to the jurisdiction of the MPUC with respect to rates, issuance of
securities, depreciation rates, public utility services, construction of major utility facilities, establishment of exclusive assigned service areas,
contracts and arrangements with subsidiaries and other affiliated interests, and other matters. The MPUC has the authority to assess the need for
large energy facilities and to issue or deny certificates of need, after public hearings, within one year of an application to construct such afacility.
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The Minnesota Office of Energy Security (MNOES), part of the Minnesota Department of Commerce (MNDOC), is responsible for investigating all
matters subject to the jurisdiction of the MNDOC or the MPUC, and for the enforcement of MPUC orders. Among other things, the MNDOC is
authorized to collect and analyze data on energy and the consumption of energy, devel op recommendations as to energy policies for the governor
and the legislature of Minnesota and eval uate policies governing the establishment of rates and prices for energy asrelated to energy conservation.
The MNOES acts as a state advocate in matters heard before the MPUC. The MNDOC also has the power, in the event of energy shortage or for a
long-term basis, to prepare and adopt regulations to conserve and allocate energy.

In an order issued by the MPUC on August 1, 2008 the Utility was granted an increase in Minnesotaretail electric rates of $3.8 million or
approximately 2.9%, compared with the originally requested increase of approximately 6.7%. An interim rate increase of 5.4% went into effect on
November 30, 2007. The Utility will refund Minnesota customers the difference between interim rates and final rates, with interest, in March 2009.
Amounts refundabl e totaling $3.9 million have been recorded as aliability on the Company’s consolidated bal ance sheet as of December 31, 2008. The
MPUC approved arate of return on equity of 10.43% on a capital structure with 50.0% equity. The Utility deferred recognition of $1.5 millioninrate
case-related filing and administrative costsin June 2008 that are subject to amortization and recovery over three years under new rates as ordered by
the MPUC. Asaresult of an MPUC decision on reconsideration of the treatment of profit margins on the resale of electricity purchased from other
companies, the Utility will assign an amount of its costs to this unregulated activity but will not be required to credit any portion of nonasset-based
marginsto retail customers.

Under Minnesota law, every regulated public utility that furnishes electric service must make annual investments and expendituresin energy
conservation improvements, or make a contribution to the state's energy and conservation account, in an amount equal to at least 1.5% of its gross
operating revenues from service provided in Minnesota. The Next Generation Energy Act of 2007, passed by the Minnesota legislaturein May 2007,
transitions from a conservation spending goal to a conservation energy savings goal. A statewide energy conservation goal of 1.5% of the historical
three year weather normalized average megawatt hour (mWh) retail saleswas set for 2010. The Utility filed its plan to achieve these goals on June 1,
2008 for implementation in 2009 and 2010.

The MNOES may require a utility to make investments and expendituresin energy conservation improvements whenever it finds that the
improvement will result in energy savings at atotal cost to the utility less than the cost to the utility to produce or purchase an equivalent amount of a
new supply of energy. Such MNOES orders can be appeal ed to the MPUC. Investments made pursuant to such orders generally are recoverable costs
in rate cases, even though ownership of the improvement may belong to the property owner rather than the utility. Since 1995, the Utility has
recovered conservation related costs not included in base rates under Minnesota’' s Conservation Improvement Programs through the use of an
annual recovery mechanism approved by the MPUC.

Minnesotalaw requires utilities to submit to the MPUC for approval a 15-year advance integrated resource plan (IRP). The MPUC's findings of fact
and conclusions regarding resource plans shall be considered primafacie evidence, subject to rebuttal, in certificate of need hearings, rate reviews
and other proceedings. Typically, the filings are submitted every two years. The Utility submitted its most recent IRP on July 1, 2005. On June 5, 2008
the MPUC deferred approval of the Utility’s 2006-2020 |RP. The addition of 160 MW of wind generation in the |RP was approved early in 2007 and, on
January 15, 2009, the MPUC approved the Utility's 2006-2020 IRPin its entirety. As of the date of thisreport, the MPUC had not issued awritten order
reflecting its decision. This 2006-2020 | RP includes new renewable wind generation and significant demand-side management, including conservation,
new basel oad including the proposed Big Stone || power plant, natural gas-fired peaking plants and wholesal e energy purchases. The
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delaysin approval of the Big Stone Il transmission Certificate of Need in Minnesota and issuance of required permits may delay the availability of Big
Stone Il as a generation resource. Also the Utility has experienced more rapid load growth than was expected since originally filing the IRP in 2005.
The Utility is assessing ways in which to address this potential near-term generation shortfall and has requested authority from the MPUC to
immediately acquire up to 110 MW of peaking capacity. The MPUC committed to expediting a decision on this request. The Utility will be required to
fileits next IRP before the end of 2009.

The Minnesota legislature has enacted a statute that favors conservation over the addition of new resources. In addition, it has mandated the use
of renewable resources where new supplies are needed, unless the utility provesthat arenewable energy facility is not in the public interest. It has
effectively prohibited the building of new nuclear facilities. An existing environmental externality law requiresthe MPUC, to the extent practicable, to
quantify the environmental costs associated with each method of electricity generation, and to use such monetized values in eval uating resource
plans. The MPUC must disallow any nonrenewabl e rate base additions (whether within or outside of the state) or any rate recovery therefrom, and
may not approve any nonrenewable energy facility in an integrated resource plan, unless the utility proves that arenewable energy facility isnotin
the public interest. The state has prioritized the acceptability of new generation with wind and solar ranked first and coal and nuclear ranked fifth, the
lowest ranking.

In February 2007, the Minnesota legislature passed a renewabl e energy standard requiring the Utility to generate or procure sufficient renewable
generation such that the following percentages of total retail electric salesto Minnesota customers come from qualifying renewable sources: 12% by
2012; 17% by 2016; 20% by 2020 and 25% by 2025. Under certain circumstances and after consideration of costs and reliability issues, the MPUC may
modify or delay implementation of the standards. The Utility has acquired renewabl e resources and expects to acquire additional renewabl e resources
in order to maintain compliance with the Minnesota renewabl e energy standard. By the end of 2010, the Utility expects to have sufficient renewable
energy resources available to comply with the required 2012 level of the Minnesota renewable energy standard. The Utility’s compliance with the
Minnesota renewabl e energy standard will be measured through the Midwest Renewable Energy Tracking System.

Under the Next Generation Energy Act of 2007, an automatic adjustment mechanism was established to allow Minnesota electric utilitiesto recover
investments and costs incurred to satisfy the requirements of the renewable energy standards. The MPUC is now authorized to approve arate
schedulerider to enable utilitiesto recover the costs of qualifying renewable energy projects that supply renewable energy to Minnesota customers.
Cost recovery for qualifying renewable energy projects can now be authorized outside of arate case proceeding provided that such renewable
projects have received previous MPUC approval. Renewabl e resource costs eligible for recovery may include return on investment, depreciation,
operation and maintenance costs, taxes, renewable energy delivery costs and other related expenses.

In an order issued on August 15, 2008, the MPUC approved the Utility’s proposal to implement a Renewable Resource Cost Recovery Rider for its
Minnesota jurisdictional portion of investment in renewable energy facilities. The rider enables the Utility to recover from its Minnesotaretail
customers itsinvestments in owned renewable energy facilities and provides for areturn on those investments. The Renewabl e Resource Adjustment
of 0.19 cents per kWh was included on Minnesota customers’ electric service statements beginning in September 2008. The first renewable energy
project for which the Utility will receive cost recovery isits 40.5 MW ownership share of the Langdon Wind Energy Center, which became fully
operational in January 2008. The Utility has recognized a regulatory asset of $3.0 million for revenuesthat are eligible for recovery through the rider
but have not been billed to Minnesota customers as of December 31, 2008.

The Utility is awaiting adecision from the MPUC on its 2009 Rider Adjustment filing with an expected implementation date of April 1, 2009. The
2009 Rider Adjustment filing includes arequest for recovery of the Utility’sinvestment costs and expenses related to its 32 wind turbines at the
Ashtabula Wind Energy Center that became commercially operational in November 2008.
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In addition to the Renewable Resource Cost Recovery Rider, the Minnesota Public Utilities Act provides a similar mechanism for automatic
adjustment outside of ageneral rate proceeding to recover the costs of new electric transmission facilities. The MPUC may approve atariff rider to
recover the Minnesota jurisdictional costs of new transmission facilities that have been previously approved by the MPUC in a Certificate of Need
proceeding or certified by the MPUC as a Minnesota priority transmission project or investment and expenditures made to transmit the el ectricity
generated from renewable generation sources ultimately used to provide service to the utility’ sretail customers. Such transmission cost recovery
riderswould allow areturn on investments at the level approved in a utility’s last general rate case. The Utility expectsto file a proposed rider with the
MPUC to recover its share of costs of eligible transmission infrastructure upgrades projectsin 2009.

Pursuant to the Minnesota Power Plant Siting Act, the MPUC has been granted the authority to regulate the siting in Minnesota of large electric
generating facilitiesin an orderly manner compatible with environmental preservation and the efficient use of resources. To that end, the MPUC is
empowered, after an environmental impact study is conducted by the MNDOC and the Office of Administrative Law conducts contested case
hearings, to select or designate sitesin Minnesota for new electric power generating plants (50,000 kW or more) and routes for transmission lines (100
kilovolt (kV) or more) and to certify such sites and routes as to environmental compatibility.

The Utility and a coalition of six other electric providersfiled an application for a Certificate of Need for the Minnesota portion of the Big Stone |1
transmission line project on October 3, 2005 and filed an application for a Route Permit for the Minnesota portion of the Big Stone Il transmission line
project with the MPUC on December 9, 2005. On January 15, 2009, the MPUC approved, by avote of 5-0, amotion to grant the Certificate of Need and
Route Permit for the Minnesota portion of the Big Stone I transmission line. The motion involved numerous elements, including the following:

. That there is reasonabl e assurance that Big Stone |1 would be more cost-effective than renewabl e energy beyond the statutory levels of
renewabl e energy based on accepted estimates of construction costs and carbon dioxide (CO2);

. That the 345 kV transmission project is necessary based on identified regional and state transmission needs; and

. That the project presents risks requiring additional measures to protect the applicants’ ratepayers.

Therefore, the MPUC determined to grant the Certificate of Need subject to anumber of additional conditions pending issuance of afinal order,
including but not limited to: (1) fulfilling various requirements relating to renewabl e energy goals, energy efficiency, community-based energy

devel opment projects and emissions reduction; (2) that the generation plant be built asa* carbon capture retrofit ready” facility; (3) that the
applicants report to the MPUC on the feasibility of building the plant using ultra-supercritical technology; and (4) that the applicants achieve specific
limits on construction costs at $3,000/kilowatt and CO: costs at $26/ton.

The Certificate of Need and Route Permit are required by state law and would allow the Big Stone Il utilitiesto construct and upgrade 112 miles of
electric transmission linesin western Minnesotafor delivery of power from the Big Stone site and from numerous other planned generation projects,
most of which are wind energy.

The Minnesota L egislature enacted the Minnesota Energy Security and Reliability Act in 2001. Its primary focus was to streamline the siting and
routing processes for the construction of new electric
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generation and transmission projects. The bill also added to utility requirements for renewabl e energy and energy conservation. Thislegislation also
transferred environmental review authority from the Environmental Quality Board to the MNDOC.

Planning studies have shown there will be significant electric load growth and more transmission will be necessary for renewable energy in the
coming decade. Thisled to ajoint transmission planning initiative among eleven utilities that own transmission linesin Minnesota and the
surrounding region, called CapX 2020 — capacity expansion by 2020. On August 16, 2007 the eleven CapX 2020 utilities asked the MPUC to
determine the need for three 345-kV transmission lines. These lines would help ensure continued reliable electricity servicein Minnesota and the
surrounding region by upgrading and expanding the high-voltage transmission network and providing capacity for more wind energy resourcesto be
developed in southern and western Minnesota, eastern North Dakota and South Dakota. The proposed lines would span more than 600 miles and
represent one of the largest single transmission initiativesin theregion in several years. Evidentiary hearings for the Certificate of Need for the three
CapX 2020 345-kV transmission line projects began in July 2008 and continued into August 2008. The MPUC is expected to decide if the lines meet
regulatory need requirements by early 2009. The MPUC would determine routes for the new linesin separate proceedings. Portions of the lineswould
also require approvals by federal officials and by regulatorsin North Dakota, South Dakota and Wisconsin. After regulatory need is established and
routing decisions are completed (expected in 2009 or 2010), construction will begin. The lines would be expected to be completed three or four years
later. Great River Energy and Xcel Energy are leading these projects, and the Utility and eight other utilities areinvolved in permitting, building and
financing. The Utility isdirectly involved in two of these three projects and serves asthe lead utility in afourth Group 1 project, the Bemidji-Grand
Rapids 230-kV line which has an expected in-service date of 2012-2013.

The Utility filed a Certificate of Need for the fourth project on March 17, 2008. The MNOES staff completed briefing papers regarding the Bemidji-
Grand Rapids route permit application. The MNOES staff recommended to the MPUC: (1) the route permit application be found to be complete, (2) the
need determination not be sent to a contested case but be handled informally by MPUC review, and (3) the Certificate of Need and route permit
proceedings be combined as requested. The MPUC met on June 26, 2008 to act on the MNOES staff recommendation. The MPUC agreed the
Certificate of Need and route permit applications were complete. The commissioners asked the CapX 2020 utilitiesto add a section to the Certificate of
Need application addressing how the new Minnesota Conservation Improvement Programs (CIP) statutes will affect the need for the project. Because
no one hasintervened in the Certificate of Need proceeding, the MPUC will handle the Certificate of Need application as an uncontested case. The
MNOES subsequently recommended that need for the line has been established. The MPUC is expected to determine if thereis aneed for thisline
and, if appropriate, issue the route permit in spring 2010. The Utility’s 2009 — 2013 capital budgetsinclude $66 million for CapX 2020 expenditures.

In December 2005, the MPUC issued an order denying the Utility’ s request to allow recovery of certain M1SO-related costs through the fuel clause
adjustment (FCA) in Minnesotaretail rates and requiring arefund of amounts previously collected pursuant to an interim order issued in April 2005.
The Utility recorded a$1.9 million reduction in revenue and arefund payable in December 2005 to reflect the refund obligation. On February 9, 2006
the MPUC decided to reconsider its December 2005 order. The MPUC'sfinal order was issued on February 24, 2006 requiring jurisdictional investor-
owned utilitiesin the state to participate with the MNDOC and other partiesin a proceeding that would evaluate suitability of recovery of certain
MISO Day 2 energy market costs through the FCA. The February 24, 2006 order eliminated the refund provision from the December 2005 order and
allowed that any MISO-related costs not recovered through the FCA may be deferred for a period of 36 months, with possible recovery through base
ratesin the utility’s next general rate case. Asaresult, the Utility recognized $1.9 million in revenue and reversed the refund payable in February 2006.
The Minnesota utilities and other parties submitted afinal report to the MPUC in July 2006.

In an order issued on December 20, 2006 the MPUC stated that except for schedule 16 and 17 administrative costs, discussed below, each
petitioning utility may recover the chargesimposed by the
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MISO for MISO Day 2 operations (offset by revenues from Day 2 operations via net accounting) through the calculation of the utility’s FCA from the
period April 1, 2005 through a period of at least three years after the date of the order. The MPUC also ordered the utilities to refund schedule 16 and
17 costs collected through the FCA since the inception of MISO Day 2 Marketsin April 2005 and stated that each petitioning utility may use deferred
accounting for M1SO schedule 16 and 17 costs incurred since April 1, 2005. This deferred accounting may continue for ongoing schedule 16 and 17
costs, without the accumulation of interest, until the earlier of March 1, 2009 or the utility’s next electric rate case. Pursuant to this December 20, 2006
order, the Utility was ordered to refund $446,000 in MISO schedule 16 and 17 coststo Minnesotaretail customers through the FCA over atwelve-
month period beginning in January 2007. The Utility requested recovery of the deferred costs and recovery of the ongoing costsin its general rate
casefiled in October 2007 and, in January 2008, began amortizing $855,000 of deferred M1SO schedule 16 and 17 costs over a 35-month period. The
August 1, 2008 MPUC Order in the general rate case allowed future recovery of MI1SO schedule 16 and 17 costs and recovery of the deferred schedule
16 and 17 costs.

The MNDOC and the Utility identified two operational situations which are not covered in the approved method for allocating M1SO costs
contained in the final December 20, 2006 MPUC order discussed above. One relates to plants not expected to be available for retail but that produce
energy in certain hours, resulting in wholesale sales. The other situation isrelated to Financial Transmission Rights not needed for retail 1oad. For the
period July 1, 2005 through June 30, 2007, the Utility determined its Minnesota customers’ portion of costs associated with these situations to be
$765,000. The data was provided to the MNDOC during the course of the MNDOC's review of the Minnesota Annual Automatic Adjustment Report
on Energy Costs (AAA Report). The Utility offered to refund $765,000 to its Minnesota customers to settle this and other issues raised by the
MNDOC inthe AAA Report docket before the MPUC and the MNDOC accepted the offer in October 2007 and recommended that the MPUC include
therefund initsfinal order. The Utility also agreed to modifications to the M1SO Day 2 cost allocations that were resolved in the MPUC's
December 20, 2006 order. The Utility agreed to make some of those modifications retroactive back to January 1, 2007. The MPUC accepted the Utility’s
refund offer and modifications and closed this docket on February 6, 2008. In December 2007, the Utility recorded aliability and areduction to revenue
of $805,000 for the amount of the refund offer and similar revenues collected subsequent to June 30, 2007. Refunds to Minnesota customers were
completed during 2008.

Minnesotalaw requires an annual filing of a capital structure petition with the MPUC. In thisfiling the MPUC reviews and approves the capital
structure for the Company. Once the petition is approved, the Company may issue securities without further petition or approval, provided the
issuance is consistent with the purposes and amounts set forth in the approved capital structure petition. The Company’s current capital structure
petition isin effect until the MPUC issues anew capital structure order for 2009. The Company expects to fileits 2009 capital structure petition in April
and expectsto receive approval from the MPUC prior to August 31, 20009.

In September 2004 the Company provided aletter to the MPUC summarizing issues and conclusions of an internal investigation completed by the
Company related to claims of allegedly improper regulatory filings brought to the attention of the Company by certain individuals. A hearing before
the MPUC was held on February 28, 2006. As aresult of the hearing, the Utility agreed that within 90 daysit would file arevised Regulatory
Compliance Plan, an updated Corporate Cost Allocation Manual and documentation of the definitions of its chart of accounts. The Utility filed these
documents with the MPUC in the second quarter of 2006. Subsequently, at aMPUC hearing on January 25, 2007 all remaining open issues were
resolved. On two of the issues resolved, the MPUC required the Utility to include all of the Company’s short-term debt in its cal culations of allowance
for funds used during construction (AFUDC) and the Utility agreed to provide the MPUC the results of the ongoing FERC operational audit when
available. The Company recorded a noncash charge of $3.3 million in 2006 related to the disallowance of a portion of capitalized AFUDC from the
Utility’s rate base as aresult of including all of the Company’s short-term debt, regardless of use, in the Utility’s calculation of AFUDC. On
December 12, 2007, the MPUC issued its order closing the investigation subject to the Company’s continuing responsibility to file
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the report on its FERC operational audit as soon as available and subject to any further development of the record required in the Utility’ srecent
general rate case. FERC Order (IN08-6-000), resolving alleged network transmission service violations by the Utility of the Open Access Transmission
and Energy Markets Tariff of the MISO wasissued on May 29, 2008 and filed with the MPUC on June 4, 2008.

North Dakota: The Utility is subject to the jurisdiction of the NDPSC with respect to rates, services, certain issuances of securities and other
matters. The NDPSC periodically performs audits of gas and electric utilities over which it has rate setting jurisdiction to determine the reasonabl eness
of overall ratelevels. In the past, these audits have occasionally resulted in settlement agreements adjusting rate levels for the Utility. The North
Dakota Energy Conversion and Transmission Facility Siting Act grantsthe NDPSC the authority to approve sitesin North Dakota for large electric
generating facilities and high voltage transmission lines. This Act is similar to the Minnesota Power Plant Siting Act described above and appliesto
proposed new electric power generating plants of 100,000 kW or more and proposed new transmission lines of more than 115 kV. The Utility is
required to submit aten-year plan to the NDPSC annually.

The NDPSC reserves theright to review the issuance of stocks, bonds, notes and other evidence of indebtedness of a public utility. However, the
issuance by a public utility of securities registered with the Securities and Exchange Commission is expressly exempted from review by the NDPSC
under North Dakota state law.

On November 3, 2008 the Utility filed agenerd rate case in North Dakota requesting an overall revenue increase of approximately $6.1 million, or
5.1%, and an interim rate increase, to begin on January 2, 2009, of approximately 4.1%, or $4.8 million annualized. A final decision by the NDPSC on the
Utility’ srequest is expected by August 1, 2009. Interim rateswill remain in effect for all North Dakota customers until the NDPSC makes afinal
determination on the Utility’ srequest. If final rates are lower than interim rates, the Utility will refund North Dakota customers the difference with
interest.

On May 21, 2008 the NDPSC approved the Utility’s request for a Renewabl e Resource Cost Recovery Rider to enable the Utility to recover the
North Dakota share of itsinvestmentsin renewable energy facilitiesit ownsin North Dakota. The Renewable Resource Cost Recovery Rider
Adjustment of 0.193 cents per kWh was included on North Dakota customers' electric service statements beginning in June 2008. The first renewable
energy project for which the Utility will receive cost recovery isits 40.5 MW ownership share of the Langdon Wind Energy Center, which became
fully operational in January 2008. The Utility may also recover through thisrider costs associated with other new renewable energy projects as they
are completed. The Utility hasincluded investment costs and expenses related to its 32 wind turbines at the Ashtabula Wind Energy Center that
became commercially operational in November 2008 in its 2009 annual request to the NDPSC to increase the amount of the Renewable Resource Cost
Recovery Rider Adjustment. A Renewable Resource Cost Recovery Rider Adjustment rate of 0.51 cents per kWh was approved by the NDPSC on
January 14, 2009 and went into effect beginning with billing statements sent on February 1, 2009.

The Utility had not been deferring recognition of its renewable resource costs eligible for recovery under the North Dakota Renewable Resource
Cost Recovery Rider but had been charging those costs to operating expense since January 2008. After approval of therider, the Utility accrued
revenues related to itsinvestment in renewable energy and for renewable energy costs incurred since January 2008 that are eligible for recovery
through the North Dakota Renewable Resource Cost Recovery Rider. The Company’s December 31, 2008 consolidated balance sheet includes a
regulatory asset of $2.0 million for revenuesthat are eligible for recovery through the North Dakota Renewable Resource Cost Recovery Rider but that
had not been billed to North Dakota customers as of December 31, 2008.

North Dakota legislation also provides a mechanism for automatic adjustment outside of a general rate proceeding to recover jurisdictional capital
and operating costs incurred by a public utility for new or modified electric transmission facilities. However, the Utility has requested recovery of
such costsin its general rate case filed in November 2008.
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In February 2005, the Utility filed a petition with the NDPSC to seek recovery of certain MISO-related costs through the FCA. The NDPSC granted
interim recovery through the FCA in April 2005, but similar to the decision of the MPUC, conditioned the relief as being subject to refund until the
merits of the case are determined. In August 2007, the NDPSC approved a settlement agreement between the Utility and an intervener representing
several largeindustrial customersin North Dakota. Under the approved settlement agreement, the Utility refunded $493,000 of M1SO schedule 16 and
17 costs collected through the FCA from April 2005 through July 2007 to North Dakota customers beginning in October 2007 and ending in
January 2008. The Utility deferred recognition of these costs plus $330,000 in M1SO schedule 16 and 17 costs incurred from August 2007 through
December 2008 and requested recovery of these deferred costsin its general rate case filed in North Dakotain November 2008. As of December 31,
2008 the Utility had deferred $823,000 in M1SO schedule 16 and 17 costsin North Dakota, which it will amortize over 36 months beginning in
January 2009 in conjunction with the implementation of interim ratesin North Dakota. Request for approval of base rate recovery for deferred and on-
going MISO schedule 16 and 17 costs are included in the pending general rate case.

A filing in North Dakota for an advance determination of prudence of Big Stone |1 was made by the Utility in November 2006. Evidentiary hearings
were held in June 2007. The NDPSC decision was delayed because of the change in ownership of the project. On August 27, 2008, the NDPSC
determined that the Utility’s participation in Big Stone Il was prudent in arange of 121.8 to 130 MW. The NDPSC decision has been appealed to
Burleigh County District Court by intervenersin the matter. In addition, the NDPSC ordered the Utility to file, for approval, proposals to implement
demand-side management and conservation programs identified as more economic resources than Big Stone I1. Thisfiling was submitted in
February 2009.

South Dakota: Under the South Dakota Public Utilities Act, the Utility is subject to the jurisdiction of the SDPUC with respect to rates, public utility
services, establishment of assigned service areas and other matters. The Utility is not currently subject to the jurisdiction of the SDPUC with respect
to the issuance of securities. Under the South Dakota Energy Facility Permit Act, the SDPUC has the authority to approve sitesin South Dakota for
large energy conversion facilities (100,000 kW or more) and transmission lines of 115 kV or more.

On October 31, 2008 the Utility filed ageneral rate case in South Dakota requesting an overall revenue increase of approximately $3.8 million, or
15.3%, which provides for recovery of renewabl e resource investments and expensesin base rates. South Dakota rules do not provide for interim rate
increases pending approval of final rates. A final decision by the SDPUC on the Utility’srequest is expected in mid-summer 2009. Prior to this genera
rate case there have been no significant rate proceedings in South Dakota since November 1987.

The Utility and a coalition of six other electric providersfiled an Energy Conversion Facility Siting Permit Application for Big Stone Il with the
SDPUC on July 21, 2005. The permit was granted by the SDPUC on July 14, 2006 but was appealed by a group of interveners on the basis that CO2
concerns had not been adequately addressed. In February 2007 a South Dakota circuit court judge issued an opinion affirming the decision of the
SDPUC to grant the siting permit for Big Stone |1. The permit was appealed to the South Dakota Supreme Court. On January 16, 2008 the South Dakota
Supreme Court unanimously affirmed the SDPUC’ s decision to grant Big Stone || project participants asite permit. A permit application for the South
Dakota portion of the transmission line for Big Stone |1 was filed with the SDPUC on January 16, 2006 and was approved by the SDPUC on January 2,
2007.

On November 20, 2008 the South Dakota Board of Minerals and Environment unanimously approved the Big Stone || participating utilities
application for a Prevention of Significant Deterioration (PSD) permit for Big Stone |l and a proposed Title VV Operating Permit for the Big Stone site. A
PSD permit is apre-construction permit designed to protect air quality. Joint petitioners Sierra Club and Clean Water Action have appealed the
administrative decision on the PSD permit to the Circuit Court of Hughes
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County. The appeal is currently pending before the court. The issuance of the Title V permit is subject to review by the U.S. Environmental Protection
Agency (EPA). On January 22, 2009, the EPA filed aformal objection to the proposed Title V permit. The State of South Dakota has revised and
submitted a proposed permit in response to the EPA’s objection.

On January 4, 2007 the SDPUC encouraged al investor-owned utilitiesin South Dakotato be part of an Energy Efficiency Partnership to
significantly reduce energy use. On July 28, 2008 the SDPUC approved the Utility’s energy efficiency plan for South Dakota customers. The planis
being implemented with program costs, carrying costs and a financial incentive being recovered through an approved rider.

FERC: Wholesale power sales and transmission rates are subject to the jurisdiction of the FERC under the Federal Power Act of 1935, as amended.
The FERC is an independent agency, which has jurisdiction over rates for wholesal e electricity sales, transmission and sale of electric energy in
interstate commerce, interconnection of facilities, and accounting policies and practices. Filed rates are effective after aone-day suspension period,
subject to ultimate approval by the FERC.

On April 25, 2006 the FERC issued an order requiring M1SO to refund to customers, with interest, amounts related to real-time revenue sufficiency
guarantee (RSG) charges that were not all ocated to day-ahead virtual supply offersin accordance with MI1SO’s Open Access Transmission and
Energy Markets Tariff (TEMT) going back to the commencement of MISO Day 2 marketsin April 2005. On May 17, 2006 the FERC issued a Notice of
Extension of Time, permitting MISO to delay compliance with the directives contained in its April 2006 order, including the requirement to refund to
customers the amounts due, with interest, from April 1, 2005 and the requirement to submit a compliance filing. The Notice stated that the order on
rehearing would provide the appropriate guidance regarding the timing of the compliance filing. On October 26, 2006 the FERC issued an order on
rehearing of the April 25, 2006 order, stating it would not require refunds related to real-time RSG charges that had not been allocated to day-ahead
virtual supply offersin accordance with MISO’s TEMT going back to the commencement of the MISO Day 2 market in April 2005. However, the FERC
ordered prospective allocation of RSG chargesto virtual transactions consistent with the TEMT to prevent future inequity and directed MISO to
propose a charge that assesses RSG coststo virtual supply offers based on the RSG costs that virtual supply offers cause within 60 days of the
October 26, 2006 order. On December 27, 2006 the FERC issued an order granting rehearing of the October 26, 2006 order.

On March 15, 2007 the FERC issued an order denying requests for rehearing of the RSG rehearing order dated October 26, 2006. In the March 15,
2007 order on rehearing, the FERC stated that itsfindingsin the April 25, 2006 RSG order that virtual offers should share in the allocation of RSG
costs, per the terms of the currently effective tariff, served as notice to market participants that virtual offers, for those market participants
withdrawing energy, were liable for RSG charges. FERC clarified that the RSG rehearing order’ s waiver of refunds applies to the period before that
order, from market start-up in April 2005 until April 24, 2006. After that date, virtual supply offers are liable for RSG costs and therefore, to the extent
virtual supply offerswere not assessed RSG costs, refunds are due for the period starting April 25, 2006.

On November 5, 2007 the FERC issued two orders related to the RSG proceeding. In the first order, the FERC accepted the MI1SO’s April 17, 2007
RSG compliance filing to comply with the FERC's March 15, 2007 RSG order. The compliance order reinserted language requiring the actual withdrawal
of energy by market participants, restored the MISO’soriginal TEMT language allocating RSG costs to virtual transactions, revised the effective date
for allocation to imports, provided an explanation of its effortsto reflect partial-hour revenue determinationsin its software devel opment, and revised
several definitions. The second related RSG order issued by FERC on November 5, 2007 wasits order on rehearing on its April 25, 2006 order, in which
it rejected the MI1SO’s proposal to remove references to virtual supply from the TEMT provisionsrelated to cal culating RSG charges (FERC Docket
Nos. ER04-691-084 and ER04-691-086). In this order, the FERC denied the requests for rehearing of the RSG second rehearing order (the Utility was
one of the parties that sought rehearing) and FERC denied all requests for rehearing of the RSG compliance order.
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In the RSG compliance order, the FERC rejected the MI1SO’s proposal to allocate costs based on net virtual offers, i.e., virtual offers minus virtual
bids, and clarified that the currently effective tariff, which allocates RSG costs to virtual supply offers, remainsin effect. In the RSG second rehearing
order, the FERC clarified that for those market participants withdrawing energy, to the extent virtual supply offers were not assessed RSG costs,
refunds were due for the period starting April 25, 2006.

The Utility recorded a$1.7 million ($1.0 million net-of-tax) charge to earningsin the first quarter of 2007 based on an internal estimate of the net
impact of MISO reallocating RSG charges in response to the FERC order on rehearing. In May 2007, MISO informed affected market participants of the
impact of reallocating charges based on itsinterpretation of the FERC order on rehearing. Based on MISO'’ s interpretation of the order on rehearing,
the Utility estimated the reallocation of charges would not have a significant impact on earnings previously recognized by the Utility. Accordingly,
the Utility revised itsfirst quarter estimated charge of $1.7 million ($1.0 million net-of-tax) to zero in the second quarter of 2007.

On March 15, 2007 the FERC a so directed M1SO to make another compliance filing that the FERC addressed on November 7, 2008 (RSG
Compliance Order I11). In RSG Compliance Order 111, the FERC concluded that itsinterpretation in RSG |11 regarding the RSG rate denominator wasin
error and that a different interpretation applied. On November 10, 2008 the FERC issued an order on the paper hearing finding the current RSG rate
unjust and unreasonabl e and accepting an interim rate that applied RSG chargesto all virtual sales until such time that M1SO makes a subsequent
filing of the new RSG rate. In response to RSG Compliance Order 111, MISO made another compliance filing on December 8, 2008 in which it proposed
to re-resettle the RSG charges and cost all ocations back to market start to correct its previous resettlement completed in January 2008 that was based
on the FERC'sinterpretation of the RSG rate and billing determinants affirmed in RSG I11. In addition to correcting the RSG rate denominator to limit it
to only virtual sales associated with actual physical energy withdrawals, M1SO proposed additional corrections designed to reduce the denominator.
Both changes will increase the RSG rate that the Utility must pay. Also, on November 11, 2008 the FERC issued an order on rehearing of the
November 28, 2007 order on complaint. Again, where the revenue from RSG charges collected is not sufficient to make RSG payments to suppliers,
MISO recovers the shortage through an uplift charge from all load.

The Utility requested rehearing of both November 10, 2008 orders (in conjunction with the FERC's RSG Compliance Order I11). If the FERC denies
rehearing, the Utility will likely seek review at the United States Court of Appealsfor the District of Columbia Circuit (D.C. Circuit). The Utility's
principa concern in these proceedings was to ensure that the FERC did not impose refunds prior to the August 10, 2007 refund effective date. The
FERC did not impose such refunds but did offer an interpretation in support of its decision in RSG Compliance Order 111 (in ER04-691 docket) that
would subject the Utility to further RSG refunds and resettlements prior to August 10, 2007.

Since 2006, the Utility has been aparty to litigation before the FERC regarding the application of RSG charges to market participants who withdraw
energy from the market or engage in financial-only, virtual sales of energy into the market or both. These litigated proceedings occurred in several
electric rate and complaint dockets before the FERC and several of the FERC's orders are on review before the D.C. Circuit. These proceedings create
potential contingent liabilitiesin three separate periods for the Utility: (1) April 1, 2005 through April 24, 2006; (2) April 25, 2006 through August 9,
2007; and (3) August 10, 2007 forward. The Utility identified and assessed potential contingent RSG liabilities under various scenarios depending on
the time period over which the FERC ultimately orders RSG refunds. The Utility accrued aliability in 2008 based on the outcome it determined to be
most probable. The Company does not know when these litigation proceedings will conclude.

The FERC's Office of Enforcement, formerly referred to asthe Division of Audits of the Office of Market Oversight and I nvestigations, commenced
an audit in 2005 of the Utility’s transmission practices for the period January 1, 2003 through August 31, 2005. The purpose of the audit wasto
determine whether the
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Utility’ s transmission practices were in compliance with the FERC' s applicable rules, regulations and tariff requirements and whether the
implementation of the Utility’swaivers from the requirements of Order No. 889 and Order No. 2004 appropriately restricted access to transmission
information that would benefit the Utility’s off-system sales. FERC staff identified two of the Utility’s transmission practices that it believed were out
of compliance. The Utility believesits actions were in compliance with the M1SO tariff but rather than litigate, it entered into a Stipul ated Settlement
Agreement with FERC staff resolving all issues related to the audit. The FERC approved the settlement agreement on May 29, 2008 and issued FERC
Order (IN08-6-000) which resolved alleged network transmission service violations by the Utility of MISO's TEMT. The Utility agreed to pay $547,000
plusinterest of $141,000 to the Low Income Home Energy Assistance Program administered by the three states served by the Utility. This amount
represents profits earned by the Utility on transactions FERC staff believesincorrectly utilized network transmission service under MISO'sTEMT.
Enforcement staff did not seek to impose a compliance monitoring plan on the Utility because the M1SO’s Day 2 market is now operational and its
member utilities no longer schedule transmission within the system.

The Comprehensive Energy Policy Act of 2005 (the 2005 Energy Act), signed into law in August 2005, substantially affected the regulation of
energy companies, including the Utility. The 2005 Energy Act amended federal energy laws and provided the FERC with new oversight
responsibilities. Among the important changesimplemented as aresult of thislegislation were the following:

. The Public Utility Holding Company Act of 1935 (PUHCA) was repeal ed effective February 8, 2006. PUHCA significantly restricted mergers
and acquisitionsin the electric utility sector.

. FERC appointed the Electric Reliability Organization (ERO) formerly known as North American Electric Reliability Council (NERC) asan
electric reliability organization to establish and enforce mandatory reliability rules regarding the interstate el ectric transmission system. On
January 1, 2007 the ERO began operating.

. The FERC established incentives for transmission companies, such as performance based rates, recovery of costs to comply with reliability
rules and accelerated depreciation for investmentsin transmission infrastructure.

. Federal support was made available for certain clean coal power initiatives, nuclear power projects and renewable energy technol ogies.

MEMA: The Utility isamember of the Mid-Continent Energy Marketers Association (MEMA) which is an independent, non-profit trade
association representing entitiesinvolved in the marketing of energy or in providing services to the energy industry. MEMA operatesin the Mid-
Continent Area Power Pool (MAPP), MISO, Southwest Power Pool, PIM Interconnection, LLC and Southeast regions and was formed in 2003 as a
successor organization of the Power and Energy Market of MAPP. Power pool sales are conducted continuously through MEMA in accordance with
schedules filed by MEMA with the FERC.

MRO: The Utility isamember of the Midwest Reliability Organization (MRO). The MRO, a non-profit organization that replaced the MAPP
Regional Reliability Council, is one of eight Regional Reliability Councilsthat comprise the NERC. The MRO operates to ensure the reliability of the
bulk power system in the Midwest part of North America. The MRO, through its balanced stakehol der board with independent oversight, operates
independently from any member, market participant or operator, so that the standards devel oped and enforced by the MRO are fair and administered
without undue influence from market participants. The MRO is approximately 40% larger in terms of net end use load than MAPP. The MRO region
includes more than 40 members supplying approximately 280 million mWh to more than 20 million people. I1ts membership is comprised of municipal
utilities, cooperatives, investor-owned utilities, afederal power marketing agency, Canadian Crown Corporations and independent power producers.

MISO: The Utility isamember of the MISO. As expressed in FERC Order No. 2000, FERC' s view is that independent regional transmission
organizations will benefit the public interest by enhancing
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thereliability of the electric grid and providing unbiased regional grid management, nondiscriminatory operation of the bulk power transmission
system and open access to the transmission facilities under M1SO’s functional supervision. The MISO covers abroad region containing all or parts
of 20 states and one Canadian province. The MISO began operational control of the Utility’stransmission facilities above 100 kV on February 1, 2002
but the Utility continues to own and maintain its transmission assets. As the transmission provider and security coordinator for the region, the M1SO
seeks to optimize the efficiency of the interconnected system, provide regional solutions to regional planning needs and minimizerisk to reliability
through its security coordination, long-term regional planning, market monitoring, scheduling and tariff administration functions.

The MISO Energy Markets commenced operation on April 1, 2005. Through its Energy Markets, M1 SO seeks to devel op options for energy
supply, increase utilization of transmission assets, optimize the use of energy resources across awider region and provide greater visibility of data.
MISO aimsto facilitate a more cost-effective and efficient use of the wholesale bulk electric system.

The MISO Ancillary Services Market (ASM) commenced on January 6, 2009. The market facilitates the provision of Regulation, Spinning Reserve
and Supplemental Reserves. The ASM integrates the procurement and use of regulation and contingency reserves with the existing Energy Market.
The Utility has actively participated in the market since its commencement.

In December 2008 the Utility sent MISO aletter of intent to withdraw from MI1SO. This procedural step was taken to allow the Utility the
opportunity to withdraw from MISO at the end of 2009 if concerns about MISO charges born by retail customers cannot be resolved. Withdrawal from
MISO would require the Utility to secure replacement of M1SO-provided services from other sources.

MAPP: The Utility has been a participant in the MAPP generation reserve sharing pool, which operatesin parts of eight statesin the Upper
Midwest and in three provincesin Canada. Asaresult of the start up of the ASM, the Utility iswithdrawing from the generation reserve sharing pool
of MAPP. The MAPP generation reserve sharing pool provided for, among other things, the contingency reserves necessary to meet certain major
events such as the loss of alarge generating unit or atransmission line.

Other: The Utility is subject to various federal and state laws, including the Federal Public Utility Regulatory Policies Act and the Energy Policy
Act of 1992, which areintended to promote the conservation of energy and the development and use of alternative energy sources, and the 2005
Energy Act described above.

Holding Company Reorganization

The Company’s Board of Directors has authorized a holding company reorganization of the Company’s regulated utility business. Following the
completion of the holding company reorganization, Otter Tail Power Company, which is currently operated as adivision of Otter Tail Corporation, will
be operated as awholly owned subsidiary of the new parent holding company to be named Otter Tail Corporation. In connection with the
reorgani zation, each outstanding Otter Tail Corporation common share will be automatically converted into one common share of the new holding
company, and each outstanding Otter Tail Corporation cumulative preferred share will be automatically converted into one cumulative preferred share
of the new holding company having the same terms. The holding company reorganization is subject to approval by Minnesota, North Dakota and
South Dakota regulatory agencies and by the FERC, consents from various third parties and certain other conditions. In an order issued on
August 18, 2008, the FERC authorized the reorganization subject to certain conditions specified in the order. In an order issued on October 10, 2008,
the NDPSC approved the Company’s application to form a holding company. In a meeting held on October 30, 2008, the SDPUC approved the
Company’s application to form a new holding company. The MPUC approved the Company’ s request to form a holding company with certain
conditions at its hearing on December 11, 2008. There remain several business and legal steps that must be accomplished before the reorganization
can be completed.
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Competition, Deregulation and L egislation

Electric sales are subject to competition in some areas from municipally owned systems, rural electric cooperatives and, in certain respects, from on-
site generators and cogenerators. Electricity also competes with other forms of energy. The degree of competition may vary from time to time
depending on relative costs and supplies of other forms of energy. The Utility may also face competition as the restructuring of the electric industry
evolves.

The Company believesthe Utility iswell positioned to be successful in a competitive environment. A comparison of the Utility’selectric retail rates
to the rates of other investor-owned utilities, cooperatives and municipalsin the states the Utility servesindicates the Utility’ srates are competitive.

L egislative and regulatory activity could affect operationsin the future. The Utility cannot predict the timing or substance of any future legislation
or regulation. There has been no legislative action regarding electric retail choice in any of the states where the Utility operates. The Minnesota
legislature has in the past, and again is, considering | egislation which would regulate hol ding companies doing business within the state that include
in the ownership chain apublic utility. Proposed legislation would foreclose public utilities, or holding companies of which public utilitiesare
members, from acquiring an interest in acompany that is not a public utility or that does not receive 50 percent or more of its revenue from electric or
gas utility-related business. Thislegislation, if passed inits present form, could limit the Company’s ability to maintain and grow its nonelectric
businesses. The Company does not expect retail competition to come to the States of Minnesota, North Dakota or South Dakota in the foreseeable
future.

Some of the Company’s businesses could benefit from renewable energy development incentivesincluded in the American Recovery and
Reinvestment Act of 2009 recently passed by Congress.

The Utility is unable to predict the impact on its operations resulting from future regul atory activities, from future legislation or from future taxes
that may be imposed on the source or use of energy.

Environmental Regulation

Impact of Environmental Laws: The Utility’s existing generating plants are subject to stringent federal and state standards and regulations
regarding, among other things, air, water and solid waste pollution. In the five years ended December 31, 2008 the Utility invested approximately
$17.4 million in environmental control facilities. The 2009 construction budget includes approximately $0.6 million for environmental equipment for
existing facilities. The Utility’ s share of environmental expenditures for the proposed Big Stone |1 Plant is estimated to be $133 million, including the
cost of ajoint scrubber, which will be shared between the current Big Stone Plant and the proposed Big Stone |1 Plant.

Air Quality: Pursuant to the Federal Clean Air Act (the Act), the EPA has promulgated national primary and secondary standards for certain air
pollutants.

The primary fuels burned by the Utility’s steam generating plants are North Dakota lignite coal and western subbituminous coal. Electrostatic
precipitators have been installed at the principal units at the Hoot Lake Plant. Hoot Lake Plant unit 1 turbine generator, which isthe smallest of the
three coal-fired units at Hoot Lake Plant, was retired as of December 31, 2005. The Utility has retained the unit 1 boiler for use as a source of
emergency heat. A fabric filter collects particulates from stack gases on Hoot Lake Plant unit 1. Asaresult, the Utility believesthe units at the Hoot
Lake Plant currently meet all presently applicable federal and state air quality and emission standards.

During the fall of 2007 maintenance outage at the Big Stone Plant, the demonstration project Advanced Hybrid™ technology was replaced with a
pulse jet baghouse. The Big Stone Plant is currently operating within all presently applicable federal and state air quality and emission standards.
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The Coyote Station is equipped with sulfur dioxide (SO2) removal equipment. The removal equipment—referred to as a dry scrubber—consists of a
spray dryer, followed by afabric filter, and is designed to desulfurize hot gases from the stack. The fabric filter collects spray dryer residue along with
the fly ash. The Coyote Station is currently operating within all presently applicable federal and state air quality and emission standards.

The Act, in addressing acid deposition, imposed requirements on power plantsin an effort to reduce national emissions of SO2 and nitrogen oxides
(NOX).

The national SO2 emission reduction goals are achieved through a market-based system under which power plants are allocated “emissions
allowances’ that will require plantsto either reduce their emissions or acquire allowances from others to achieve compliance. Each allowanceisan
authorization to emit one ton of SO2. SO2 emission requirements are currently being met by all of the Utility’s generating facilities without the need to
acquire other allowances for compliance.

The national NOx emission reduction goals are achieved by imposing mandatory emissions standards on individual sources. Hoot Lake Plant unit 2
was governed by the phase one early opt-in provision until January 1, 2008. In order to meet the national NOx emission standards required at the Hoot
Lake Plant unit 2 in 2008, the Utility installed low NOx burners and over-fire air in the first quarter of 2008, enabling the unit to meet the annual average
emission rate. The remaining generating units meet the NOx emission regul ations that were adopted by the EPA in December 1996. All of the Utility’s
generating facilities met the NOx standards during 2008.

The EPA Administrator signed the final Interstate Air Quality Rule, also known asthe Clean Air Interstate Rule (CAIR), on March 10, 2005. The
EPA has concluded that SO2 and NOx are the chief emissions contributing to interstate transport of particulate matter less than 2.5 microns (PM2.5).
The EPA also concluded that NOx emissions are the chief emissions contributing to 0zone non-attainment. Twenty-three states and the District of
Columbiawere found to contribute to ambient air quality PM 2.5 non-attainment in downwind states. On that basis, the EPA proposed to cap SO2 and
NOx emissionsin the designated states. Minnesota was included among the twenty-three states for emissions caps. Twenty-five states were found to
contribute to downwind 8-hour ozone non-attainment. None of the statesin the Utility’s service territory were slated for NOx reduction for ambient air
quality 8-hour ozone non-attainment purposes. On July 11, 2007, the U.S. Court of Appealsfor the D.C. Circuit vacated CAIR and the CAIR federal
implementation plan inits entirety. On December 23, 2008, the court reconsidered and remanded the case without vacatur for the EPA to conduct
further proceedings consistent with the court’s prior opinion. The court did not impose a definitive deadline by which the EPA must correct CAIR. On
January 16, 2009, the EPA proposed arule that would stay the effectiveness of CAIR and the CAIR federal implementation plan for sourcesin
Minnesota while the EPA conducts notice-and-comment rulemaking on remand from the D.C. Circuit’sdecisionsin thelitigation on CAIR. Remanding
the issue to the EPA for further consideration, the court held that the EPA had not adequately addressed errors alleged by Minnesota Power in the
EPA’s analysis supporting inclusion of Minnesota. Neither the EPA nor any other party sought rehearing of this part of the court’s CAIR decision.
Given the uncertainty of the proposed rule, future EPA action and whether Minnesotawill be included in the CAIR, theimpact on Otter Tail facilities
isuncertain at thistime. Nonethel ess, NOx emissions control equipment has been installed on Hoot Lake Plant unit 2 as described above, and was
installed on unit 3 n 2007 in anticipation of having to meet CAIR requirements.

On June 15, 2005, the EPA signed the Regional Haze Best Available Retrofit Technology (BART) rule. The rule requires emissions reductions from
designated sources that are deemed to contribute to visibility impairment in Class | air quality areas. Hoot Lake Plant unit 3 and Big Stone Plant are
units that are potentially subject to emission reduction requirements. The Minnesota Pollution Control Agency (MPCA) has determined that Hoot
Lake Plant unit 3is not subject to the BART rule. A similar determination has not been made for Big Stone Plant and it remains potentially subject to
emission
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reduction requirements. At the request of the South Dakota Department of Environment and Natural Resources (DENR), the Utility agreed to model
Big Stone emissions to evaluate the impact of plant emissionson Class | air quality areas. The modeling effort was completed and the final report
submitted to the DENR on March 19, 2008. Although the DENR has not as yet acted on the report, the report concluded that Big Stone does not
contribute to visibility impairment in Class | air quality areas and is exempt from the BART process. The Utility has responded to questions and
comments posed by the reviewing agencies and has provided arevised modeling protocol for consideration by the DENR, the EPA and the Federal
Land Managers. The state rule revisions were due by January 2008, but South Dakota rule revisions have been delayed. Given the regulatory
uncertainties at thistime, it is not possible to assess to what extent this regulation will impact the Utility.

The Act callsfor EPA studies of the effects of emissions of listed pollutants by electric steam generating plants. The EPA has completed the
studies and submitted reportsto Congress. The Act required the EPA to make a finding as to whether regulation of emissions of hazardous air
pollutants from fossil fuel-fired electric utility generating unitsis appropriate and necessary. On December 14, 2000 the EPA announced it affirmatively
decided to regulate mercury emissions from electric generating units. The EPA published the proposed mercury rule on January 30, 2004. The
proposal included two options for regul ating mercury emission from coal-fired electric generating units. One option would set technol ogy-based
maximum achievable control technology standards under paragraph 111(d) of the Act. The other option embodied a market-based cap and trade
approach to emissions reduction. The EPA published final rulesin May 2005 based on the cap and trade approach. On October 28, 2005 the EPA
announced areconsideration of portions of the final rules. Final rules were published on June 9, 2006 that maintained the cap and trade approach. On
February 8, 2008, the United States Court of Appealsfor the D.C. Circuit granted petitions for review of the EPA rules and vacated the rules that
would have allowed the EPA to regulate mercury emissions based on a cap and trade approach. On March 14, 2008, the U.S. Court of Appealsfor the
D.C. Circuit issued a mandate vacating the EPA final rule regulating utility mercury emissions. EPA rulemaking is slated to proceed under the maximum
achievable control technologies (MACT) provision of the Clean Air Act section 112(d) for existing units and section 112(g) case-by-case MACT
provisionsfor affected new units. Given the potential for legal challenges and regulatory uncertainties associated with the EPA’s revised rulemaking,
itisnot possibleto assess to what extent the court’s recent decision will impact the Utility.

In 1998, the EPA announced its New Source Review Enforcement Initiative targeting coal-fired utilities, petroleum refineries, pulp and paper mills
and other industries for alleged violations of EPA’s New Source Review rules. These rules require owners or operators that construct new major
sources or make major modifications to existing sources to obtain permits and install air pollution control equipment at affected facilities. The EPA is
attempting to determine if emission sources violated certain provisions of the Act by making major modifications to their facilities without installing
state-of-the-art pollution controls. On January 2, 2001 the Utility received arequest from the EPA, pursuant to Section 114(a) of the Act, to provide
certain information relative to past operation and capital construction projects at the Big Stone Plant. The Utility responded to that request. In
March 2003 the EPA conducted areview of the plant’s outage records as a follow-up to their January 2001 data request. A copy of the designated
documents was provided to the EPA on March 21, 2003. On January 8, 2009, the Utility received another request from EPA Regions 5 and 8, pursuant
to Section 114(a) of the Act, to provide certain information relative to past operation and capital construction projects at the Big Stone Plant, Coyote
Station and Hoot Lake Plant. The Utility plansto file atimely response to the request. At thistime the Utility cannot determine what, if any, actions
will be taken by the EPA.

The EPA issued changes to the existing New Source Review rules with respect to routine maintenance and repair and replacement activitiesin its
Equipment Replacement Provision Rule on October 27, 2003. However, the U.S. Court of Appealsfor the D.C. Circuit issued an order which stayed the
effective date of the Equipment Replacement Provision rule pending judicial review. In aMarch 2006 decision the U.S. Court of Appealsfor the D.C.
Circuit struck down the EPA’ s Equipment Replacement
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Provision. The EPA petitioned the original three-judge panel to reconsider itsruling and, at the same time, petitioned all of the court’s judges to rehear
the panel’s decision. In June 2006, the judges denied both requests. The Department of Justice, on behalf of the EPA, and the Utility Air Regulatory
Group filed a petition with the U.S. Supreme Court in November 2006 asking the Court to overturn the D.C. Circuit Court’s decision to vacate the
Equipment Replacement Provision. The petition was denied. On April 25, 2007, the EPA issued its supplemental proposal on the New Source Review
Emissions Increase Rule and afinal rule was expected. However, on December 10, 2008 the EPA announced that it decided not to finalize the proposed
rule.

On November 20, 2006, the Sierra Club notified the Utility and the two other Big Stone Plant co-owners of its intent to sue alleging violations of the
PSD requirements of the Act at the Big Stone Plant with respect to three past plant activities. The Sierra Club stated that unless the matter is
otherwise fully resolved, it intendsto file suit in the applicable district courts any time 60 days after November 20, 2006. On June 10, 2008 the Sierra
Club filed acomplaint in the U.S. District Court for the District of South Dakota (Northern Division) against the Company and two other co-owners of
the Big Stone Plant. The complaint alleges certain violations of the Prevention of Significant Deterioration and New Source Performance Standards
(NSPS) provisions of the Clean Air Act and certain violations of the South Dakota State Implementation Plan (South Dakota SIP). The action further
alleges the defendants modified and operated Big Stone without obtaining the appropriate permits, without meeting certain emissions limits and NSPS
requirements and without installing appropriate emission control technology, all allegedly in violation of the Clean Air Act and the South Dakota SIP.
The Sierra Club alleges the defendants’ actions have contributed to air pollution and visibility impairment and have increased the risk of adverse
health effects and environmental damage. The Sierra Club seeks both declaratory and injunctive relief to bring the defendants into compliance with
the Clean Air Act and the South Dakota SIP and to require the defendants to remedy the alleged violations. The Sierra Club also seeks unspecified
civil penalties, including a beneficial mitigation project. The Company believes these claims are without merit and that Big Stone has been and is being
operated in compliance with the Clean Air Act and the South Dakota SIP. The Utility and the co-owners have filed amotion to dismissthat is
presently pending before the Court. The ultimate outcome of these matters cannot be determined at thistime.

On September 22, 2008, the Sierra Club notified the Utility and the two other Big Stone Plant co-owners of itsintent to sue alleging violations of the
PSD and NSPS requirements of the Clean Air Act with respect to two past plant activities. The Sierra Club stated that unless the matter is otherwise
fully resolved, it intended to file suit in the applicable district courts any time 60 days after the September 22, 2008 letter. As of the date of thisreport
the Sierra Club has not filed suit in the applicable district courts. The Utility believes that the Big Stone Plant isin material compliance with al
applicable requirements of the Act.

The Coyote Station is subject to certain emission limitations under the PSD program of the Act. The EPA and the North Dakota Department of
Health reached an agreement to identify a process for resolving several issues relating to the modeling protocol for the state’s PSD program.
Modeling was completed and the results were submitted to the EPA for itsreview. On April 19, 2005 the North Dakota Department of Health held a
Periodic Review Hearing relating to the PSD Air Quality Modeling Report that was submitted to the EPA. One of the Hearing Officer’s Findings and
Conclusion was that the air quality relating to impacts of SO2 emissionsis being adequately protected and that at 2002-2003 SO2 emission levelsthe
relevant Class | increments are not violated.

Theissue of global climate change and the connection between global warming and increased levels of CO2 —a greenhouse gas (GHG)—in the
atmosphere is receiving increased attention. Combustion of fossil fuels for the generation of electricity isamajor stationary source of CO2 emissions
in the United States and globally. The Utility isan owner or part-owner of three baseload, coal-fired electricity generating plants and four fuel-oil or
natural gas-fired combustion turbine peaking plants with a combined generating capability of 679 MW. In 2008, these plants emitted approximately
4.4 million tons of COz.
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The Utility monitors and eval uates the possible adoption of national, regional, or state climate change and GHG legislation or regulations that
would affect electric utilities. Debate continuesin Congress on the direction and scope of U.S. policy on climate change and regulation of GHGs.
Although several bills have been introduced in Congress that would compel reductionsin CO2 emissions, there are presently no federal mandatory
GHG reduction requirements. The likelihood of any federal mandatory CO2 emissions reduction program being adopted by Congressin the near
future, and the specific requirements of any such program, isuncertain. In April 2007, however, the U.S. Supreme Court issued a decision that
determined that the EPA has authority to regulate CO2 and other GHGs from automobiles as “air pollutants’ under the Clean Air Act. The Supreme
Court sent the case back to the EPA, which must conduct arulemaking to determine whether GHG emissions contribute to climate change “which may
reasonably be anticipated to endanger public health or welfare.” While this case addressed a provision of the Clean Air Act related to emissions from
motor vehicles, aparallel provision of the Clean Air Act appliesto stationary sources such as electric generators. Additionally, the EPA has
announced that it plansto reconsider its decision to deny California s request for awaiver under the Act. If granted, the waiver would alow California
to put into place motor vehicle standards to address GHG emissions. Finally, on July 11, 2008, the EPA issued an advance notice of proposed
rulemaking on regulating GHG emissions under the Clean Air Act. Unless the Congress enacts | egislation directing otherwise, the EPA could begin to
regulate GHG emissions under the Act. The specific requirements of regulation under the Act’s various programs, and thus their impact on the Utility,
are uncertain at thistime.

Although standards have not been devel oped at the national level, several states and regional organizations are developing, or already have
developed, state-specific or regional legislative initiatives to reduce GHG emissions through mandatory programs. In 2007, the state of Minnesota
passed | egislation regarding renewable energy portfolio standards that will require retail electricity providersto obtain 25% of the electricity sold to
Minnesota customers from renewabl e sources by the year 2025. The Minnesota L egislature set a January 1, 2008 deadline for the MPUC to establish
an estimate of the likely range of costs of future CO2 regulation on electricity generation. The legislation also set state targets for reducing fossil fuel
use, included goals for reducing the state's output of GHGs, and restricted importing electricity that would contribute to statewide power sector CO>
emission. MPUC, inits order dated December 21, 2007, has established an estimate of future CO2 regulation cost at between $4/ton and $30/ton
emitted in 2012 and after. Annual updates of the range are required, and the MPUC currently has a docket outstanding in which they have solicited
commentsin regard to establishing the 2009 annual update of estimates of the likely range of costs of future CO2 regulation on electricity regulation.

The states of North Dakota and South Dakota currently have no proposed or pending legislation related to the regul ation of GHG emissions, but
North Dakota and South Dakota have 10% renewabl e energy objectives.
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While the eventual outcome of proposed and pending climate change legislation and GHG regulation is unknown, the Utility istaking stepsto
reduce its carbon footprint and mitigate levels of CO. emitted in the process of generating electricity for its customers through the following
initiatives:

. Supply efficiency and reliability: Between 1990 and 2005, the Utility decreased its COz intensity (Ibs. of CO2 /mWh generated) nearly 11%.
The Utility plans to more than doubl e that reduction by 2025. Big Stone |1, the Utility proposed new generating plant is designed to
incorporate supercritical pulverized coal technology that will increase plant efficiency by 20% and produce fly-ash that can replace cement in
making concrete. In addition, transmission capacity above that which was needed for the plant was included in order to encourage regional
wind energy development.

. Conservation: Since 1992 the Utility has hel ped its customers conserve more than 1 million mWh of electricity. That is roughly equivalent to
the amount of electricity that 90,000 average homes would have used in ayear. The Utility continues to educate customers about energy
efficiency and demand-side management and to work with regulators to develop new programs and measurements. The Utility’sintegrated
resource plan calls for an additional 98 MW of conservation impacts by 2020.

. Renewable energy: Since 2002 the Utility’s customers have been able to purchase 100% of their electricity from wind generation through the
Utility’s TailWinds program. The MPUC has approved 160 MW of new wind generation in the most recent resource plan filing. Of that, 19.5
MW of purchased power agreements came on-line in December 2007 and 88.5 MW of owned wind resources were on-line by December 2008.
Other projects are in the devel opment phase and are expected to come on-linein the 2009 — 2010 time periods. The Utility has purchased al
the electricity generated by fourteen 1.5 MW wind turbines located in southeastern North Dakota since 2004. The Utility supports
Minnesota’ s new law requiring 25% of the electricity sold to Minnesota customers be obtained from renewabl e resources by 2025, especialy
with its customer protection provisions. This new law was based on the MPUC’s Wind Integration Study, which assumed in its baseline the
construction of the Big Stone Il power plant and associated transmission. The Utility supports renewable energy objectivesin North Dakota
and South Dakotathat 10% of all retail electricity sold within the states by the year 2015 is obtained from qualifying renewabl e energy
sources.

. Other: The Utility will continue to participate as amember of the EPA’s SFe (sulfur hexafluoride) Emission Reduction Partnership for Electric
Power Systems program. The partnership proactively istargeting areduction in emissions of SFe, apotent GHG. SFs has a global-warming
potential 23,900 times that of CO». The Utility isinvolved in apilot project to use methane from a municipal waste water treatment plant to
generate electricity and is also studying the potential for other methane-related projects. M ethane has a global-warming potential 20 times
that of CO». The Utility participatesin carbon sequestration research through the Plains CO2 Reduction Partnership (PCOR) through the
University of North Dakota s Energy and Environment Research Center. The PCOR Partnership is a collaborative effort of more than 50
public and private sector stakeholders working toward a better understanding of the technical and economic feasibility of capturing and
storing anthropogenic CO2 emissions from stationary sourcesin the central interior of North America.

While the future financial impact of any proposed or pending climate change legislation or regulation of GHG emissionsis unknown at thistime,
any capital and operating costsincurred for additional pollution control equipment or CO2 emission reduction measures, such as the cost of
sequestration or purchasing allowances, or offset credits, or the imposition of a carbon tax or cap and trade program at the state or federal level could
materially adversely affect the Company’s future results of operations, cash flows, and possibly financial condition, unless such costs could be
recovered through regulated rates and/or future market prices for energy.
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Water Quality: The Federal Water Pollution Control Act Amendments of 1972, and amendments thereto, provide for, among other things, the
imposition of effluent limitations to regulate discharges of pollutants, including thermal discharges, into the waters of the United States, and the EPA
has established effluent guidelines for the steam el ectric power generating industry. Discharges must also comply with state water quality standards.

On February 16, 2004 the EPA Administrator signed the final Phase 11 rule implementing Section 316(b) of the Clean Water Act establishing
standards for cooling water intake structures for certain existing facilities. Hoot Lake Plant isthe Utility’s only facility that could be impacted by this
rule. On January 25, 2007 the U.S. Court of Appealsfor the Second Circuit remanded portions of the rule to the EPA. The Utility has completed an
information collection program for the Hoot L ake Plant cooling water intake structure, but given the Court decision the Utility is uncertain of the
impact on the facility at thistime.

The Utility has all federal and state water permits presently necessary for the operation of the Coyote Station, the Big Stone Plant and the Hoot
Lake Plant. The Utility owns five small dams on the Otter Tail River, which are subject to FERC licensing requirements. A licensefor all five damswas
issued on December 5, 1991. Total nameplate rating (manufacturer’s expected output) of the five damsis 3,450 kW.

Solid Waste: Permitsfor disposal of ash and other solid wastes have either been issued or are under renewal for the Coyote Station, the Big Stone
Plant and the Hoot L ake Plant.

At the request of the MPCA, the Utility has an ongoing investigation at its former, closed Hoot L ake Plant ash disposal sites. The MPCA
continues to monitor site activities under their Voluntary Investigation and Cleanup Program. The Utility provided arevised focus feasibility study for
remediation alternatives to the MPCA in October 2004. The Utility and the MPCA have reached an agreement identifying the remediation technology
and the Utility completed the projectsin 2006. The effectiveness of the remediation is under evaluation.

The EPA has promulgated various solid and hazardous waste regul ations and guidelines pursuant to, among other laws, the Resource
Conservation and Recovery Act of 1976, the Solid Waste Disposal Act Amendments of 1980 and the Hazardous and Solid Waste Amendments of
1984, which provide for, among other things, the comprehensive control of various solid and hazardous wastes from generation to final disposal. The
States of Minnesota, North Dakota and South Dakota have al so adopted rules and regul ations pertaining to solid and hazardous waste. To date, the
Utility hasincurred no significant costs as aresult of these laws. The future total impact on the Utility of the various solid and hazardous waste
statutes and regul ations enacted by the federal government or the States of Minnesota, North Dakota and South Dakotais not certain at thistime.

In 1980, the United States enacted the Comprehensive Environmental Response, Compensation and Liability Act, commonly known as the Federal
Superfund law, which was reauthorized and amended in 1986. In 1983, Minnesota adopted the Minnesota Environmental Response and Liability Act,
commonly known as the Minnesota Superfund law. In 1988, South Dakota enacted the Regulated Substance Discharges Act, commonly known as the
South Dakota Superfund law. In 1989, North Dakota enacted the Environmental Emergency Cost Recovery Act. Among other requirements, the
federal and state acts establish environmental response funds to pay for remedial actions associated with the release or threatened rel ease of certain
regulated substancesinto the environment. These federal and state Superfund laws also establish liability for cleanup costs and damage to the
environment resulting from such release or threatened rel ease of regulated substances. The Minnesota Superfund law also creates liability for
personal injury and economic loss under certain circumstances. The Utility has not incurred any significant coststo date related to these laws. The
Utility is not presently named as a potentially responsible party under the federal or state Superfund laws.

27




Capital Expenditures

The Utility is continually expanding, replacing and improving its electric facilities. During 2008, approximately $199 million was invested for
additions and replacementsto its electric utility properties. During the five years ended December 31, 2008 gross electric property additions, including
construction work in progress, were approximately $400.7 million and gross retirements were approximately $58.8 million.

The Utility estimates that during the five-year period 2009-2013 it will invest approximately $698 million for electric construction, which includes
$395 million for its share of expected expenditures for construction of the planned Big Stone 1 electric generating plant and related transmission
assetsif all necessary permits and approvals are granted on atimely basis and $66 million for anticipated expansion of transmission capacity in
Minnesota. Other significant portions of the 2009-2013 capital budgets include wind generation projects and upgrades to the Utility’ stransmission
system. If Big Stone |l isnot built, budgeted amounts for that project will be applied to alternative basel oad generation projects that will be needed to
meet the Utility’ s future generation requirements. In addition the Utility continues to review another wind project called the Luverne Wind Farm. The
expected cost of this49.5 MW project is $100 to $110 million and is not included in five-year estimate above. This project is subject to the Utility's
ability to obtain acceptable financing terms and approval by the Company’s Board of Directors.

Franchises

At December 31, 2008 the Utility had franchises to operate as an electric utility in all but three incorporated municipalitiesthat it serves. All
franchises are nonexclusive and generally were obtained for 20-year terms, with varying expiration dates. No franchises are required to serve
unincorporated communitiesin any of the three states that the Utility serves. The Utility believesthat its franchises will be renewed prior to
expiration.

Employees

At December 31, 2008 the Utility had approximately 697 equivalent full-time employees. A total of 421 employees are represented by local unions of
the International Brotherhood of Electrical Workers. One labor contract was renewed in the fall of 2005 and has an expiration date in the fall of 2009.
The other labor contract was renewed in the fall of 2008 and will expireinthefall of 2011. The Utility has not experienced any strike, work stoppage or
strike vote, and considers its present rel ations with employees to be good.
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PLASTICS

General

Plastics consist of businesses producing PV C pipein the Upper Midwest and Southwest regions of the United States. The Company derived 9%,
12% and 15% of its consolidated operating revenues from the Plastics segment for each of the three years ended December 31, 2008, 2007 and 2006,
respectively. The Company derived 5%, 15% and 28% of its consolidated income from continuing operations from the Plastics segment for each of the
three years ended December 31, 2008, 2007 and 2006, respectively.

Thefollowing isabrief description of these businesses:

Northern Pipe Products, Inc. (Northern Pipe), located in Fargo, North Dakota, manufactures and sells PV C pipe for municipal water, rural water,
wastewater, storm drainage systems and other uses in the Northern, Midwestern and Western regions of the United States as well as Central and
Western Canada. Production facilities are located in Fargo, North Dakota and Hampton, lowa.

Vinyltech Corporation (Vinyltech), located in Phoenix, Arizona, manufactures and sells PV C pipe for municipa water, wastewater, water reclamation
systems and other uses in the Western, Southwestern and South-central regions of the United States.

Together these companies have the current capacity to produce approximately 220 million pounds of PV C pipe annually. The companieswill have
the capacity to produce approximately 300 million pounds annually once planned expansions are completed and brought on-line.

Customers

PV C pipe products are marketed through a combination of independent sales representatives, company sal espersons and customer service
representatives. Customers for the PV C pipe products consist primarily of wholesalers and distributors throughout the Upper Midwest, Southwest
and Western United States.

Competition

The plastic pipe industry is highly fragmented and competitive, due to the large number of producers, the small number of raw material suppliers
and the fungible nature of the product. Due to shipping costs, competition isusually regional, instead of national, in scope. The principal areas of
competition are acombination of price, service, warranty and product performance. Northern Pipe and Vinyltech compete not only against other
plastic pipe manufacturers, but also ductileiron, steel, concrete and clay pipe producers. Pricing pressure will continue to affect operating marginsin
the future.

Northern Pipe and Vinyltech intend to continue to compete on the basis of their high quality products, cost-effective production techniques and
close customer relations and support.

Manufacturing and Resin Supply

PV C pipeis manufactured through a process known as extrusion. During the production process, PV C compound (a dry powder-like substance) is
introduced into an extrusion machine, whereit is heated to a molten state and then forced through a sizing apparatus to produce the pipe. The newly
extruded pipeisthen pulled through a series of water cooling tanks, marked to identify the type of pipe and cut to finished |engths. Warehouse and
outdoor storage facilities are used to store the finished product. Inventory is shipped from storage to distributors and customers mainly by common
carrier.
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The PVC resinsare acquired in bulk and shipped to point of use by rail car. Over the last several years, there has been consolidation in PVC resin
producers. There are alimited number of third party vendors that supply the PV C resin used by Northern Pipe and Vinyltech. Two vendors provided
approximately 94% and 95% of total resin purchasesin 2008 and 2007, respectively. The supply of PV C resin may also be limited primarily dueto
manufacturing capacity and the limited availability of raw material components. A majority of U.S. resin production plants are located in the Gulf Coast
region, which is subject to risk of damage to the plants and potential shutdown of resin production because of exposure to hurricanes that occur in
that part of the United States. The loss of akey vendor, or any interruption or delay in the supply of PV C resin, could disrupt the ability of the Plastics
segment to manufacture products, cause customersto cancel orders or require incurrence of additional expensesto obtain PV C resin from alternative
sources, if such sources were available. Both Northern Pipe and Vinyltech believe they have good relationships with their key raw material vendors.

Due to the commodity nature of PV C resin and PV C pipe and the dynamic supply and demand factors worldwide, historically the markets for both
PV C resin and PV C pipe have been very cyclical with significant fluctuationsin prices and gross margins.

Capital Expenditures

Capital expendituresin the Plastics segment typically include investments in extrusion machines, land and buildings and management information
systems. During 2008, capital expenditures of approximately $9 million were made in the Plastics segment. Total capital expendituresfor the five-year
period 2009-2013 are estimated to be approximately $18 million. Estimated capital expenditures include approximately $2 million for remaining plant
expansion costs at Vinyltech. New plant expansion capacity is not expected to be brought on-line until the economy improves and demand for PVC
pipeincreases. Vinyltech's plant expansion will include a new resin-blending system and two additional extrusion lines which will increase production
capacity by 40% once they have been completed and brought on-line.

Employees
At December 31, 2008 the Plastics segment had approximately 130 full-time employees.

MANUFACTURING

General

Manufacturing consists of businesses engaged in the following activities: production of wind towers, contract machining, metal parts stamping
and fabrication, and production of waterfront equipment, material and handling trays and horticultural containers.

The Company derived 36%, 31% and 28% of its consolidated operating revenues from the Manufacturing segment for each of the three years
ended December 31, 2008, 2007 and 2006, respectively. The Company has one customer within the Manufacturing segment that accounted for
approximately 10.6% of the Company’s consolidated revenuesin 2008. The Company derived 15%, 29% and 26% of its consolidated income from
continuing operations from the Manufacturing segment for each of the three years ended December 31, 2008, 2007 and 2006, respectively. The
following is abrief description of each of these businesses:

BTD Manufacturing, Inc., with headquarterslocated in Detroit Lakes, Minnesota, isametal stamping and tool and die manufacturer that provides
its services mainly to customersin the Midwest. BTD stamps, fabricates, welds and laser cuts metal components according to manufacturers
specifications primarily for the recreation vehicle, gasfireplace, health and fitness
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and enclosure industries. BTD’swholly owned subsidiary, Miller Welding, islocated in Washington, Illinois and manufactures and fabricates
partsfor off-road equipment, mining machinery, oil fields and offshore oil rigs, wind industry components, broadcast antennae and farm
equipment, and serves several major equipment manufacturersin the Peoria, Illinois areaand nationwide, including Caterpillar, Komatsu and
Gardner Denver.

DMI Industries, Inc., with headquarterslocated in West Fargo, North Dakota, engineers and manufactures wind towers and other heavy metal
fabricated products. DM has manufacturing facilitiesin West Fargo, North Dakota; Tulsa, Oklahoma; and Fort Erie, Ontario, Canada. DMI hasa
wholly owned subsidiary, DMI Canada, Inc. located in Fort Erie, Ontario, Canada.

ShoreMaster, Inc., with headquartersin Fergus Falls, Minnesota, produces and markets residential and commercial waterfront equipment, ranging
from boatlifts and docks to full marina systems that are marketed throughout the United States. ShoreMaster has four wholly owned subsidiaries,
GalvaFoam Marine Industries, Inc., Shoreline Industries, Inc., Aviva Sports, Inc., and ShoreMaster Costa Rica Limitada. ShoreMaster has
manufacturing facilities located in Fergus Falls and Pine River, Minnesota; Camdenton and Montreal, Missouri; and St. Augustine, Florida.

T.O. Padtics, Inc. (T.O. Plastics), located in Minneapolis and Clearwater, Minnesota, manufactures and sells thermoformed products for the
horticulture industry throughout the United States. In addition, T. O. Plastics produces products such as clamshell packing, blister packs,
returnable pallets and handling trays for shipping and storing odd-shaped or difficult-to-handle parts for other industries.

Competition

The various markets in which the Manufacturing segment entities compete are characterized by intense competition from both foreign and
domestic manufacturers. These markets have many established manufacturers with broader product lines, greater distribution capabilities, greater
capital resources, excess capacity, labor advantages and larger marketing, research and development staffs and facilities than the Company’s
manufacturing entities.

The Company believes the principal competitive factorsin its Manufacturing segment are product performance, quality, price, ease of use,
technical innovation, cost effectiveness, customer service and breadth of product line. The Company’s manufacturing entities intend to continue to
compete on the basis of high-performance products, innovative technol ogies, cost-effective manufacturing techniques, close customer relations and
support, and increasing product offerings.

Raw Materials Supply

The companies in the Manufacturing segment use avariety of raw materialsin the products they manufacture, including steel, aluminum, lumber,
resin and concrete. Both pricing increases and availability of these raw materials are concerns of companiesin the Manufacturing segment. The
companies in the Manufacturing segment attempt to pass the increases in the costs of these raw materialson to their customers. Increasesin the
costs of raw materials that cannot be passed on to customers could have a negative effect on profit margins in the Manufacturing segment.

Backlog
The Manufacturing segment has backlog in place to support 2009 revenues of approximately $241 million compared with $295 million one year ago.
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Legislation

The demand for wind towers manufactured by DMI dependsin part on the existence of either renewabl e portfolio standards or afederal production
tax credit for wind energy. Renewable portfolio standards or objectives exist in approximately one-half of the states. A federal production tax credit is
in place through December 31, 2013.

Capital Expenditures

Capital expendituresin the Manufacturing segment typically include additional investments in new manufacturing equipment or expendituresto
replace worn-out manufacturing equipment. Capital expenditures may also be made for the purchase of land and buildings for plant expansion and for
investments in management information systems. During 2008, capital expenditures of approximately $48 million were made in the Manufacturing
segment driven mainly by the DMI expansion projects in West Fargo, North Dakota and Tulsa, Oklahoma. Total capital expendituresfor the
Manufacturing segment during the five-year period 2009-2013 are estimated to be approximately $115 million. Thisinvestment is primarily to replace
existing equipment at the manufacturing companies.

Employees
At December 31, 2008 the Manufacturing segment had approximately 1,850 full-time employees.

HEALTH SERVICES

General

Health Services consists of the DM S Health Group, which includes businesses involved in the sale of diagnostic medical equipment, patient
monitoring equipment and related supplies and accessories. These businesses also provide equipment maintenance, diagnostic imaging services, and
rental of diagnostic medical imaging equipment.

The Company derived 9%, 11% and 12% of its consolidated operating revenues from the Health Services segment for each of the three years
ended December 31, 2008, 2007 and 2006, respectively. The decline in revenues between 2007 and 2008 reflects a change from the traditional
dealership distribution of salesto an increase in manufacturer-direct sales commissions. The Company derived less than 1%, 3% and 4% of its
consolidated income from continuing operations from the Health Services segment for each of the three years ended December 31, 2008, 2007 and
2006, respectively. The companies comprising the DM S Health Group that deliver diagnostic imaging and healthcare solutions across the United
Statesinclude:

DMS Health Technologies, Inc. (DMSHT), located in Fargo, North Dakota, sells and services diagnostic medical imaging equipment, cardiac and
other patient monitoring equipment, defibrillators, EK Gs and related medical supplies and accessories and provides ongoing service maintenance.
DMSHT sellsradiology equipment primarily manufactured by Philips Medical Systems (Philips), alarge multi-national company based in the
Netherlands. Philips manufactures fluoroscopic, radiographic and vascular equipment, along with ultrasound, computerized tomography (CT),
magnetic resonance imaging (MR), positron emission tomography (PET), PET/CT and cardiac catheterization labs. The business agreement with
Philips has been renewed for afive year term ending on December 31, 2013. This agreement can be terminated on 180 days written notice by either
party for any reason and can be terminated by Philipsif certain compliance requirements are not met. DMSHT is also asupplier of medical film and
related accessories. DMSHT markets mainly to hospitals, clinics and mobile imaging service companies.

32




DMS Imaging, Inc. (DMS), asubsidiary of DMSHT located in Fargo, North Dakota, operates diagnostic medical imaging equipment, including CT,
MRI, PET and PET/CT and provides nuclear medicine and other similar radiology servicesto hospitals, clinics, long-term care facilities and other
medical providers. Regional offices are located in Minneapolis, Minnesota; Los Angeles, California; and Sioux Falls, South Dakota. DM S Imaging,
Inc. provides services through four different business units:

. DM S Imaging — provides shared diagnostic medical imaging services (primarily mobile) for MR, CT, nuclear medicine, PET, PET/CT,
ultrasound, mammography and bone density analysis.

. DMS Interim Solutions — offersinterim and rental options for diagnostic imaging services.

. DMS MedSource Partners — devel ops long-term relationshi ps with healthcare providers to offer dedicated in-house diagnostic imaging
services.

. DMS Portable X-Ray — delivers portable x-ray, ultrasound and el ectrocardiography services to nursing homes and other facilities.

Combined, the DM S Health Group covers the three basics of the medical imaging industry: (1) ownership and operation of the imaging eguipment
for healthcare providers; (2) sale, lease and/or maintenance of medical imaging equipment and related supplies; and (3) scheduling, billing and
administrative support of medical imaging services.

Reqgulation

The healthcare industry is subject to extensive federal and state regulations relating to licensure, conduct of operation, ownership of facilities,
payment of services and expansion or addition of facilities and services.

The federal Anti-Kickback Statute prohibits persons from knowingly and willfully soliciting, receiving, offering or providing remuneration, directly
or indirectly, to induce the referral of anindividual or the furnishing or arranging for agood or service for which payment may be made under afederal
healthcare program such as Medicare or Medicaid. Several states have similar statutes. The term “remuneration” has been broadly interpreted to
include anything of value, including, for example, gifts, discounts, credit arrangements, payments of cash, waiver of payments and ownership
interests. Penalties for violating the Anti-Kickback Statute can include both criminal and civil sanctions as well as possible exclusion from
participating in Medicare and other federal healthcare programs.

The Ethics and Patient Referral Act of 1989 (Stark Law) prohibits a physician from making referrals for certain designated health services payable
under Medicare, including services provided by the Health Services companies, to an entity with which the physician has afinancial relationship,
unless certain exceptions apply. The Stark Law also prohibits an entity from billing for designated health services pursuant to a prohibited referral. A
person who engages in a scheme to violate the Stark Law or a person who presents aclaim to Medicare in violation of the Stark Law may be subject to
civil fines and possible exclusion from participation in federal healthcare programs. Several states have similar statutes, the violation of which can
result in civil fines and possible exclusion from state healthcare programs. The Center for Medicare and Medicaid Services (CMS) is currently
considering additional modificationsto the Stark Law that may further limit the ability of physiciansto provide certain imaging servicesin their
practices.

The federal False Claims Act imposes liability on those who knowingly present or cause to be presented afalse or fraudulent claim for payment to
the federal government. “Knowingly” has been defined to include actionsin deliberate ignorance and reckless disregard of the truth or falsity of such
information. A suit under the False Claims Act can be brought directly by the United States Department
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of Justice, or can be brought by a“whistleblower.” A whistleblower brings suit on behalf of themselves and the United States, and the whistleblower
isawarded a percentage of any recovery. Conduct that has given rise to False Claims Act liability includes but is not limited to current and past
failuresto comply with technical Medicare and Medicaid billing requirements, failure to comply with certain Medicare documentation requirements,
and failure to comply with Medicare physician supervision requirements. Violations of the Stark Law and Anti-Kickback Statute have also served as
the basis of False Claims Act liability. Many states have adopted or are seeking to adopt state fal se claims act laws modeled on the federal statute.

The Health Insurance Portability and Accountability Act of 1996 (HIPAA) created federal crimesrelated to healthcare fraud and to making false
statements related to healthcare matters. HIPAA prohibits knowingly and willfully executing a scheme to defraud any healthcare benefit program
including a program involving private payors. Further, HIPAA prohibits knowingly and willfully falsifying, concealing or covering up a material fact or
making any materially false statement in connection with the delivery of or payment for healthcare benefits or services.

In some states a certificate of need or similar regulatory approval is required prior to the acquisition of high-cost capital items or services, including
diagnostic imaging systems or the provision of diagnostic imaging services by companies or its customers. Certificate of need laws were enacted to
contain rising healthcare costs by preventing unnecessary duplication of health resources.

DMSI maintains alimited number of Independent Diagnostic Testing Facilities (IDTFs) that enroll in the Medicare program as participating
Medicare suppliers, so that they may receive reimbursement directly from the Medicare program for services provided to Medicare beneficiaries. CMS
rule changes, effective January 1, 2008 increased oversight of IDTFs. These regulations delineate certain stringent performance standardsfor IDTFs
including standards for physical facilities, patient privacy, technician qualifications, insurance, equipment inspections, reporting changesto CMS,
physician supervision, and manner in which IDTFs are defined and enrolled in Medicare. These standards also include a provision prohibiting certain
staff or space sharing arrangements. CM S implemented additional rule changes effective January 1, 2009 which may require some IDTFsto alter billing
arrangements with healthcare clients.

Thefinal rules published as part of the 2008 Medicare Physician Fee Schedul e also alter the scope of the federal anti-markup rule for diagnostic
tests, afederal law which delineates instances when physicians and other suppliers are prohibited from marking-up to Medicare the price of
diagnostic tests when the physician performing or supervising the test does not share a practice with the billing physician or other supplier.

CMS has also finalized new regulations that require suppliers of mobile diagnostic services under certain circumstances to enroll in the Medicare
program for diagnostic tests that they perform and to bill Medicare directly these tests. Medicare has published guidance indicating that entities that
lease equipment and technicians need not enroll in Medicare and bill directly for tests performed. Both the changes to the Medicare anti-markup rule
and the mobile diagnostic testing rules are recent regulations that are subject to interpretation by Medicare and local Medicare carriers, and could
require us to make operational changes. Furthermore, if we are found not to be in compliance with theserules, or if Medicare reimbursement available
to certain customersisimpaired by these rules, our business could be adversely affected.

Additional federal and state regulations that the Health Services companies are subject to include state laws that prohibit the practice of medicine
by non-physicians and prohibit fee-splitting arrangements involving physicians; Federal Food and Drug Administration requirements; state licensing
and certification requirements; and federal and state |aws governing diagnostic imaging and therapeutic equipment. Courts and regulatory authorities
have not fully interpreted a significant number of the current laws and regulations.
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The Health Services companies continue to monitor developmentsin healthcare law. The Health Services companies believe their operations
comply with these laws and they are prepared to modify their operations from time to time as the legal and regulatory environment changes. However,
there can be no assurances that the Health Services companies will always be able to modify their operations to address changesin the legal and
regulatory environment without any adverse effect to their financial performance. The consequences of failing to comply with applicable laws can be
severe. Laws such as the Anti-Kickback Statute and HIPAA carry crimina penalties. In many instances violations of applicable law can resultin
substantial fines and damages. Moreover, in some cases violations of applicable law can result in exclusion in participation in federal and state
healthcare programs. If any of the Health Services companies were excluded from participation in federal or state healthcare programs, our customers
who participate in those programs could not do business with us.

Reimbursement

The companiesin the Health Services segment derive significant revenue from direct billings to customers and third-party payors such as
Medicare, Medicaid, managed care and private health insurance companies for their diagnostic imaging services. The Health Services' customersare
primarily healthcare providers who receive the mgjority of their payments from third-party payors. Payments by third-party payorsto such healthcare
providers depend, in part, upon their patients’ health insurance policies.

New Medicare regulations reduced 2006 M edi care reimbursement for certain imaging services performed on contiguous body parts during the
same day. In addition, the Deficit Reduction Act of 2005 (the DRA) limits reimbursement for imaging services provided in physician officesand in
free-standing imaging centers to the reimbursement amount for that same service when provided in a hospital outpatient department. This DRA
provision impacts a small number of imaging services provided by the Health Services segment. Federal and state | egislatures may seek additional
cutsin Medicare and Medicaid programs that could impact the value of the services provided by the Health Services segment.

Competition

The market for selling, servicing and operating diagnostic imaging services, patient monitoring equipment and imaging systemsis highly
competitive. In addition to direct competition from other providers of items and services similar to those offered by the Health Services companies, the
companies within Health Services compete with free-standing imaging centers and health care providers that have their own diagnostic imaging
systems, as well as with equipment manufacturers that sell imaging equi pment directly to healthcare providersfor permanent installation. Some of the
direct competitors, which provide contract MR and PET/CT services, have access to greater financial resources than the Health Services companies.
In addition, some of Health Services' customers are capable of providing the same servicesto their patients directly, subject only to their decision to
acquire a high-cost diagnostic imaging system, assume the financial and technology risk, and employ the necessary technologists, rather than obtain
the services from the Health Services company. The Health Services companies may also experience greater competition in states that currently have
certificate of need laws if such laws were repealed, thereby reducing barriers to entry and competition in that state. The Health Services companies
compete against other similar providers on the basis of quality of services, quality and magnetic field strength of imaging systems, rel ationships with
health care providers, knowledge and service quality of technologists, price, availability and reliability.
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Environmental, Health or Safety L aws

PET, PET/CT and nuclear medicine services require the use of radioactive material. While this material has a short life and quickly breaks down into
inert, or non-radioactive substances, using such materials presents the risk of accidental environmental contamination and physical injury. Federal,
state and local regulations govern the storage, use and disposal of radioactive material and waste products. The Company believes that its saf ety
procedures for storing, handling and disposing of these hazardous materials comply with the standards prescribed by law and regulation; however
therisk of accidental contamination or injury from those hazardous materials cannot be completely eliminated. The companiesin the Health Services
segment have not had any material expenses related to environmental, health or safety laws or regulations.

Capital Expenditures

Capital expendituresin this segment principally relate to the acquisition of diagnostic imaging equipment used in the imaging business. During
2008, capital expenditures of approximately $4 million were made in the Health Services segment. Total capital expenditures during the five-year period
2009-2013 are estimated to be approximately $27 million. Operating leases are also used to finance the acquisition of medical equipment used by Health
Services companies. Current operating lease commitments during the five-year period 2009-2013 are estimated to be $76 million.

Employees
At December 31, 2008 the Health Services segment had approximately 357 full-time employees.

FOOD INGREDIENT PROCESSING

General

Food ingredient processing consists of Idaho Pacific Holdings, Inc. IPH, headquartered in Ririe, |daho, manufactures and supplies dehydrated
potato products to food manufacturersin the snack food, foodservice and bakery industries. |PH has three processing facilities located in Ririe,
Idaho; Center, Colorado; and Souris, Prince Edward Island, Canada. Together these three facilities have the capacity to process approximately
114 million pounds of dehydrated potato products annually.

The Company derived 5%, 6% and 4% of its consolidated operating revenues from the Food Ingredient Processing segment for each of the years
ended December 31, 2008, 2007 and 2006, respectively. This segment’s contribution to consolidated income from continuing operations for each of
three years ended December 31, 2008, 2007 and 2006 was 5%, 8% and (8%), respectively.

Customers

IPH sellsto customersin the United States and internationally. Products are sold through company sales persons and broker sal es representatives.
Customersinclude end usersin the food ingredient industries and distributors to the food ingredient industries and foodservice industries, both
domestically and internationally.

Competition

The market for processed, dehydrated potato flakes, flour and granulesis highly competitive. The ability to compete depends on superior product
quality, competitive product pricing and strong customer relationships. |PH competes with numerous manufacturers and dehydrators of varying sizes
in the United States and overseas, including companies with greater financial resources.
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Potato Supply

The principal raw material used by IPH iswashed process-grade potatoes from fresh packing operations and growers. These potatoes are
unsuitable for use in other markets due to imperfections. They do not meet United States Department of Agriculture’s general requirements and
expectations for size, shape or color. While IPH has processing capabilitiesin three geographically distinct growing regions, there can be no
assurance it will be able to obtain raw materials due to poor growing conditions, aloss of key growers and other factors. A loss of raw materials or the
necessity of paying much higher prices for raw materials could adversely affect the financial performance of |PH.

Backlog
IPH has backlog in place for 2009 of approximately 48 million pounds compared with 52 million pounds one year ago.

Requlations

IPH isregulated by the United States Department of Agriculture and the Federal Food and Drug Administration and other federal, state, local and
foreign governmental agencies relating to the quality of products, sanitation, safety and environmental control. IPH adheres to strict manufacturing
practices that dictate sanitary conditions conducive to a high quality food product. All facilities use wastewater systems that are regulated by
government environmental agenciesin their respective locations and are subject to permitting by these agencies. IPH believesthat it complies with
applicablelaws and regulationsin all material respects, and that continued compliance with such laws and regulations will not have amaterial effect
onits capital expenditures, earnings or competitive position.

Capital Expenditures

Capital expendituresin the Food Ingredient Processing segment typically include additional investments in new dehydration equipment or
expenditures to replace worn-out equipment and improve efficiency. Capital expenditures may al so be made for the purchase of land and buildings for
plant capacity expansion and for investments in management information systems. During 2008, capital expenditures of $2 million were made in the
Food Ingredient Processing segment. Total capital expenditures for the Food Ingredient Processing segment during the five-year period 2009-2013 are
estimated to be approximately $14 million.

Employees
At December 31, 2008 the Food Ingredient Processing segment had approximately 375 full-time employees.

OTHER BUSINESS OPERATIONS

General

Other Business Operations consists of businessesin residential, commercial and industrial electric contracting industries; fiber optic and electric
distribution systems; wastewater and HV AC systems construction; transportation and energy services.

The Company derived 15%, 15% and 13% of its consolidated operating revenues from the Other Business Operations segment for each of the
years ended December 31, 2008, 2007 and 2006, respectively. This segment’s contribution to consolidated income from continuing operations for each
of
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the three years ended December 31, 2008, 2007 and 2006 was 15%, 8% and 10%, respectively. Following is abrief description of the businesses
included in this segment.

Foley Company, headquartered in Kansas City, Missouri, provides mechanical and prime contracting services for water and wastewater treatment
plants, power generation plants, hospital and pharmaceutical facilities, and other industrial and manufacturing projects across a multi-state service
areain the Central United States.

Midwest Construction Services, Inc. (MCS), located in Moorhead, Minnesota, is a holding company for subsidiaries that provide afull spectrum of
electrical design and construction services for theindustrial, commercial and municipal business markets, including government, institutional,
utility communications, electric distribution and renewable energy generation.

Otter Tail Energy Services Company, headquartered in Fergus Falls, Minnesota, provides technical and engineering services and energy efficient
lighting primarily in North Dakota and Minnesota.

E. W. Wylie Corporation (Wyli€), located in West Fargo, North Dakota, is aflatbed, heavy-haul and specialized contract and common carrier
operating afleet of tractors and trailersin 48 states and four Canadian provinces. During 2008 Wylie devel oped heavy-haul and wind tower
transport operations. Wylie has trucking terminalsin West Fargo, North Dakota; Fort Worth, Texas, Denver, Colorado; and Albertville,
Minnesota.

Competition

Each of the businessesin Other Business Operationsis subject to competition, as well as the effects of general economic conditionsin their
respective industries. The construction companiesin this segment must compete with other construction companiesin the Upper Midwest and the
Central regions of the United States, including companies with greater financial resource, when bidding on new projects. The Company believesthe
principal competitive factorsin the construction segment are price, quality of work and customer service.

The trucking industry, in which Wylie participates, is highly competitive. Wylie competes primarily with other short- to medium-haul, flatbed
truckload carriers, internal shipping conducted by existing and potential customers and, to alesser extent, railroads. Wylie recently entered the
transportation market with specialized heavy-haul trucks and trailers capable of hauling wind tower sections. Competition for the freight transported
by Wylieisbased primarily on safety, service, efficiency and freight rates. There are other trucking companies that have greater financial resources,
operate more equipment or carry alarger volume of freight than Wylie and these companies compete with Wylie for qualified drivers.

Backlog

The construction companies in the Other Business Operations segment have backlog in place of $71 million for 2009 compared with $77 million one
year ago.

Capital Expenditures

Capital expendituresin this segment typically include investments in additional trucks, trailers and construction egquipment. During 2008, capital
expenditures of approximately $4 million were made in Other Business Operations. Capital expenditures during the five-year period 2009-2013 are
estimated to be approximately $11 million for Other Business Operations. Operating |eases are also used to finance the
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acquisition of trucks used by Wylie. Current operating |ease commitments during the five-year period 2009-2013 are estimated to be $13 million.

Employees

At December 31, 2008 there were approximately 696 full-time employeesin Other Business Operations. Moorhead Electric, Inc., asubsidiary of
MCS, has 60 employees represented by local unions of the International Brotherhood of Electrical Workers and covered by alabor contract that
expireson May 1, 2010. Foley Company has 230 employees represented by various unions, including Carpenters and Millwrights, Sheet Metal
Workers, Laborers, Operators, Operating Engineers, Pipe Fitters, Steamfitters, Plumbers and Teamsters. Foley Company has several |abor contracts
with various expiration dates in 2009 and 2010. Moorhead Electric, Inc. and Foley Company have not experienced any strike, work stoppage or strike
vote, and consider their present relations with employees to be good.

Forward-L ooking Information — Safe Harbor Statement Under the
Private Securities Litigation Reform Act of 1995

This Annual Report on Form 10-K contains forward-looking statements within the meaning of the Private Securities Litigation Reform Act of 1995
(the Act). When used in this Form 10-K and in future filings by the Company with the Securities and Exchange Commission, in the Company’s press
releases and in oral statements, words such as “may,” “will,” “expect,” “anticipate,” “continue,” “estimate,” “project,” “believes’ or similar
expressions are intended to identify forward-looking statements within the meaning of the Act. Such statements are based on current expectations
and assumptions, and entail various risks and uncertainties that could cause actual resultsto differ materially from those expressed in such forward-
looking statements.

" ou ”ow ” o

The following factors, among others, could cause actual results for the Company to differ materially from those discussed in the forward-looking
statements:

. The Company is subject to federal and state legislation, regulations and actions that may have a negative impact on the Company’s business
and results of operations.

. Actions by the regulators of the Company’s electric segment could result in rate reductions, lower revenues and earnings or delaysin
recovering capital expenditures.

. Future operating results of the electric segment will be impacted by the outcome of arate case filed in North Dakota on November 3, 2008
requesting an overall increasein North Dakotarates of 5.14%. Thefiling included arequest for an interim rate increase of 4.07%, which went
into effect on January 1, 2009. Interim rateswill remain in effect for all North Dakota customers until the NDPSC makes afinal determination
on the Utility’ srequest, which is expected by August 1, 20009. If final rates are lower than interim rates, the Utility will refund North Dakota
customers the difference with interest.

. Any significant impairment of the Company’s goodwill would cause a decrease in the Company’ s assets and a reduction in its net operating
performance.

. A sustained decline in the Company’s common stock price below book value may result in goodwill impairments that could adversely affect
the Company’s results of operations and financial position, aswell as credit facility covenants.

. Theterms of some of the Company’s contracts could expose it to unforeseen costs and costs not within its control, which may not be
recoverable and could adversely affect its results of operations and financial condition.

. The Company is subject to risks associated with energy markets.

39




Certain of the Company’s operating companies sell products to consumers that could be subject to recall.

Future operating results of the Company’s electric segment will be impacted by the outcome of rate rider filingsin Minnesota for
transmission investments.

Certain costs currently included in the FCA in retail rates may be excluded from recovery through the FCA but may be subject to recovery
through rates established in a general rate case.

Weather conditions or changes in the weather patterns can adversely affect the Company’s operations and revenues.
Electric wholesale margins could be further reduced as the MISO market becomes more efficient.
Electric wholesale trading margins could be reduced or eliminated by losses due to trading activities.

The Company’s el ectric generating facilities are subject to operational risksthat could result in unscheduled plant outages, unanticipated
operation and maintenance expenses and increased power purchase costs.

Wholesale sales of electricity from excess generation could be affected by reductionsin coal shipmentsto the Big Stone and Hoot Lake
plants due to supply constraints or rail transportation problems beyond the Company’s control.

The Company’s el ectric segment has capitalized $11.6 million in costs related to the planned construction of a second el ectric generating unit
at its Big Stone Plant site as of December 31, 2008. If the project is abandoned for permitting or other reasons, a portion of these capitalized
costs and othersincurred in future periods may be subject to expense and may not be recoverable.

Federal and state environmental regulation could cause the Company to incur substantial capital expenditures and increased operating costs.

Existing or new laws or regulations addressing climate change or reductions of GHG emissions by federal or state authorities, such as
mandated levels of renewable generation or mandatory reductionsin CO2 emission levels or taxes on CO2 emissions, that result in increases
in electric service costs could negatively impact the Company’s net income, financial position and operating cash flows if such costs cannot
be recovered through rates granted by ratemaking authoritiesin the states where the Utility provides service or through increased market
pricesfor electricity.

The Company may not be able to respond effectively to deregulation initiatives in the electric industry, which could result in reduced
revenues and earnings.

If the Company is unable to achieve the organic growth it expects, itsfinancial performance may be adversely affected.

The Company’s plansto grow and diversify through acquisitions and capital projects may not be successful and could result in poor
financia performance.

The Company’s plansto acquire, grow and operate the Company’s nonel ectric businesses could be limited by state law.
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Competitionisafactor in al of the Company’s businesses.
Economic uncertainty could have an adverse impact on the Company’s future revenues and expenses.

Volatile financial markets and changes in the Company’s debt rating could restrict the Company’s ability to access capital and could increase
borrowing costs and pension plan expenses. Disruptions, uncertainty or volatility in the financial markets can also adversely impact the
results of operations, the ability of customersto finance purchases of goods and services, and the financial condition of the Company as
well as exert downward pressure on stock prices and/or limit the Company’s ability to sustain its current common stock dividend level.

As of December 31, 2008, the Company’ s defined benefit pension plan assets had declined significantly since December 31, 2007. The
Company is not required to make a mandatory contribution to the pension plan in 2009. However, if the market value of pension plan assets
continues to decline and relief under the Pension Protection Act isno longer granted, the Company could be required to contribute capital to
the pension plan in 2009.

The price and availability of raw materials could affect the revenue and earnings of the Company’s manufacturing segment.

The Company’s food ingredient processing segment operates in a highly competitive market and is dependent on adequate sources of raw
materials for processing. Should the supply of these raw materials be affected by poor growing conditions, this could negatively impact the
results of operations for this segment.

The Company’s food ingredient processing and wind tower manufacturing businesses could be adversely affected by changesin foreign
currency exchange rates.

The Company’s plastics segment is highly dependent on alimited number of vendorsfor PV C resin, many of which arelocated in the Gulf
Coast regions, and alimited supply of resin. The loss of akey vendor or an interruption or delay in the supply of PV C resin could result in
reduced sales or increased costs for this business. Reductionsin PV C resin prices could negatively impact PV C pipe prices, profit margins on
PV C pipe sales and the value of PV C pipe held in inventory.

Changesin the rates or method of third-party reimbursements for diagnostic imaging services could result in reduced demand for those
services or create downward pricing pressure, which would decrease revenues and earnings for the Company’s health services segment.

The Company’s health services businesses may be unable to continue to maintain the agreements with Philips Medical from which it derives
significant revenues from the sale and service of Philips Medical diagnostic imaging equipment.

Technological change in the diagnostic imaging industry could reduce the demand for diagnostic imaging services and require the
Company’s health services operations to incur significant costs to upgrade their equi pment.

Actions by regulators of the Company’s health services operations could result in monetary penalties or restrictionsin the Company’s
health services operations.

A significant failure or an inability to properly bid or perform on projects by the Company’s construction businesses could lead to adverse
financial results.
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A further discussion of risk factors and cautionary statementsis set forth under “ Risk Factors and Cautionary Statements” and “ Critical
Accounting Policies Involving Significant Estimates’ in “Management’s Discussion and Analysis of Financial Condition and Results of Operations’
on pages 29 through 36 of the Company’s 2008 Annual Report to Shareholders, filed as an Exhibit hereto. These factors are in addition to any other
cautionary statements, written or oral, which may be made or referred to in connection with any forward-looking statement or contained in any
subsequent filings by the Company with the Securities and Exchange Commission. The Company undertakes no obligation to correct or update any
forward-looking statement, whether as aresult of new information, future events or otherwise.

Item 1A. RISK FACTORS

Theinformation required by this Item isincorporated by reference to “Management’s Discussion and Analysis of Financial Condition and Results
of Operations — Risk Factors and Cautionary Statements’ on Pages 29 through 34 of the Company’s 2008 Annual Report to Shareholders, filed asan
Exhibit hereto.

Item 1B. UNRESOLVED STAFF COMMENTS

None.

Item 2. PROPERTIES

The Coyote Station, which commenced operation in 1981, is a 414,000 kW (nameplate rating) mine-mouth plant located in the lignite coal fields near
Beulah, North Dakota and isjointly owned by the Utility, Northern Municipal Power Agency, Montana-Dakota Utilities Co. and Northwestern Public
Service Company. The Utility isthe operating agent of the Coyote Station and owns 35% of the plant.

The Utility, jointly with Northwestern Public Service Company and Montana-Dakota Utilities Co., owns the 414,000 kW (nameplate rating) Big
Stone Plant in northeastern South Dakota which commenced operation in 1975. The Utility isthe operating agent of Big Stone Plant and owns 53.9%
of the plant.

Located near Fergus Falls, Minnesota, the Hoot Lake Plant is comprised of three separate generating units with a combined namepl ate rating of
127,000 kW. The oldest Hoot L ake Plant generating unit was constructed in 1948 (7,500 kW nameplate rating) and was retired on December 31, 2005. A
second unit was added in 1959 (53,500 kW nameplate rating) and a third unit was added in 1964 (66,000 kW nameplate rating) and modified in 1988 to
provide cycling capability, allowing this unit to be more efficiently brought online from a standby mode.

The Utility owns 27 wind turbines at the Langdon, North Dakota Wind Energy Center with anameplate rating of 40,500 kW and 32 wind turbines at
the Ashtabula Wind Energy Center located in Barnes County, North Dakota with anameplate rating of 48,000 kW.

As of December 31, 2008 the Utility’ s transmission facilities, which are interconnected with lines of other public utilities, consisted of 48 miles of
345KV lines; 405 miles of 230 kV lines; 799 miles of 115 kV lines; and 4,039 miles of lower voltage lines, principally 41.6 kV. The Utility ownsthe
uprated portion of the 48 miles of the 345 kV line, with Minnkota Power Cooperative retaining title to the original 230 kV construction.
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In addition to the properties mentioned above, the Company owns and has investmentsin offices and service buildings. The Company’s
subsidiaries own facilities and equipment used to manufacture PV C pipe, produce dehydrated potato products and perform metal stamping,
fabricating and contract machining; construction equipment and tools; wind towers and other heavy metal fabricated products; thermoformed
products; commercial and waterfront equipment; medical imaging equipment and a fleet of flatbed trucks and trailers.

Management of the Company believes the facilities and equipment described above are adequate for the Company’s present businesses.

Item 3. LEGAL PROCEEDINGS

Sierra Club Complaint

On June 10, 2008 the Sierra Club filed acomplaint in the U.S. District Court for the District of South Dakota (Northern Division) against the Company
and two other co-owners of Big Stone. The complaint alleges certain violations of the Prevention of Significant Deterioration and New Source
Performance Standards (NSPS) provisions of the Clean Air Act and certain violations of the South Dakota State | mplementation Plan (South Dakota
SIP). The action further alleges the defendants modified and operated Big Stone without obtaining the appropriate permits, without meeting certain
emissions limits and NSPS requirements and without installing appropriate emission control technology, all allegedly in violation of the Clean Air Act
and the South Dakota SIP. The Sierra Club alleges the defendants’ actions have contributed to air pollution and visibility impairment and have
increased therisk of adverse health effects and environmental damage. The Sierra Club seeks both declaratory and injunctive relief to bring the
defendants into compliance with the Clean Air Act and the South Dakota SIP and to require the defendants to remedy the alleged violations. The
Sierra Club also seeks unspecified civil penalties, including abeneficial mitigation project. The Company believes these claims are without merit and
that Big Stone has been and is being operated in compliance with the Clean Air Act and the South Dakota SIP. The ultimate outcome of these matters
cannot be determined at thistime.

Federal Power Act Complaint

On August 29, 2008 Renewable Energy System Americas, Inc. (RES), adeveloper of wind generation and PEAK Wind Development, LLC (PEAK
Wind), agroup of landownersin Barnes County, North Dakota, filed acomplaint with the FERC alleging that the Utility and Minnkota Power
Cooperative, Inc. (Minnkota) had acted together in violation of the Federal Power Act (FPA) to deny RES/PEAK Wind accessto the Pillsbury Line, an
interconnection facility which Minnkota owns to interconnect generation projects being developed by the Utility and NextEra Energy Resources, Inc.
(fkaFPL Energy, Inc.) (NextEra). RES/PEAK Wind asked that (1) the FERC order Minnkotato interconnect its Glacier Ridge project to the Pillsbury
Line, or inthe aternative, (2) the FERC direct M1SO to interconnect the Glacier Ridge project to the Pillsbury Line. RES and Peak Wind al so requested
that the Utility, Minnkota and NextEra pay any costs associated with interconnecting the Glacier Ridge Project to the M1SO transmission system
which would result from the interconnection of the Pillsbury Line to the Minnkota transmission system, and that the FERC assess civil penalties
against the Utility. The Utility answered the Complaint on September 29, 2008, denying the allegations of RES and PEAK Wind and requesting that
the FERC dismiss the Complaint. On October 14, 2008, RES and PEAK Wind filed an Answer to the Utility's Answer and, restated the allegations
included intheinitial Complaint. RES and PEAK Wind also added a request that the FERC rescind both the Utility’ swaiver from the FERC Standards
of Conduct and its market-based rate authority. On October 28, 2008, the Utility filed a Reply, denying the allegations made by RES and PEAK Wind
inits Answer. By Order issued on December 19, 2008, the Commission set the Complaint for hearing and established settlement procedures. The
parties are engaged in settlement discussions. The Company believes the claims that the Utility has violated the FPA are without merit. The ultimate
outcome of this matter cannot be determined at thistime.




The Company is the subject of various pending or threatened legal actions and proceedingsin the ordinary course of its business. Such matters
are subject to many uncertainties and to outcomes that are not predictable with assurance. The Company records aliability in its consolidated
financial statementsfor costsrelated to claims, including future legal costs, settlements and judgments, where it has assessed that aloss is probable
and an amount can be reasonably estimated. The Company believes the final resolution of currently pending or threatened legal actions and
proceedings, either individually or in the aggregate, will not have a material adverse effect on the Company’ s consolidated financial position, results
of operations or cash flows.

Item 4. SUBMISSION OF MATTERSTO A VOTE OF SECURITY HOLDERS

No matters were submitted to a vote of security holders during the three months ended December 31, 2008.

Item 4A. EXECUTIVE OFFICERS OF THE REGISTRANT (AS OF FEBRUARY 27, 2009)

Set forth below isasummary of the principal occupations and business experience during the past five years of the executive officers as defined by
rules of the Securities and Exchange Commission. Except as noted below, each of the executive officers has been employed by the Company for more
than five yearsin an executive or management position either with the Company or its wholly owned subsidiary, Varistar.

NAME AND AGE DATES ELECTED TO OFFICE PRESENT POSITION AND BUSINESS EXPERIENCE
John D. Erickson (50) 4/8/02 Present:  President and Chief
Executive Officer
George A. Koeck (56) 4/10/00 Present:  Corporate Secretary
and General Counsel
LaurisN. Molbert (51) 6/10/02 Present:  Executive Vice President and
Chief Operating Officer
Kevin G. Moug (49) 4/9/01 Present:  Chief Financial Officer
Charles S. MacFarlane (44) 5/1/03 Present:  President, Otter Tail Power Company

With the exception of Charles S. MacFarlane, the term of office for each of the executive officersis one year and any executive officer elected may
be removed by the vote of the Board of Directors at any time during the term. Mr. MacFarlane is not appointed by the Board of Directors.
Mr. MacFarlane is ason of John MacFarlane, who isthe Chairman of the Board of Directors. There are no other family relationships between any of
the executive officers or directors.




PART Il

Item 5. MARKET FOR THE REGISTRANT'S COMMON EQUITY, RELATED STOCKHOLDER MATTERS AND ISSUER PURCHASES OF EQUITY
SECURITIES

The information required by this Item isincorporated by reference to the first sentence under “ Otter Tail Corporation Stock Listing” on Page 72, to
“ Selected Consolidated Financial Data” on Page 18, to “ Retained Earnings Restriction” on Page 61 and to “ Quarterly Information” on Page 69 of the
Company’s 2008 Annual Report to Shareholders, filed as an Exhibit hereto. The Company did not repurchase any equity securities during the three
months ended December 31, 2008.

PERFORMANCE GRAPH
COMPARISON OF FIVE-YEAR CUMULATIVE TOTAL RETURN

The graph below compares the cumulative total shareholder return on the Company’s common shares for the last five fiscal yearswith the
cumulative return of The NASDAQ Stock Market Index and the Edison Electric I nstitute Index (EEI) over the same period (assuming the investment of
$100 in each vehicle on December 31, 2003, and reinvestment of all dividends).
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Item 6. SELECTED FINANCIAL DATA

Theinformation required by this Item isincorporated by reference to “ Selected Consolidated Financial Data’ on Page 18 of the Company’s 2008
Annual Report to Shareholders, filed as an Exhibit hereto.

Item 7. MANAGEMENT'S DISCUSSION AND ANALY SIS OF FINANCIAL CONDITION AND RESULTS OF OPERATIONS

The information required by this Item isincorporated by reference to “Management’s Discussion and Analysis of Financial Condition and Results
of Operations” on Pages 19 through 37 of the Company’s 2008 Annual Report to Shareholders, filed as an Exhibit hereto.

ltem 7A. QUANTITATIVE AND QUALITATIVE DISCLOSURES ABOUT MARKET RISK

Theinformation required by this Item isincorporated by reference to “ Quantitative and Qualitative Disclosures About Market Risk” on Pages 32
through 34 of the Company’s 2008 Annual Report to Shareholders, filed as an Exhibit hereto.

Item 8. EINANCIAL STATEMENTSAND SUPPLEMENTARY DATA

The information required by this Item isincorporated by reference to “ Quarterly Information” on Page 69, the Company’s audited financial
statements on Pages 39 through 69 and “ Report of Independent Registered Public Accounting Firm” on Page 38 of the Company’s 2008 Annual
Report to Shareholders, filed as an Exhibit hereto.

Item 9. CHANGES IN AND DISAGREEMENTS WITH ACCOUNTANTS ON ACCOUNTING AND FINANCIAL DISCLOSURE

None.

Iltem 9A. CONTROLS AND PROCEDURES

Under the supervision and with the participation of the Company’s management, including the Chief Executive Officer and the Chief Financial
Officer, the Company evaluated the effectiveness of the design and operation of its disclosure controls and procedures (as defined in Rule 13a-15(€)
under the Securities Exchange Act of 1934 (the Exchange Act)) as of December 31, 2008, the end of the period covered by this report. Based on that
evaluation, the Chief Executive Officer and Chief Financial Officer concluded that the Company’s disclosure controls and procedures were effective as
of December 31, 2008.

There were no changesin the Company’sinternal control over financial reporting (as defined in Rules 13a-15(f) under the Exchange Act) during the
fourth quarter ended December 31, 2008 that has materially affected, or isreasonably likely to materially affect, the Company’sinternal control over
financial reporting.

The annual report of the Company’s management on internal control over financial reporting isincorporated by reference to “Management’'s
Report Regarding Internal Control Over Financial Reporting” on Page 37 of the Company’s 2008 Annual Report to Sharehol ders, filed as an Exhibit
hereto.
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The attestation report of Deloitte & Touche LLP, the Company’s independent registered public accounting firm, regarding the Company’sinternal
control over financial reporting isincorporated by reference to “ Report of Independent Registered Public Accounting Firm” on Page 38 of the
Company’s 2008 Annual Report to Shareholders, filed as an Exhibit hereto.

Item9B. OTHER INFORMATION

None.

PART Il1

Item 10. DIRECTORS, EXECUTIVE OFFICERS AND CORPORATE GOVERNANCE

Theinformation required by this Item regarding Directorsisincorporated by reference to the information under “Election of Directors’ inthe
Company’s definitive Proxy Statement for the 2009 Annual Meeting. The information regarding executive officers and family relationshipsis set forth
in Item 4A hereto. The information regarding Section 16 reporting isincorporated by reference to the information under “ Security Ownership of
Directors and Officers — Section 16(a) Beneficial Ownership Reporting Compliance” in the Company’s definitive Proxy Statement for the 2009 Annual
Meeting. The information required by this Item regarding the Company’s procedures for recommending nominees to the Board of Directorsis
incorporated by reference to the information under “ Meetings and Committees of the Board of Directors — Corporate Governance Committee” in the
Company’ s definitive Proxy Statement for the 2009 Annual Meeting. The information required by thisItem in regards to the Audit Committeeis
incorporated by reference to the information under “Meetings and Committees of the Board of Directors — Audit Committee” in the Company’s
definitive Proxy Statement for the 2009 Annual Meeting. The information regarding the Company’s Audit Committee financial expertsisincorporated
by reference to the information under “ M eetings and Committees of the Board — Audit Committeg” in the Company’s definitive Proxy Statement for
the 2009 Annual Meeting.

The Company has adopted a code of conduct that appliesto all of itsdirectors, officers (including its principal executive officer, principal financial
officer, and its principal accounting officer or controller or person performing similar functions) and employees. The Company’s code of conduct is
available on its website at www.ottertail.com. The Company intends to satisfy the disclosure requirements under Item 5.05 of Form 8-K regarding an
amendment to, or waiver from, aprovision of its code of conduct by posting such information on its website at the address specified above.
Information on the Company’s website is not deemed to be incorporated by reference into this Annual Report on Form 10-K.

ltem11. EXECUTIVE COMPENSATION

Theinformation required by this Item isincorporated by reference to the information under “ Compensation Discussion and Analysis,” “ Report of
Compensation Committee,” “ Executive Compensation” and “ Director Compensation” in the Company’s definitive Proxy Statement for the 2009
Annual Meeting.

Item 12. SECURITY OWNERSHIP OF CERTAIN BENEFICIAL OWNERS AND MANAGEMENT AND RELATED STOCKHOLDER MATTERS

Theinformation required by this Item regarding security ownership isincorporated by reference to the information under “ Outstanding Voting
Shares” and “ Security Ownership of Directors and Officers’ in the Company’s definitive Proxy Statement for the 2009 Annual Meeting.
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EQUITY COMPENSATION PLAN INFORMATION

The following table sets forth information as of December 31, 2008 about the Company’s common stock that may be issued under all of its equity

compensation plans:

Number of
securities
remaining available

Number of for future issuance
securities to be under equity
issued upon Weighted-average compensation plans
exercise of exercise price of (excluding
outstanding outstanding securities
options, warrants options, warrants reflected in column
Plan Category and rights and rights (a))
@ (b) (©
Equity compensation plans approved by security holders
1999 Stock Incentive Plan 909,632(1) $14.51 1,017,326(2)
1999 Employee Stock Purchase Plan — N/A 330,565(3)
Equity compensation plans not approved by security holders — — —
Total 909,632 $14.51 1,347,891

(1) Includes 114,800, 109,000, and 88,050 performance based share awards made in 2008, 2007 and 2006, respectively, 73,585 restricted stock units
outstanding as of December 31, 2008, and 16,495 phantom shares as part of the deferred director compensation program and excludes 73,447

shares of restricted stock issued under the 1999 Stock Incentive Plan.

(2) The 1999 Stock Incentive Plan provides for the issuance of any shares available under the plan in the form of restricted stock, performance

awards and other types of stock-based awards, in addition to the granting of options, warrants or stock appreciation rights.

(3) Sharesareissued based on employee’s election to participate in the plan.

Item 13. CERTAIN RELATIONSHIPSAND RELATED TRANSACTIONS, AND DIRECTOR INDEPENDENCE

The information required by this Itemisincorporated by reference to the information under “Policy and Procedures Regarding Transactions with
Related Persons’ and “ Election of Directors’ in the Company’ s definitive Proxy Statement for the 2009 Annual Meeting.

Item 14. PRINCIPAL ACCOUNTANT FEES AND SERVICES

Theinformation required by this Item isincorporated by reference to the information under “ Ratification of Independent Registered Public
Accounting Firm — Fees” and “ Ratification of Independent Registered Public Accounting Firm — Pre-Approval of Audit/Non-Audit Services

Policy” in the Company’s definitive Proxy Statement for the 2009 Annual Meeting.
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PART IV

Item 15. EXHIBITS, FINANCIAL STATEMENT SCHEDULES
(a) List of documentsfiled:
(2) and (2) See Table of Contents on Page 51 hereof.
(3) See Exhibit Index on Pages 52 through 59 hereof.

Pursuant to Item 601(b)(4)(iii) of Regulation S-K, copies of certain instruments defining the rights of holders of certain long-term debt
of the Company are not filed, and in lieu thereof, the Company agrees to furnish copies thereof to the Securities and Exchange
Commission upon request.

49




SIGNATURES
Pursuant to the requirements of Section 13 or 15(d) of the Securities Exchange Act of 1934, the registrant has duly caused this report to be signed
onits behalf by the undersigned, thereunto duly authorized.
OTTER TAIL CORPORATION

By /s Kevin G. Moug
Kevin G. Moug
Chief Financial Officer

Dated: February 27, 2009

Pursuant to the requirements of the Securities Exchange Act of 1934, this report has been signed below by the following persons on behalf of the
registrant and in the capacities and on the dates indicated:

Signature and Title

John D. Erickson
President and Chief Executive Officer
(principal executive officer) and Director

Kevin G. Moug

Chief Financial Officer

(principal financial and accounting officer)
By /s/ John D. Erickson

John D. Erickson
Pro Se and Attorney-in-Fact
Dated February 27, 2009

John C. MacFarlane
Chairman of the Board and Director

Karen M. Bohn, Director
ArvidR. Liebe, Director

Edward J. MclIntyre, Director
Joyce Nelson Schuette, Director
Nathan |. Partain, Director

Gary J. Spies, Director

e e e e e e e e e e e e S e N N N N N N N N N

James B. Stake, Director
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FINANCIAL STATEMENTS, SUPPLEMENTARY FINANCIAL DATA, SUPPLEMENTAL
FINANCIAL SCHEDULES INCLUDED IN ANNUAL REPORT ON FORM 10-K
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The following items are incorporated in this Annual Report on Form 10-K by reference to the registrant’s Annual Report to Shareholders for the year
ended December 31, 2008 filed as an Exhibit hereto:

Pagein
Annual
Report to
Shareholders
Financial Statements:
Management’ s Report Regarding Internal Control Over Financial Reporting 37
Report of Independent Registered Public Accounting Firm 38
Consolidated Statements of Income for the Three Y ears Ended December 31, 2008 39
Consolidated Balance Sheets, December 31, 2008 and 2007 408& 41
Consolidated Statements of Common Shareholders' Equity and Comprehensive Income for the Three Y ears Ended
December 31, 2008 42
Consolidated Statements of Cash Flows for the Three Y ears Ended December 31, 2008 43
Consolidated Statements of Capitalization, December 31, 2008 and 2007 44
Notes to Consolidated Financial Statements 45-69
Selected Consolidated Financial Datafor the Five Y ears Ended December 31, 2008 18
Quarterly Datafor the Two Y ears Ended December 31, 2008 69

Schedul es are omitted because of the absence of the conditions under which they are required, because the amounts are insignificant or because the
information required isincluded in the financial statements or the notes thereto.
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—Restated Articles of Incorporation, as amended (including
resolutions creating outstanding series of Cumulative Preferred
Shares).

—Restated Bylaws, as amended.

—Note Purchase Agreement, dated as of December 1, 2001.

—First Amendment, dated as of December 1, 2002, to Note Purchase
Agreement, dated as of December 1, 2001.

—Second Amendment, dated as of October 1, 2004, to Note
Purchase Agreement, dated as of December 1, 2001.

—Third Amendment, dated as of December 1, 2007, to Note
Purchase Agreement, dated as of December 1, 2001.

—Credit Agreement, dated as of July 30, 2008, among the Company,
dba Otter Tail Power Company, the Banks named therein, Bank of
America, N.A., as Syndication Agent, and U.S. Bank National
Association, as agent for the Banks.

—Note Purchase Agreement, dated as of February 23, 2007, between
the Company and Cascade Investment L.L.C.

—Note Purchase Agreement, dated as of August 20, 2007.

—First Amendment, dated as of December 14, 2007, to Note
Purchase Agreement, dated as of August 20, 2007.

—Second Amendment, dated as of September 11, 2008, to Note
Purchase Agreement, dated as of August 20, 2007

—Credit Agreement, dated as of October 2, 2007, among V aristar
Corporation, the Banks named therein, U.S. Bank National
Association, as agent for the Banks and as Lead Arranger, and Bank
of America, N.A., Keybank National Association, and Wells Fargo
Bank, National Association, as Co-Documentation Agents.




Previously Filed

As
Exhibit
File No. No.
4-E-1 8-K filed 4.1 —First Amendment to Credit Agreement, dated as of November 30,
12/7/07 2007, to Credit Agreement, dated as of October 2, 2007.
4-E-2 8-K filed 41 —Amended and Restated Credit Agreement, dated as of
12/30/08 December 23, 2008 among Varistar Corporation, the Banks named
therein, U.S. Bank National Association, as agent for the Banks and
as Lead Arranger, and Bank of America, N.A., Keybank National
Association, and Wells Fargo Bank, National Association, as Co-
Documentation Agents.
10-A 2-3979%4 4-C —Integrated Transmission Agreement, dated August 25, 1967,
between Cooperative Power Association and the Company.
10-A-1 10-K for year 10-A-1 —Amendment No. 1, dated as of September 6, 1979, to Integrated
ended 12/31/92 Transmission Agreement, dated as of August 25, 1967, between
Cooperative Power Association and the Company.
10-A-2 10-K for year 10-A-2 —Amendment No. 2, dated as of November 19, 1986, to Integrated
ended 12/31/92 Transmission Agreement between Cooperative Power Association
and the Company.
10-C-1 2-55813 5-E —Contract dated July 1, 1958, between Central Power Electric
Corporation, Inc., and the Company.
10-C-2 2-55813 5-E-1 —Supplement Seven dated November 21, 1973. (Supplements Nos.
One through Six have been superseded and are no longer in effect.)
10-C-3 2-55813 5-E-2 —Amendment No. 1 dated December 19, 1973, to Supplement Seven.
10-C-4 10-K for year 10-C-4 —Amendment No. 2 dated June 17, 1986, to Supplement Seven.
ended 12/31/91
10-C-5 10-K for year 10-C-5 —Amendment No. 3 dated June 18, 1992, to Supplement Seven.
ended 12/31/92
10-C-6 10-K for year 10-C-6 —Amendment No. 4 dated January 18, 1994 to Supplement Seven.
ended 12/31/93
10-D 2-55813 5-F —Contract dated April 12, 1973, between the Bureau of Reclamation
and the Company.
10-E-1 2-55813 5-G —Contract dated January 8, 1973, between East River Electric Power
Cooperative and the Company.
10-E-2 2-62815 5-E-1 —Supplement One dated February 20, 1978.
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10-E-3

10-E-4

10-E-5

10-E-6

10-E-7

10-F

10-F-1

10-F-2

10-F-3

10-F-4

10-F-5

10-F-6

10-G

Previously Filed

As
Exhibit
File No. No.

10-K for year 10-E-3
ended 12/31/89

10-K for year 10-E-4
ended 12/31/90

10-K for year 10-E-5
ended 12/31/92

10-K for year 10-E-6
ended 12/31/92

10-K for year 10-E-7
ended 12/31/93

10-K for year 10-F
ended 12/31/89

10-K for year 10-F-1
ended 12/31/89

10-K for year 10-F-2
ended 12/31/91

10-K for year 10-F-3
ended 12/31/91

10-K for year 10-F-4
ended 12/31/91

10-Q for quarter 10.1
ended 9/30/03

10-K for year 10-F-5
ended 12/31/92

10-Q for quarter 10.3

ended 06/30/04

—Supplement Two dated June 10, 1983.

—Supplement Three dated June 6, 1985.

—Supplement No. Four, dated as of September 10, 1986.

—Supplement No. Five, dated as of January 7, 1993.

—Supplement No. Six, dated as of December 2, 1993

—Agreement for Sharing Ownership of Generating Plant by and
between the Company, Montana-Dakota Utilities Co., and
Northwestern Public Service Company (dated as of January 7, 1970).

—L etter of Intent for purchase of share of Big Stone Plant from
Northwestern Public Service Company (dated as of May 8, 1984).

—Supplemental Agreement No. 1to Agreement for Sharing
Ownership of Big Stone Plant (dated as of July 1, 1983).

—Supplemental Agreement No. 2 to Agreement for Sharing
Ownership of Big Stone Plant (dated as of March 1, 1985).

—Supplemental Agreement No. 3 to Agreement for Sharing
Ownership of Big Stone Plant (dated as of March 31, 1986).

—Supplemental Agreement No. 4 to Agreement for Sharing
Ownership of Big Stone Plant (dated as of April 24, 2003).

—Amendment | to Letter of Intent dated May 8, 1984, for purchase
of share of Big Stone Plant.

—Master Coal Purchase and Sale Agreement by and between the
Company, Montana-Dakota Utilities Co., Northwestern Corporation
and Kennecott Coal Sales Company-Big Stone Plant (dated as of
June 1, 2004).




10-H

10-H-1

10-H-2

10-H-3

10-H-4

10-H-5

10-H-6

10-1

10-1-1

10-1-2

10-1-3

10-1-4

10-1-5

Previously Filed

As
Exhibit
File No. No.

2-61043 5-H
10-K for year 10-H-1
ended 12/31/89

10-K for year 10-H-2
ended 12/31/89

10-K for year 10-H-3
ended 12/31/89

10-K for year 10-H-4
ended 12/31/92

10-Q for quarter 10-A
ended 9/30/01

10-Q for quarter 10.2
ended 9/30/03

2-63744 5
10-K for year 10-1-1
ended 12/31/92

10-K for year 10-1-2
ended 12/31/92

10-K for year 10-1-3
ended 12/31/92

10-Q for quarter 19-A
ended 6/30/93

10-K for year 10-1-5
ended 12/31/01
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—Agreement for Sharing Ownership of Coyote Station Generating
Unit No. 1 by and between the Company, Minnkota Power
Cooperative, Inc., Montana-Dakota Utilities Co., Northwestern
Public Service Company and Minnesota Power & Light Company
(dated as of July 1, 1977).

—Supplemental Agreement No. One, dated as of November 30, 1978,
to Agreement for Sharing Ownership of Coyote Generating Unit
No. 1.

—Supplemental Agreement No. Two, dated as of March 1, 1981, to
Agreement for Sharing Ownership of Coyote Generating Unit No. 1
and Amendment No. 2 dated March 1, 1981, to Coyote Plant Coal
Agreement.

—Amendment, dated as of July 29, 1983, to Agreement for Sharing
Ownership of Coyote Generating Unit No. 1.

—Agreement, dated as of September 5, 1985, containing Amendment
No. 3to Agreement for Sharing Ownership of Coyote Generating
Unit No.1, dated as of July 1, 1977, and Amendment No. 5 to Coyote
Plant Coal Agreement, dated as of January 1, 1978.

—Amendment, dated as of June 14, 2001, to Agreement for Sharing
Ownership of Coyote Generating Unit No. 1.

—Amendment, dated as of April 24, 2003, to Agreement for Sharing
Ownership of Coyote Generating Unit No. 1.

—Coyote Plant Coal Agreement by and between the Company,
Minnkota Power Cooperative, Inc., Montana-Dakota Utilities Co.,
Northwestern Public Service Company, Minnesota Power & Light
Company, and Knife River Coal Mining Company (dated as of
January 1, 1978).

—Addendum, dated as of March 10, 1980, to Coyote Plant Coal
Agreement.

—Amendment (No. 3), dated as of May 28, 1980, to Coyote Plant
Coal Agreement.

—~Fourth Amendment, dated as of August 19, 1985, to Coyote Plant
Coal Agreement.

—Sixth Amendment, dated as of February 17, 1993, to Coyote Plant
Coal Agreement.

—Agreement and Consent to Assignment of the Coyote Plant Coal
Agreement.




10-J1

10-J1a

10-31b

10-J1c

10-31d

10-J1e

10-J-1f

10-3-2

10-3-3

10-J3a

Previously Filed

As
Exhibit
File No. No.
10-Q for quarter 10.1
ended 06/30/05
10-Q for quarter 10.6
ended 6/30/06
8-K filed 8/31/06 10.1
8-K filed 10/11/06 10.1
8-K filed 10.1
6/19/07
8-K filed 10.1
9/12/07
8-K filed 10.1
9/24/07
10-Q for quarter 10.2
ended 06/30/05
10-Q for quarter 10.3
ended 06/30/05
8-K filed 8/25/06 10.1
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—Big Stone Il Power Plant Participation Agreement by and among
the Company, Central Minnesota Municipal Power Agency, Great
River Energy, Heartland Consumers Power District, Montana-Dakota
Utilities Co., adivision of MDU Resources Group, Inc., Southern
Minnesota Municipal Power Agency and Western Minnesota
Municipal Power Agency, as Owners (dated as of June 30, 2005).

—Amendment No. 1, dated as of June 1, 2006, to Participation
Agreement (dated as of June 30, 2005).

—Amendment No. 2, dated as of August 18, 2006, to Participation
Agreement (dated as of June 30, 2005).

—Amendment No. 3, effective September 1, 2006, to Participation
Agreement (dated as of June 30, 2005).

—Amendment No. 4, dated as of June 8, 2007, to Participation
Agreement (dated as of June 30, 2005).

—Amendment No. 5, dated as of September 1, 2007, to Participation
Agreement (dated as of June 30, 2005).

—Amendment No. 6, dated as of September 20, 2007, to Participation
Agreement (dated as of June 30, 2005).

—Big Stone |l Power Plant Operation & Maintenance Services
Agreement by and among the Company, Central Minnesota
Municipa Power Agency, Great River Energy, Heartland Consumers
Power District, Montana-Dakota Utilities Co., adivision of MDU
Resources Group, Inc., Southern Minnesota M unicipal Power
Agency and Western Minnesota Municipal Power Agency, as
Owners, and the Company, as Operator (dated as of June 30, 2005).

—Big Stone | and Big Stone |1 2005 Joint Facilities Agreement by
and among the Company, Central Minnesota Municipal Power
Agency, Great River Energy, Heartland Consumers Power District,
M ontana-Dakota Utilities Co., adivision of MDU Resources Group,
Inc., NorthWestern Corporation dba NorthWestern Energy,
Southern Minnesota Municipal Power Agency and Western
Minnesota Municipal Power Agency, as Owners (dated as of

June 30, 2005).

—Amendment No. 1, dated as of July 13, 2006, to Joint Facilities
Agreement (dated as of June 30, 2005).




10-K-1

10-L

10-L-1

10-M

10-N-1

10-N-2

10-N-2a

10-N-3

10-N-4

10-N-5

10-N-6

10-N-7

10-N-8

10-N-9

10-N-10

Previously Filed

As
Exhibit
File No. No.
10-Q for quarter 10
ended 9/30/99
10-K for year 10-L
ended 12/31/91
10-K for year 10-L-1
ended 12/31/88
10-Q for quarter 10.1
ended 06/30/04
10-K for year 10-N-1
ended 12/31/02
8-K filed 10.1
02/04/05
10-K for year 10-N-2a
ended 12/31/06
10-K for year 10-N-5
ended 12/31/93
10-Q for quarter 10-B
ended 3/31/02
8-K filed 4/13/06 10.3
8-K filed 4/13/06 104
10-K for year ended 10-N-7
12/31/05
10-K for year ended 10-N-8
12/31/05
8-K filed 4/13/06 10.2
8-K filed 10.2
04/15/05
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—Power Sales Agreement between the Company and Manitoba
Hydro Electric Board (dated as of July 1, 1999).

—Integrated Transmission Agreement by and between the
Company, Missouri Basin Municipal Power Agency and Western
Minnesota Municipa Power Agency (dated as of March 31, 1986).

—Amendment No. 1, dated as of December 28, 1988, to Integrated
Transmission Agreement (dated as of March 31, 1986).

—Master Coal Purchase Agreement by and between the Company
and Kennecott Coal Sales Company — Hoot L ake Plant (dated as of
December 31, 2001).

—Deferred Compensation Plan for Directors, as amended*
—Executive Survivor and Supplemental Retirement Plan (2005
Restatement).*

—TFirst Amendment of Executive Survivor and Supplemental
Retirement Plan (2005 Restatement).*

—Nonqualified Profit Sharing Plan.*

—Nonqualified Retirement Savings Plan, as amended.*

—1999 Employee Stock Purchase Plan, As Amended (2006).
—1999 Stock Incentive Plan, As Amended (2006).

—Form of Stock Option Agreement*

—Form of Restricted Stock Agreement*

—Form of 2006 Performance Award Agreement.*

—Executive Annual Incentive Plan (Effective April 1, 2005).*




10-N-11

10-N-12

10-0-1

10-0-2

10-0-3

10-0-4

10-P-1

10-P-2

10-P-3

10-P-4

13-A

21-A

23-A

24-A

311

312

321

Previously Filed

As
Exhibit
File No. No.

10-Q for quarter 105
ended 6/30/06

8-K filed 4/13/06 10.1
10-Q for quarter 10-A
ended 6/30/02

10-Q for quarter 10-B
ended 6/30/02

10-Q for quarter 10-C
ended 6/30/02

10-Q for quarter 10-D
ended 6/30/02

8-K filed 10.1
11/2/07

8-K filed 10.2
11/2/07

8-K filed 10.3
11/2/07

8-K filed 104
11/2/07
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—Form of 2006 Restricted Stock Unit Award Agreement.*

—Form of Restricted Stock Award Agreement for Directors.
—Executive Employment Agreement, John Erickson.*
—Executive Employment Agreement and amendment no. 1, Lauris
Molbert.*

—Executive Employment Agreement, Kevin Moug.*

—Executive Employment Agreement, George K oeck.*

—Change in Control Severance Agreement, John Erickson.*
—Change in Control Severance Agreement, Lauris Molbert.*
—Changein Control Severance Agreement, Kevin Moug.*
—Change in Control Severance Agreement, George Koeck.*
—Portions of 2008 Annual Report to Shareholdersincorporated by
reference in this Form 10-K.

—Subsidiaries of Registrant.

—Consent of Deloitte & Touche LLP.

—Powers of Attorney.

—Certification of Chief Executive Officer Pursuant to Section 302 of
the Sarbanes-Oxley Act of 2002.

—Certification of Chief Financial Officer Pursuant to Section 302 of
the Sarbanes-Oxley Act of 2002.

—Certification of Chief Executive Officer Pursuant to Section 906 of
the Sarbanes-Oxley Act of 2002.




Previously Filed

As
Exhibit
File No. No.

322

—Certification of Chief Financial Officer Pursuant to Section 906 of the
Sarbanes-Oxley Act of 2002.

* Management contract of compensatory plan or arrangement required to be filed pursuant to Item 601(b)(10)(iii)(A) of Regulation S-K.

(Back To Top)

Section 2: EX-13.A (EX-13(A))

Selected Consolidated Financial Data

(thousands, except number of shareholders and per-share data)
Revenues

Electric

Plastics

Manufacturing

Health Services

Food Ingredient Processing

Other Business Operations (1)

Corporate Revenues and I ntersegment Eliminations (1)

Total Operating Revenues

Special Charges

Net Income from Continuing Oper ations

Net Income from Discontinued Oper ations

Net Income

Cumulative Changein Accounting Principle

Operating Cash Flow from Continuing Operations

Operating Cash Flow — Continuing and Discontinued
Operations

Capital Expenditures— Continuing Operations

Total Assets

Long-Term Debt

Redeemable Preferred

Basic Earnings Per Share — Continuing Oper ations (2)

Basic Earnings Per Share— Total (2)

Diluted Earnings Per Share — Continuing Oper ations (2)

Diluted Earnings Per Share— Total (2)

Return on Average Common Equity

Dividends Per Common Share

Dividend Payout Ratio

Common Shares Outstanding — Year End

Number of Common Shar eholders (3)

Notes:
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Exhibit 13-A
2008 2007 2006 2005 2004
$ 340,020 $ 323478 $ 306,014 $ 312,985 $ 266,385
116,452 149,012 163,135 158,548 115,426
470,462 381,599 311,811 244,311 201,615
122,520 130,670 135,051 123,991 114,318
65,367 70,440 45,084 38,501 14,023
199,511 185,730 145,603 105,821 102,516
(3,135) (2,042) (1,744) (2,288) (1,247)
$1,311,197 $1,238,887 $1,104,954 $ 981,869 $ 813,036
35,125 53,961 50,750 53,902 40,502
= = 362 8,649 1,693
35,125 53,961 51,112 62,551 42,195
111,321 84,812 79,207 90,348 54,410
111,321 84,812 80,246 95,800 56,301
265,888 161,985 69,448 59,969 49,484
1,692,587 1,454,754 1,258,650 1,181,496 1,134,148
339,726 342,694 255,436 258,260 261,805
1.09 179 1.70 1.82 1.53
1.09 179 171 212 1.59
1.09 178 1.69 181 1.52
1.09 1.78 1.70 211 1.58
6.0% 10.5% 10.6% 13.9% 12.0%
1.19 117 115 112 1.10
109% 66% 68% 53% 70%
35,385 29,850 29,522 29,401 28977
14,627 14,509 14,692 14,801 14,889

(1) Beginning in 2007 cor porate revenues and expenses are no longer reported as components of Other Business Operations. Prior years have

been restated accordingly.
(2) Based on average number of shares outstanding.
(3) Holders of record at year end.




MANAGEMENT’SDISCUSSION AND ANALYSISOF
FINANCIAL CONDITION AND RESULTS OF OPERATIONS

OVERVIEW

Otter Tail Corporation and our subsidiaries form a diverse group of businesses with operations classified into six segments: Electric, Plastics,
Manufacturing, Health Services, Food Ingredient Processing and Other Business Operations. Our primary financial goals are to maximize earnings and
cash flows and to allocate capital profitably toward growth opportunitiesthat will increase shareholder value. M eeting these objectives enables usto
preserve and enhance our financial capability by maintaining desired capitalization ratios and a strong interest coverage position and preserving solid
credit ratings on outstanding securities, which, in the form of lower interest rates, benefits both our customers and sharehol ders.

Our strategy isto continue to develop a core regul ated electric utility combined with a diversified multi-industry platform. Reliable utility performance
combined with growth opportunities at all our businesses provides long-term value. Growing our core electric utility business provides a strong base
of revenues, earnings and cash flows. We look to our nonelectric operating companies to provide organic growth aswell. Organic, internal growth
comes from new products and services, market expansion and increased efficiencies. We expect much of our growth in the next few years will come
from mgjor capital investments at our existing companies. We also expect to grow through acquisitions and adhere to strict guidelines when reviewing
acquisition candidates. Our aim isto add companies that will produce an immediate positive impact on earnings and provide long-term growth
potential. We believe that owning well-run, profitable companies across different industries will bring more growth opportunities and more balance to
our results. In doing this, we also avoid concentrating business risk within asingleindustry. All of our operating companies operate under a
decentralized business model with disciplined corporate oversight.

We assess the performance of our operating companies over time, using the following criteria:
. ability to provide returns on invested capital that exceed our weighted average cost of capital over the long term; and
. assessment of an operating company’s business and potential for future earnings growth.

We are acommitted long-term owner and therefore we do not acquire companies in pursuit of short-term gains. However, we may divest operating
companiesthat no longer fit into our strategy over the long term.

The following major events occurred in our company in 2008:
. We achieved record annual consolidated revenues of $1.3 billion.
. We achieved record annual net cash from operations of $111.3 million.
. Net income from our electric segment was $33.2 million.
. Our construction companies reported record net income of $5.5 million.

. Capital expenditures totaled $266 million, including expenditures for the electric utility’s 32 wind turbines at the Ashtabula Wind Center in
Barnes County, North Dakota and expansion of the wind tower manufacturing facilities of DMI Industries, Inc. (DMI) in West Fargo, North
Dakota and Tulsa, Oklahoma.

. On May 1, 2008 BTD Manufacturing, Inc. (BTD) acquired the assets of Miller Welding & Iron Works, Inc. (Miller Welding), of Washington,
[llinois for $41.7 million in cash.

. The electric utility was granted ageneral rate increase of 2.9% in Minnesota and regulators in both Minnesota and North Dakota approved
rateridersfor the recovery of renewabl e resource costs and investment returns.

. The electric utility filed ageneral rate case in North Dakotain November 2008 requesting a revenue increase of approximately $6.1 million.
. The electric utility filed ageneral rate case in South Dakotain October 2008 requesting arevenue increase of approximately $3.8 million.




Magjor growth strategies and initiativesin our company’s futureinclude:

. Planned capital budget expenditures of up to $884 million for the years 2009-2013 of which $698 million isfor capital projects at the electric
utility, including $395 million related to Big Stone |1 and associated transmission projects and $66 million for anticipated expansion of
transmission capacity in Minnesota (CapX 2020). See “ Capital Requirements” section for further discussion.

. Pursuing the regulatory approvals, financing and other arrangements necessary to build Big Stone 1.
. Adding more renewabl e resources to our electric resource mix.
. Completion of the North Dakota and South Dakota general rate cases.

. The continued investigation and eval uation of organic growth and strategic acquisition opportunities.

The following table summarizes our consolidated results of operations for the years ended December 31:

(in thousands) 2008 2007
Operating Revenues:
Electric $ 339,726 $ 323,158
Nonelectric 971,471 915,729
Total Operating Revenues $1,311,197 $1,238,887
Net Income:
Electric $ 33234 $ 24,498
Nonelectric 1,891 29,463
Total Net Income $ 35125 $ 53,961

The 5.8% increase in consolidated revenues in 2008 compared with 2007 reflects significant revenue growth from our manufacturing and electric
segments. Revenuesincreased $88.9 million in our manufacturing segment in 2008 mainly due to increased sales of wind towers and other fabricated
steel products, including $17.5 million related to the acquisition of Miller Welding in May 2008. Electric sesgment revenues grew by $16.6 million asa
result of increasesin retail and wholesale kilowatt-hour (kwh) sales, a2.9% general rate increase in Minnesota, initiation of renewabl e resource
recovery ridersin North Dakota and Minnesota and an increase in contracted electrical construction work performed for other entities. Revenues at
our transportation company increased $7.5 million as aresult of passing through higher fuel costs and the introduction of heavy-haul and wind tower
transport services. Our construction companies’ revenues grew by $6.3 million in 2008 as higher backlog going into 2008 resulted in an increasein
volume of jobsin progress. Revenues decreased by $32.6 million in our plastics segment in 2008 as aresult of lower volumes of pipe sold dueto a
decrease in construction activity related to the current economic downturn. Revenues from our health services segment decreased $8.1 million in 2008,
reflecting a shift from traditional dealership distribution of products to more commission-based compensation for sales. Food ingredient processing
revenues decreased $5.1 million as aresult of a 13.2% decrease in pounds of products sold in 2008.

Following isamore detailed analysis of our operating results by business segment for the three years ended December 31, 2008, 2007 and 2006,
followed by our outlook for 2009, a discussion of our financial position at the end of 2008 and risk factors that may affect our future operating results
and financial position.




RESULTS OF OPERATIONS

This discussion and analysis should be read in conjunction with our consolidated financial statements and related notes. See note 2 to our
consolidated financial statements for a complete description of our lines of business, locations of operations and principal products and services.

Amounts presented in the following segment tables for 2008, 2007 and 2006 operating revenues, cost of goods sold and other nonelectric operating
expenses will not agree with amounts presented in the consolidated statements of income due to the elimination of intersegment transactions. The
amounts of intersegment eliminations by income statement line item are listed below:

(in thousands) 2008 2007 2006
Operating Revenues:
Electric $ 294 $ 320 $ 311
Nonelectric 2,841 1,722 1,433
Cost of Goods Sold 2,703 1,553 1,433
Other Nonel ectric Expenses 432 489 311
ELECTRIC

The following table summarizes the results of operations for our electric segment for the years ended December 31:

% %

(in thousands) 2008 change 2007 change 2006
Retail Sales Revenues $287,631 4 $276,894 6 $260,926
Whol esale Revenues 25,122 13 22,306 (13) 25,514
Net Marked-to-Market Gains 2,114 (37) 3,334 639 451
Other Revenues 25,153 20 20,944 10 19,123

Total Operating Revenues $340,020 5 $323,478 6 $306,014
Production Fuel 71,930 19 60,482 3 58,729
Purchased Power — System Use 56,329 (25) 74,690 28 58,281
Other Operation and Maintenance Expenses 115,300 8 107,041 3 103,548
Depreciation and Amortization 31,755 22 26,097 1 25,756
Property Taxes 8,949 (5) 9,413 (2 9,589
Operating Income $ 55,757 22 $ 45,755 9) $ 50,111

2008 compar ed with 2007

The $10.7 million increase in retail electric sales revenuesin 2008 compared with 2007 reflects $8.0 million in 2008 Minnesota and North Dakota
renewabl e resource cost recovery rider revenue and an approved increase in Minnesotaretail electric rates of approximately 2.9% that resulted in a
$3.6 million increase in retail revenuesin 2008. These revenue increases were augmented by an additional $5.8 million in revenue mainly related to a
2.9% increasein retail kwh sales resulting from load growth and a 7.8% increase in heating degree days between the years. Theseincreasesin retail
sales revenues were offset by a$6.7 million reduction in fuel clause adjustment (FCA) revenues related to areduction in kwhs purchased for system
usein 2008.

Whol esale el ectric revenues from company-owned generation increased to $23.7 million in 2008 compared with $20.3 million in 2007 asaresult of a
28.4% increase in wholesale kwh sales, partially offset by a9.2% decrease in the price per kwh sold. Greater plant availability in 2008 provided the
electric utility with more opportunities to respond to wholesale market demands. Net gains from energy trading activities, including net mark-to-market
gains and losses on forward energy contracts, were $3.5 million in 2008 compared with $5.3 million in 2007 as a result of adecrease in volume of
forward energy purchase and sales contracts entered into by the electric utility in 2008.

Theincreasein other electric revenuesincludes a $3.6 million increase in revenues from contracted construction work completed for other entitieson
regional wind power projects and a $0.8 million increase in revenues from steam sales to an ethanol plant near the Big Stone Plant site, offset by a
$0.2 million reduction in revenues from shared use of transmission facilities.




Fuel and purchased-power costs to serve retail and wholesale el ectric customers decreased $6.9 million between the years. Fuel costs for generation
for retail customersincreased $8.3 million asaresult of a12.1% increase in generation for system use combined with a 3.4% increasein fuel costs per
kwh generated for system use. Purchased power costs to serveretail customers decreased $18.4 million as a result of a23.8% decrease in kwhs
purchased combined with a 1.0% decrease in the cost per kwh purchased for system use. Fuel costs for wholesale sales increased $3.2 million dueto a
28.4% increase in wholesale kwh sales combined with a 7.1% increase in the cost of fuel per kwh generated for wholesale sales. Overall fuel-fired kwh
generation increased 9.3% as aresult of greater plant availability in 2008. Fuel costs per kwh generated increased 8.8%, but kwhs generated from zero-
fuel-cost wind turbines mitigated the increase in fuel costs per kwh from generation used to serveretail customers.

The $8.3 million increase in electric operating and maintenance expenses includes: (1) $3.1 million in increased material costs not subject to recovery
through retail rates, related to contracted construction work completed for other entities on regional wind power projects, (2) $1.7 million in turbine
repair costs at Hoot L ake Plant in 2008, (3) $0.9 million in higher wage and benefit expenses related to a general wage increase, (4) $0.6 million inwind
turbine related expenses, and (5) anet increase of $2.0 million in other operating expenses. The $5.7 million increase in depreciation and amortization
expense is due to recent capital additions, including 27 wind turbines at the Langdon Wind Energy Center that were built in 2007. Property tax expense
decreased $0.5 million as aresult of decreasesin utility property assessed values in Minnesota and South Dakota and changes in assessment
methodology in South Dakota.

2007 compar ed with 2006

The $16.0 million increase in retail electric sales revenuesin 2007 compared with 2006 includes a net increase of $8.4 million in FCA revenues mainly
related to an increase in purchased power costs in the fourth quarter of 2007 to replace generation lost during a scheduled major maintenance
shutdown of our Big Stone Plant. The increasein retail revenues also includes $7.6 million related to a3.3% increasein retail kwh sales. Residential
kwh salesincreased 4.0% due, in part, to a9.6% increase in heating degree days. Increased oil and ethanol production in our electric service territory
and surrounding regions contributed to a 3.1% increase in commercial and industrial kwh sales. Theincrease in FCA revenuesrelated to increasesin
fuel and purchased power costs for system use between the years was $14.4 million. The $8.4 million net increase in FCA revenues includes the
effects of $6.0 millionin FCA adjustments and refundsin 2006 and 2007 that were not related to increases in fuel and purchased power costs between
theyears.

A 30.6% decline in wholesal e kwh sales from company-owned generation in 2007 compared with 2006 resulted in a $2.8 million decrease in wholesale
revenues despite a 26.7% increase in the price per kwh sold from company-owned generating units. In 2006, advance purchases of electricity in
anticipation of normal winter weather resulted in increased wholesal e electric sales in January 2006, when the weather was unseasonably mild.
Advance purchases of electricity in anticipation of coal supply constraints at Big Stone and Hoot L ake plants in the second quarter of 2006 freed up
more generation for wholesal e sales when coal suppliesimproved in May 2006. Net revenues from energy trading activities, including net mark-to-
market gains on forward energy contracts, were $5.3 million in 2007 compared with $2.8 million in 2006. The $2.5 million increase in revenue from
energy trading activitiesreflects a$3.5 million increase in profits from purchased power resold and net settlements of forward energy contracts and a
$2.9 million increase in net mark-to-market gains on forward energy contracts, offset by a $3.9 million decrease in profits related to the purchase and
sale of financial transmission rights.

The $1.8 million increase in other electric operating revenues in 2007 compared with 2006 is related to increases in revenues of $0.8 million from electric
system planning and construction work performed for other companies, $0.5 million from integrated transmission agreements and $0.4 million for
reimbursement of system operations costs from the Midwest | ndependent Transmission System Operator (M1SO).

The $1.8 million increasein fuel costsin 2007 compared with 2006 reflects an 8.7% increase in the cost of fuel per kwh generated offset by a’5.3%
decrease in kwhs generated. Generation used for wholesale el ectric sal es decreased 30.6% while generation for retail sales decreased 0.8% between
the years. Fuel costsfor the electric utility’s combustion turbinesincreased $2.0 million due to an 86.1% increase in kwhs generated from those units.
Fuel costs per kwh increased at all of the electric utility’s steam turbine generating units as aresult of increasesin coal and coal transportation costs
between the years. Much of theincrease in coal and coal transportation costsisrelated to higher diesel fuel prices.

The $16.4 million increase in purchased power — system use (to serveretail customers) in 2007 compared with 2006 is due to a22.1% increase in kwh
purchases for system use combined with a4.9% increase in the cost per kwh purchased. The increase in kwh purchases was aresult of power
purchased to replace generation lost during the scheduled major maintenance shutdown of our Big Stone Plant in the fourth quarter of 2007.




The $3.5 million increase in other operation and maintenance expenses for 2007 compared with 2006 includes increases of: (1) $1.1 million in labor and
benefit costs related to wage and salary increases averaging approximately 3.8% and an increase in employee numbers between the periods, (2)

$1.0 millionin costs related to contracted construction work performed for other companies, (3) $0.7 million in external costs related to rate case
preparation and (4) $0.6 million in tree-trimming expenditures.

PLASTICS

The following table summarizes the results of operations for our plastics segment for the years ended December 31:

% %
(in thousands) 2008 change 2007 change 2006
Operating Revenues $116,452 (22) $149,012 9) $163,135
Cost of Goods Sold 104,186 (16) 124,344 2 126,374
Operating Expenses 4,956 (31) 7,223 (29) 10,239
Depreciation and Amortization 3,050 (€0)] 3,083 10 2,815
Operating Income $ 4,260 (70) $ 14,362 (39) $ 23,707

2008 compar ed with 2007

The $32.6 million decrease in plastics operating revenues in 2008 compared with 2007 reflects a 26.2% decrease in pounds of pipe sold, partially offset
by a5.9% increase in the price per pound of pipe sold. The decrease in pounds of pipe sold is due to sluggish housing and construction marketsin
2008. The $2.3 million decrease in plastics segment operating expenses is mostly due to decreases in employee incentives and sales commissions
directly related to the decreases in pipe sales and operating margins between the years, but al so reflects reductions in bad debt and property tax
expenses.

2007 compar ed with 2006

The $14.1 million decrease in plastics operating revenuesin 2007 compared with 2006 reflects an 18.8% decrease in the price per pound of pipe sold,
partialy offset by a12.5% increase in pounds of pipe sold. The decrease in pipe prices and cost of goods sold reflects the effect of a 15.7% decrease
in polyvinyl chloride (PV C) resin prices between the years. The $3.0 million decrease in plastics segment operating expenses reflects a decreasein
employee incentives directly related to the decreasesin operating margins between the years. The increase in depreciation and amortization expense
isthe result of $5.5 million in capital additionsin 2006, mainly for production equipment.

MANUFACTURING

The following table summarizes the results of operations for our manufacturing segment for the years ended December 31.:

% %

(in thousands) 2008 change 2007 change 2006
Operating Revenues $470,462 23 $381,599 22 $311,811
Cost of Goods Sold 389,060 30 300,146 22 246,649
Operating Expenses 44,093 25 35,278 33 26,508
Plant Closure Costs 2,295 — — — —
Depreciation and Amortization 19,260 47 13,124 18 11,076
Operating Income $ 15,754 (52) $ 33,051 20 $ 27,578
2008 compar ed with 2007

Theincrease in revenuesin our manufacturing segment in 2008 compared with 2007 relates to the following:

. Revenues at DMI increased $64.6 million (35.0%) as aresult of increasesin production and sales activity, including first-year production
from its new plant in Oklahoma.

. Revenues at BTD increased $32.0 million (39.0%) between the years, including $17.5 million in 2008 revenues from Miller Welding, acquired
in May 2008, $7.6 million from higher prices driven by higher material costs and $6.9 million from increased sales to existing customers.




Revenuesat T.O. Plastics, Inc. (T.O. Plastics), our manufacturer of thermoformed plastic and horticultural products, increased $2.5 million
(6.5%) between the years as aresult of increased sales of horticultural products.

Revenues at ShoreMaster, Inc. (ShoreMaster), our waterfront equipment manufacturer, decreased $10.3 million (13.5%) between the years as
aresult of lower residential and commercial sales.

Theincreasein cost of goods sold in our manufacturing segment in 2008 compared with 2007 relates to the following:

Cost of goods sold at DM increased $63.7 million between the years as aresult of increasesin production and sales activity, including initial
operations at its new plant in Oklahoma. DMI experienced only a$0.9 million increasein gross profit margins between the years mainly due
to the start-up of its Oklahoma plant, where the level s of |abor and overhead spending have been higher than expected and production has
not reached levels necessary to cover these costs. Included in cost of goods sold for 2008 are costs of $4.3 million associated with start-up
of the Oklahoma plant, $3.5 million in additional labor and material costs on a production contract at the Ft. Erie plant and higher costs due to
steel surcharges.

Cost of goods sold at BTD increased $23.4 million between the years, mainly in the categories of materials, labor and shop supply costs, asa
result of increased sales volumes to existing customers and higher material prices. Miller Welding accounted for $13.2 million of theincrease
in cost of goods sold. BTD’ s gross margin was also reduced by $1.0 million in 2008 as aresult of the sale of Miller Welding'sinventory that
was adjusted to fair value on acquisition, as required under business combination accounting rules.

Cost of goods sold at T.O. Plastics increased $2.2 million, mainly in material costs related to increased sales of horticultural products.

Cost of goods sold at ShoreMaster decreased by $0.3 million despite a $10.3 million decrease in revenues between the years. Reduced sales
combined with dealer discounts and tighter profit margins, aswell aslossesincurred on alarge marina project in Costa Rica, contributed to
the $10.0 million declinein gross profits at ShoreMaster.

Theincrease in operating expenses in our manufacturing segment in 2008 compared with 2007 relates to the following:

Operating expenses at DMI increased $5.3 million, including expenses rel ated to the operation of its new plant in Oklahoma, which began
construction in the third quarter of 2007 and went into operation in January 2008. The increase also includes approximately $1.0 millionin
increased severance and retention costs in 2008 related to personnel changes and delayed orders for towers that resulted in workforce
reductions at the end of 2008.

Operating expenses at BTD increased $3.6 million between the years, mainly as aresult of increasesin labor, benefit and contracted service
expenses and the May 2008 acquisition of Miller Welding.

Operating expenses at T.O. Plastics decreased by $0.1 million, but T.O. Plastics operating income was flat between the years asits
depreciation expenses increased by $0.4 million related to $7.0 million in capital expendituresin 2007 and 2008.

Operating expenses at ShoreMaster increased $2.3 million as aresult of the shutdown and sale of ShoreMaster’s production facility in
Californiafollowing the completion of amajor marina project in the state. Plant closure costs include employee-related termination
obligations, asset impairment costs plus other related |osses and expenses.

Depreciation and amortization expense increased mainly as aresult of capital additionsat DMI and T.O. Plastics and the May 2008 acquisition of
Miller Welding.

Segment operating income decreased by $17.3 million primarily due to a $12.3 million decline in operating income at ShoreMaster.




2007 compar ed with 2006

Theincrease in revenuesin our manufacturing segment in 2007 compared with 2006 relates to the following:

Revenues at DMI increased $48.0 million (35.2%) as aresult of increased productivity at the West Fargo plant and increased production
levels at the Ft. Erie plant compared with initial start-up levels beginning in May 2006.

Revenues at ShoreMaster increased $15.9 million (26.4%) between the years due to increased production and sales of commercial products
and higher residential sales during the peak selling season. The Aviva Sports product line, acquired by ShoreMaster in February 2007,
contributed $3.7 million to the increase in revenues.

Revenues at BTD increased $3.5 million (4.5%) between the years, mainly as aresult of the May 2007 acquisition of Pro Engineering, LLC
(Pro Engineering).

Revenuesat T.O. Plasticsincreased $2.4 million (6.4%) between the years as aresult of greater demand for both custom and horticultural
products.

Theincrease in cost of goods sold in our manufacturing segment in 2007 compared with 2006 relates to the following:

Cost of goods sold at DM increased $39.8 million between the years, including increases of $30.4 million in material and supplies, $6.8 million
in labor and benefit costs and $2.6 million in other direct manufacturing costs. The increasein cost of goods sold is directly related to DMI’s
increase in production and sales activity, including operations at the Ft. Erie facilities which commenced in May 2006.

Cost of goods sold at ShoreMaster increased $9.2 million between the years as aresult of increasesin material and labor costs directly
related to the increase in commercial and residential product sales aswell as the acquisition of the Aviva Sports product linein
February 2007, which contributed $2.9 million to cost of goods sold in 2007.

Cost of goods sold at BTD increased $2.8 million between the years as aresult of the acquisition of Pro Engineering in May 2007, partially
offset by adecrease in costs at BTD’s other manufacturing facilities related to a decrease in unit sales between the years.

Cost of goods sold at T.O. Plasticsincreased $2.1 million, mainly driven by an increase in volume, as compared to 2006, and higher material
costs.

Theincrease in operating expenses in our manufacturing segment in 2007 compared with 2006 relates to the following:

Operating expenses at DM increased $3.0 million, including $2.0 million in 2007 pre-production start-up costs at its new plant in Oklahoma
and increases in expenses related to full operations at the Ft. Erie facility. The new plant in Oklahoma started producing towersin
January 2008.

Operating expenses at ShoreMaster increased $3.9 million as aresult of increasesin labor, benefits, sales expenses and professional services,
of which $1.7 million isrelated to the Aviva Sports product line acquired in February 2007 and $1.3 million isrelated to facility relocation and
legal expenses.

Operating expenses at BTD increased $1.3 million between the years as aresult of increasesin labor and other expenses, mainly related to the
acquisition of Pro Engineering in May 2007, and the reduction of alegal settlement reserve in 2006.

Operating expenses at T.O. Plastics increased by $0.6 million between the years mainly as aresult of leadership succession costs and
increasesin professional service expenditures.

Depreciation expense increased between the years mainly as aresult of 2006 capital additionsat DMI’s Ft. Erie and West Fargo plants.




HEALTH SERVICES

The following table summarizes the results of operations for our health services segment for the years ended December 31.:

% %

(in thousands) 2008 change 2007 change 2006
Operating Revenues $122,520 (6) $130,670 3 $135,051
Cost of Goods Sold 96,349 (3 99,612 4 104,108
Operating Expenses 21,030 (11) 23,691 4 22,745
Depreciation and Amortization 4,133 5 3,937 8 3,660
Operating Income $ 1,008 (71) $ 3430 (24) $ 4538

2008 compar ed with 2007

The $8.2 million decrease in health services operating revenues in 2008 compared with 2007 reflects a $4.6 million decrease in revenues from scanning
and other related services as aresult of adecrease in revenues from rental and interim installations. Revenues from equipment sales and servicing
decreased $3.6 million and cost of goods sold decreased $3.3 million between the years as a decrease in traditional dealership distribution of products
was mostly offset by increases in manufacturer representative commissions on more manufacturer-direct sales. The $2.7 million decrease in operating
expensesincludes a$0.9 million increasein gains on sales of imaging company assets, reductionsin sales, marketing and advertising expenses
totaling $1.2 million and a$0.4 million decrease in labor costs. The increase in depreciation and amortization expenseis due to capital additionsin 2007
and 2008. Theimaging side of the business continuesto be affected by less than optimal utilization of certain imaging assets.

2007 compar ed with 2006

The $4.4 million decrease in health services operating revenues in 2007 compared with 2006 reflects a $3.2 million decrease in revenues from scanning
and other related services asaresult of a$2.8 million decrease in revenues from rental and interim installations and transportation services and a9.2%
decrease in the number of scans performed between the years. Revenues from equipment sales and servicing decreased $1.2 million between the years
as adecrease in traditional dealership distribution of products was mostly offset by increases in manufacturer representative commissions on more
manufacturer-direct sales. The decrease in health services revenue was more than offset by the decrease in health services cost of goods sold due to
the decrease in traditional dealership distribution of products and $3.2 million in decreases to labor, warranty and other direct costs of sales. The

$0.9 million increase in operating expenses is mainly due to increased |abor and sales and marketing expenditures. The increase in depreciation and
amortization expense is due to capital additionsin 2006 and 2007.

FOOD INGREDIENT PROCESSING

The following table summarizes the results of operations for our food ingredient processing segment for the years ended December 31:

% %

(in thousands) 2008 change 2007 change 2006
Operating Revenues $65,367 @) $70,440 56 $45,084
Cost of Goods Sold 55,415 2 56,591 28 44,233
Operating Expenses 2,998 (4 3,135 7 2,920
Depreciation and Amortization 4,094 4 3,952 5 3,759
Operating Income (L 0ss) $ 2,860 (58) $ 6,762 216 $(5,828)
2008 compar ed with 2007

The $5.1 million decrease in food ingredient processing revenuesin 2008 compared with 2007 is due to a 13.2% decrease in pounds of product sold,
partially offset by a7.0% increase in the price per pound of product sold. The decrease in product sales was due to areduction in sales to European
customers and major snack customers and to lower production caused by potato supply shortages. European sales were higher than normal in 2007
dueto reduced crop yieldsin Europe in 2006. Supply constraints combined with energy costsrising at rates faster than could be passed through to
customersincreased costs and lowered profits on products sold in 2008.

2007 compar ed with 2006

The $25.4 million increase in food ingredient processing revenuesin 2007 compared with 2006 reflects a 29.5% increase in pounds of product sold
combined with a20.7% increase in the price per pound sold. A reduction in the value of the U.S.




dollar relative to certain foreign currencies in 2007 and a poor European potato crop in 2006 led to favorable export pricing and salesincreasesin
Europe, Latin Americaand the Pacific Rimin 2007. The increase in revenues was only partially offset by a 27.9% increase in cost of goods sold. The
cost per pound of product sold decreased 1.2% between the years. The increase in operating expenses between the years is mainly due to increases
in employee benefit and travel expenses. The increase in depreciation and amortization expenseisrelated to $1.8 million in capital additionsin 2006.

OTHER BUSINESSOPERATIONS

The following table summarizes the results of operations for our other business operations segment for the years ended December 31:

% %
(in thousands) 2008 change 2007 change 2006
Operating Revenues $199,511 7 $185,730 28 $145,603
Cost of Goods Sold 132,985 — 133,407 45 91,806
Operating Expenses 54,538 28 42,448 1 41,867
Depreciation and Amortization 2,230 8 2,058 (12) 2,330
Operating Income $ 9,758 25 $ 7817 (19) $ 9,600

2008 compar ed with 2007

Theincrease in operating revenues in 2008 compared with 2007 in our other business operationsis due to the following:

. Revenues at Foley Company (Foley), amechanical and prime contractor on industrial projects, increased $16.6 million (20.3%) between the
years due to an increase in volume of jobs performed.

. Revenues at E.W. Wylie Corporation (Wyli€), our flatbed trucking company, increased $7.5 million (21.5%) mainly as aresult of the impact of
increased fuel costs on shipping rates. Miles driven by company-owned trucks increased 15.7% as aresult of the addition of heavy haul and
wind tower transport services. Miles driven by owner-operated trucks decreased 32.6%. Combined miles driven by company-owned and
owner-operated trucks decreased 1.1% between the years, reflecting areduction in transport activity related to the economic downturn that
started in 2008.

. Revenues at Midwest Construction Services, Inc. (MCS), our electrical design and construction services company, decreased $10.3 million
(15.0%) between the years as aresult of areduction in the number of jobsin progressin 2008 compared to 2007 in the area of electrical
infrastructure for delivery of wind generated electricity and MCS supplied materials for more jobsin 2007 resulting in areduction in material
pass through costs and revenues in 2008.

Theincreasein cost of goods sold in 2008 compared with 2007 is due to the following:

. Foley’s cost of goods sold increased $14.2 million, including increases of $6.2 million in direct labor and benefit costs, $5.1 millionin
subcontractor costs and $2.7 million in material costs as aresult of increased construction activity and jobsin progress.

. Cost of goods sold at MCS decreased $14.7 million due to decreases in material and subcontractor costs directly related to MCS having
fewer jobsin progress and supplying materials on fewer jobsin 2008. However, MCS s gross marginsincreased by $4.4 million mainly asa
result of higher productivity and increased margins on wind turbine and electric transmission line projectsin 2008.

Theincrease in operating expensesin 2008 compared with 2007 is due to the following:

. Wyli€e's operating expenses increased $8.8 million between the years. Fuel costsincreased $6.9 million as aresult of higher diesel fuel prices
and a 15.7% increase in miles driven by company-owned trucks. Labor and benefit costs increased by $1.3 million and equipment rental costs
increased by $0.6 million due to the addition of heavy-haul servicesin the fourth quarter of 2007.

. MCS's operating expensesincreased $2.0 million between the years due to increases in salary, benefit and professional services expenses.




. Foley’s operating expenses increased $0.9 million between the years due to increasesin labor, professional services and insurance costs.

. Operating expenses at Otter Tail Energy Services Company, (OTESCO), our energy services subsidiary, increased $0.4 million between the
yearsrelated to the investigation of renewable energy wind-generation projects.

2007 compar ed with 2006

Theincrease in operating revenues in 2007 compared with 2006 in our other business operationsis due to the following:
. Revenues at MCS increased $22.9 million (49.9%) between the years as aresult of an increase in volume of jobsin 2007.
. Revenues at Foley increased $17.3 million (26.9%) between the years due to an increase in the volume of jobsin progress.
. Revenues at Wylie were unchanged between the years.

Theincreasein cost of goods sold in 2007 compared with 2006 is due to the following:

. Cost of goods sold at MCSincreased $25.0 million mainly due to increasesin material, subcontractor, direct labor and insurance costs related
to theincrease in volume of jobs between the years. Lower than expected margins on certain construction projects at MCS was the main
factor contributing to the decrease in operating income between the years.

. Cost of goods sold at Foley increased $16.6 million mainly due to increases in direct labor, employee benefits, and subcontractor and material
costs as aresult of the increased volume of work performed between the years.

Theincrease in operating expensesin 2007 compared with 2006 is due to the following:

. Operating expenses at M CS were unchanged between the years.

. Operating expenses at Foley increased $0.5 million between the years as aresult of increased |abor, benefit and insurance expenses. Also,
Foley’s 2006 expenses reflect the recovery of $0.2 million in bad debts.

. Operating expenses at Wylie were unchanged between the years.

The decrease in depreciation and amortization expense in 2007 compared with 2006 reflects the effects of a decision by Wylie to lease rather than buy
replacement trucksfor itsfleet.

CORPORATE

Corporate includes items such as corporate staff and overhead costs, the results of our captive insurance company and other items excluded from the
measurement of operating segment performance. Corporate is not an operating segment. Rather it is added to operating segment totals to reconcile to
totals on our consolidated statements of income.

% %
(in thousands) 2008 change 2007 change 2006
Operating Expenses $15,867 62 $9,824 (13) $11,322
Depreciation and Amortization 538 @) 579 (2) 587

2008 compar ed with 2007

Corporate operating expensesincreased $6.0 million as aresult of a combination of increasesin self insured health insurance plan costs, insurance
expenses and claims experience in the captive insurance company, stock-based compensation and benefit expenses and outside professional service
costs related to the formation of a holding company. These increases were partially offset by a decrease in incentive compensation expense.

2007 compared with 2006

Corporate operating expenses decreased $1.5 million asaresult of a combination of lower insurance costs at our captive insurance company and
lower health insurance plan costs.




CONSOLIDATED OTHER INCOME AND DEDUCTIONS

Other income and deductions increased by $2.1 million in 2008 compared with 2007 mainly as aresult of an increase in Allowance for Funds used
During Construction (AFUDC) at the electric utility in 2008. No equity AFUDC was recorded in 2007 because our 2007 average short-term debt
balance wasin excess of the average balance of Construction Work in Progress (CWIP) at the electric utility in 2007. Average CWIP exceeded average
short-term debt in 2008. As aresult, 63% of AFUDC in 2008 was equity funded.

Other income and deductionsincreased by $2.5 million in 2007 compared with 2006 mainly due to a noncash charge of $3.3 million in 2006 related to
the disallowance of a portion of capitalized costs of funds used during construction at the electric utility.

CONSOLIDATED INTEREST CHARGES

Interest expense increased $6.1 million in 2008 compared with 2007 primarily as aresult of anet increase of $87 million in long-term debt in August and
October of 2007. Short-term debt interest expense increased by $1.8 million in 2008 as aresult of a$76.3 million increasein the average daily balance of
short-term debt outstanding in 2008, mitigated by a 1.9 percentage point decrease in the weighted average interest rate paid on short-term debt
between the years. Interest expense aso increased in 2008 as aresult of a$0.5 million reduction in capitalized interest in 2008 compared with 2007.

Interest expense increased $1.4 million in 2007 compared with 2006 as aresult of a net increase of $87 million in long-term debt in 2007. Short-term debt
interest expense increased $1.8 million as aresult of an increase in the average daily balance of short-term debt outstanding and higher interest rates
in 2007 compared with 2006. Increases in interest expense on both long-term and short-term debt were partially offset by a$2.4 millionincreasein
capitalized interest in 2007.

CONSOLIDATED INCOME TAXES

The $12.9 million (46.2%) reduction in income tax expense from continuing operationsin 2008 compared with 2007 is mostly due to a 38.8% decrease in
income from continuing operations before income taxes. The decrease also is due to federal production tax credits earned on electricity generated from
renewable resources in 2008. These items caused our effective tax rate on income from continuing operations to be 30.0% in 2008 compared with
34.1%in 2007.

The $0.9 million (3.2%) increase in income tax expense from continuing operations in 2007 compared to 2006 is due, in part, to a5.2% increasein
income from continuing operations before income taxes. Our effective tax rate on income from continuing operations was 34.1% in 2007 compared with
34.8% in 2006.

DISCONTINUED OPERATIONS

In 2006, we sold the natural gas marketing operations of OTESCO. Discontinued operations includes the operating results of OTESCO’s natural gas
marketing operations and an after-tax gain on the sale of its natural gas marketing operations of $0.3 million in 2006.

IMPACT OF INFLATION

The electric utility operates under regulatory provisionsthat allow price changesin fuel and certain purchased power costs to be passed to most retail
customers through automatic adjustments to its rate schedules under fuel clause adjustments. Other increases in the cost of electric service must be
recovered through timely filings for electric rate increases with the appropriate regulatory agency.

Our plastics, manufacturing, health services, food ingredient processing, and other business operations consist entirely of businesses whose
revenues are not subject to regulation by ratemaking authorities. Increased operating costs are reflected in product or services pricing with any
limitations on price increases determined by the marketplace. Raw material costs, labor costs and interest rates are important components of costs for
companiesin these segments. Any or al of these components could be impacted by inflation or other pricing pressures, with a possible adverse
effect on our profitability, especially where increases in these costs exceed price increases on finished products. In recent years, our operating
companies have faced strong inflationary and other pricing pressures with respect to steel, fuel, resin, lumber, concrete, aluminum and health care
costs, which have been partially mitigated by pricing adjustments.




HOLDING COMPANY REORGANIZATION

Our Board of Directors has authorized a holding company reorganization of our regulated utility business. Following the completion of the holding
company reorganization, Otter Tail Power Company, which is currently operated as a division of Otter Tail Corporation, will be operated as awholly
owned subsidiary of the new parent holding company to be named Otter Tail Corporation. In connection with the reorganization, each outstanding
Otter Tail Corporation common share will be automatically converted into one common share of the new holding company, and each outstanding
Otter Tail Corporation cumulative preferred share will be automatically converted into one cumulative preferred share of the new holding company,
having the same terms. The holding company reorganization is subject to approval by Minnesota, North Dakota and South Dakota regul atory
agencies and by the Federal Energy Regulatory Commission (FERC), consents from various third parties and certain other conditions. In an order
issued on August 18, 2008, the FERC authorized the reorgani zation subject to certain conditions specified in the order. In an order issued on
October 10, 2008, the North Dakota Public Service Commission (NDPSC) approved our application to form a holding company. In ameeting held on
October 30, 2008, the South Dakota Public Utilities Commission (SDPUC) approved our application to form anew holding company. The Minnesota
Public Utilities Commission (MPUC) approved our request to form a holding company, with certain conditions, at its hearing on December 11, 2008.
Thereremain several business and legal steps that must be accomplished before the reorganization can be compl eted.

2009 BUSINESSOUTLOOK

We anticipate 2009 diluted earnings per share to be in the range of $1.10 to $1.50. This guidance considers the seasonality of the operating cycles of
our businesses and reflects challenges presented by an ongoing economic recession and our plans to prudently manage operating expenses and
capital expenditures acrossall our operating companies. Our current consolidated capital expenditures expectation for 2009 isin the range of $60 to
$70 million. This compares with $266 million of capital expendituresin 2008. Some of our businesses could benefit from renewabl e energy devel opment
incentives included in the American Recovery and Reinvestment Act passed by Congress and signed by the President in February 2009. We continue
to explore investments in wind projects for the electric segment that could have a positive effect on our earnings and returns on capital. There could
be additional capital expenditure opportunities available aswell for some of our nonelectric businesses as aresult of the passage of the American
Recovery and Reinvestment Act of 2009.

Contributing to our earnings guidance for 2009 are the following items:

. We expect increased levels of revenue and net income from our electric segment in 2009 as aresult of recently granted rate increases and
resource recovery riders. The expected increase in revenues includes Minnesota and North Dakota renewabl e resource cost recovery rider
revenue related to the Ashtabula Wind Center that was placed in servicein late 2008, an interim rate increase of approximately $4.8 million, or
4.1%, which is part of arate case filed with the NDPSC in November 2008 requesting a general rate increase of approximately $6.1 million, or
5.1%. Interim rates remain in effect for all North Dakota customers until the NDPSC makes afinal determination on the electric utility's
reguest, which is expected to occur by August 1, 2009. Expectationsin 2009 also reflect arequest for an increase in revenuesin South Dakota
of approximately $3.8 million annually, or 15.3% ($1.3 million in 2009). A final decision on the request is expected from the SDPUC in mid-
summer 2009 with no provision for an increasein ratesin the interim.

. We expect our plastics segment’s 2009 performance to be below 2008 earnings given continued poor economic conditions. Announced
capacity expansions are not expected to be brought on line until the economy improves and demand for PV C pipe increases.

. We expect earnings from our manufacturing segment to improve in 2009. Business conditions at BTD remain relatively strong and earnings
are expected to increase in 2009 given full year operating results of Miller Welding, acquired in May 2008, an expanded customer base and
expected improvements in manufacturing processes. While the economy is expected to impact the amount of spending on waterfront
products, earnings are expected to improve at ShoreMaster compared with 2008 given the restructuring that has occurred in its business.
The Adelanto facility has been closed, workforce reductions have been put in place, capital spending is being limited and improved
profitability is expected on commercial projectsin 2009. At DMI, we expect adecline in earnings in 2009 due to wind developers’ limited
access to financing which has resulted in cancellation or suspension of orders across the industry. Industry forecasts for megawatt
installations of wind power in 2009 portray a decrease of between 25 to 50 percent from 2008. T. O. Plastics' earnings are expected to remain
flat between the years. Backlog in place in the manufacturing segment to support 2009 revenuesis approximately $241 million compared with
$295 million one year ago.




. We expect increased net income from our health services segment in 2009 asit focuses on improving its mix of imaging assets and asset
utilization rates and has implemented cost reductions across the segment.

. We expect increased net income from our food ingredient processing business in 2009 based on expectations of higher sales volumes, strong
pricing for products, lower energy costs and higher production levelsin 2009 compared with 2008. This business has backlog in place for
2009 of 48 million pounds compared with 52 million pounds one year ago.

. We expect our other business operations segment to have asimilar level of earningsin 2009 compared with 2008. Backlog in place for the
construction businessesis $71 million for 2009 compared with $77 million one year ago.

. We expect corporate general and administrative costs to decrease in 2009.

Our outlook for 2009 is dependent on avariety of factors and is subject to the risks and uncertainties discussed under “Risk Factors and Cautionary
Statements.”

LIQUIDITY

The following table presents the status of our lines of credit as of December 31, 2008:

In Use on Restricted due to
December 31, Outstanding Available on
(in thousands) Line Limit 2008 Letters of Credit December 31, 2008
Varistar Credit Agreement $200,000 $107,849 $14,445 $ 77,706
Electric Utility Credit Agreement 170,000 27,065 — 142,935
Tota $370,000 $134,914 $14,445 $220,641

We believe we have the necessary liquidity to effectively conduct business operations for an extended period if current market conditions continue.
Despite the difficult year in 2008, our balance sheet is strong and we are in compliance with our debt covenants. We completed an equity offering in
September 2008, which allowed usto invest in major organic growth opportunitiesin wind energy projects.

We believe our financial condition is strong and that our cash, other liquid assets, operating cash flows, existing lines of credit, access to capital
markets and borrowing ability because of solid credit ratings, when taken together, provide adeguate resources to fund ongoing operating
reguirements and future capital expenditures related to expansion of existing businesses and development of new projects. Additional equity and debt
financing will be required in the period 2009 through 2013 given our current capital expansion plans over this period. See “ Capital Resources’ section
for further discussion. Also, our operating cash flow and access to capital markets can be impacted by macroeconomic factors outside our control. In
addition, our borrowing costs can be impacted by changing interest rates on short-term and long-term debt and ratings assigned to us by
independent rating agencies, which in part are based on certain credit measures such as interest coverage and leverage ratios.

In March 2008, DMI entered into athree-year $40 million receivable purchase agreement whereby designated customer accounts receivable may be
sold to General Electric Capital Corporation (GECC) on arevolving basis. Accounts receivable totaling $132.9 million were sold in 2008. Discounts,
fees and commissions of $0.7 million for the year ended December 31, 2008 were charged to operating expenses in the consolidated statements of
income. The balance of receivables sold that were still outstanding to the buyer as of December 31, 2008 was $25.3 million. The sales of these
accounts receivable are reflected as areduction of accounts receivable in the 2008 consolidated balance sheet and the proceeds areincluded in the
cash flows from operating activitiesin the 2008 consolidated statement of cash flows.

In December 2007, ShoreMaster entered into an agreement with GE Commercial Distribution Finance Corporation (CDF) to provide floor plan financing
for certain dealer purchases of ShoreMaster products. Financings under this agreement began in 2008. This agreement has improved our liquidity by
financing deal er purchases of ShoreMaster’s products without requiring substantial use of working capital. ShoreMaster is paid by CDF shortly after
product shipment for purchases financed under this agreement. The floor plan financing agreement requires ShoreMaster to repurchase new and
unused inventory repossessed by CDF to satisfy the dealer’s obligations to CDF under this agreement. ShoreMaster has agreed to unconditionally
guarantee to CDF all current and future liabilities which any dealer owesto CDF under this agreement. Any




amounts due under this guaranty will be payable despite impairment or unenforceability of CDF's security interest with respect to inventory that may
prevent CDF from repossessing the inventory. The aggregate total of amounts owed by dealers to CDF under this agreement was $5.0 million on
December 31, 2008. ShoreMaster hasincurred no losses under this agreement. We believe current avail able cash and cash generated from operations
provide sufficient funding in the event there is arequirement to perform under this agreement. CDF has notified ShoreMaster that it is exercising its
right under this agreement to terminate the agreement effective February 28, 2009. The termination of the agreement will have no effect on
ShoreMaster’s obligations to CDF for any products financed, advances made or approvals granted by CDF under the agreement prior to the effective
termination date. Additionally, ShoreMaster isliable for expensesincurred by CDF before or after the effective termination date in connection with the
collection of any amounts or other charges as set forth in the agreement. As part of its marketing programs, ShoreMaster pays floor plan financing
costs of its dealersfor CDF financed purchases of ShoreMaster products for certain set time periods based on the timing and size of adealer’sorder.

Cash provided by operating activities of continuing operationswas $111.3 million in 2008 compared with $84.8 million in 2007. The $26.5 million
increase in cash provided by operating activities of continuing operations mainly reflects a$24.6 million reduction in cash paid for income taxesin
2008. See note 1 to our 2008 consolidated financial statements. In addition, discretionary cash contributions to our funded pension plan were
decreased by $2.0 million in 2008. Cash used for working capital items was $27.3 million in 2008 compared with $28.5 million in 2007, a decrease of
$1.2 million between the years. Cash used for working capital in 2008 includes: (1) anet increase in interest payable and income taxes receivable of
$25.2 million, mainly related to bonus tax depreciation, federal production tax credits and North Dakota wind energy tax credits earned in 2008, (2) an
increase in other current assets of $12.4 million, mainly dueto a$23.1 million increase in costs and estimated earningsin excess of billings at DMI
offset by an $8.5 million reduction in accrued revenues at the electric utility, and (3) adecrease in payables and other current liabilities of $8.6 million,
mainly due to adecrease in accounts payable at the plastic pipe companies as aresult of reductionsin PV C resin purchases, offset by (4) a decrease
in receivables of $19.5 million mainly related to DMI’s sales of receivablesto GECC in 2008.
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Net cash used in investing activities was $299.4 million in 2008 compared with $164.0 million in 2007. Cash used for capital expendituresincreased by
$103.9 million between the years. Cash used for capital expenditures at the electric utility increased by $94.5 million, mainly due to 2008 paymentsfor
assets constructed at the Langdon Wind Energy Center in late 2007 and payments for the construction of 32 wind turbines at the A shtabula Wind
Center in 2008. The electric utility also made major capital expendituresin 2008 to upgrade atransmission linein Cass County, North Dakotato serve
increasing loads and improve service reliability in that region. Cash used for capital expendituresin our plastics segment increased $5.6 million,
primarily related to the installation of anew PV C pipe extrusion line at the Hampton, lowa plant. Cash used for capital expendituresat DMI increased
$3.4 million between the years related to expansion of production capacity at its West Fargo and Tulsa plants. We paid $41.7 million in cash to acquire
Miller Welding in May 2008. We completed two acquisitionsin 2007 for acombined purchase price of $6.8 million.




Net cash provided by financing activities was $154.6 million in 2008 compared with $113.2 million in 2007. Proceeds from the issuance of common
stock, net of issuance expenses, were $156.6 million in 2008 compared with $7.7 million in 2007. We issued 5,175,000 common sharesin a public
offering in September 2008. During 2008, 276,685 common shares were issued for stock options exercised compared with 298,601 common shares
issued for stock options exercised in 2007. We received $1.2 million in proceeds from the i ssuance of long-term debt and repaid $3.6 million in long-
term debt in 2008. In 2007, we received proceeds of $203.4 million in cash from the issuance of debt, net of debt issuance expenses, and paid

$118.2 million to retire or refinance debt. Proceeds from short-term borrowings were $39.9 million in 2008 compared with $56.1 million in 2007. Proceeds
from short-term borrowings were used to help fund construction expendituresin 2008. Dividends paid on common and preferred sharesin 2008
increased $2.6 million in 2008 compared with 2007. The increase in dividend paymentsis due to atwo cent per shareincrease in common dividends
paid and an increase of 5,534,831 common shares outstanding between the years, most of which wereissued for the September 2008 public offering
and only received dividendsin the fourth quarter of 2008.

CAPITAL REQUIREMENTS

We have a capital expenditure program for expanding, upgrading and improving our plants and operating equipment. Typical uses of cash for capital
expenditures are investmentsin electric generation facilities, transmission and distribution lines, manufacturing facilities and upgrades, equipment
used in the manufacturing process, purchase of diagnostic medical equipment, transportation equipment and computer hardware and information
systems. The capital expenditure program is subject to review and isrevised in light of changes in demands for energy, technology, environmental
laws, regulatory changes, business expansion opportunities, the costs of |abor, materials and equipment and our consolidated financial condition.

Cash used for consolidated capital expenditures was $266 million in 2008, $162 million in 2007 and $69 million in 2006. As aresult of the ongoing
economic recession and difficult credit market conditions we have reduced capital expenditures across all of our operating companies. Estimated
capital expenditures for 2009 are $61 million. Total capital expenditures for the five-year period 2009 through 2013 are estimated to be approximately
$884 million, which includes $395 million for our share of expected expenditures for construction of the planned Big Stone 1 electric generating plant
and related transmission assetsif all necessary permits and approvals are granted on atimely basis, and $66 million for CapX 2020 projects. The
breakdown of 2006, 2007 and 2008 actual and 2009 through 2013 estimated capital expenditures by segment is asfollows:

(in millions) 2006 2007 2008 2009 | 2009-2013
Electric $ 35 $ 104 $ 199 $ 35 $ 698
Plastics 5 3 9 5 18
Manufacturing 20 43 48 13 115
Health Services 5 5 4 3 27
Food Ingredient Processing 2 — 2 3 14
Other Business Operations 2 6 4 2 11
Corporate — 1 — — 1

Tota $ 69 $ 162 $ 266 $ 61 $ 884

The electric segment continues to review another wind project called the Luverne Wind Farm. The expected cost of this 49.5 megawatt project is $100
to $110 million. This project is subject to our ability to obtain acceptable financing terms and to approval by our Board of Directors. There could be
additional capital expenditure opportunities available aswell for some of our nonelectric businesses as aresult of the passage of the American
Recovery and Reinvestment Act of 2009. If Big Stone Il is not built, budgeted amounts for that project will be applied to alternative basel oad
generation projects that will be needed to meet the electric utility’s future generation requirements.




The following table summarizes our contractual obligations at December 31, 2008 and the effect these obligations are expected to have on our liquidity
and cash flow in future periods.

Less than 1-3 3-5 More than
(in millions) Total 1Year Years Years 5 Years
Long-Term Debt Obligations $ 343 $ 4 $ 94 $10 $235
Interest on Long-Term Debt Obligations 246 21 40 28 157
Coal Contracts (required minimums) 154 54 60 18 22
Capacity and Energy Requirements 140 24 17 11 88
Operating Lease Obligations 130 46 57 17 10
Postretirement Benefit Obligations 58 3 7 8 40
Other Purchase Obligations 42 42 — — —
Total Contractual Cash Obligations $1,113 $194 $275 $92 $552

Interest on $10.4 million of variable-rate debt outstanding on December 31, 2008 was projected based on the interest rates applicable to that debt
instrument on December 31, 2008. Postretirement Benefit Obligations include estimated cash expenditures for the payment of retiree medical and life
insurance benefits and supplemental pension benefits under our unfunded Executive Survivor and Supplemental Retirement Plan, but do not include
amounts to fund our noncontributory funded pension plan as we are not currently required to make a contribution to that plan.

CAPITAL RESOURCES

The following table presents the status of our lines of credit as of December 31, 2008:

Restricted due to

In Use on Outstanding Letters Available on
(in thousands) Line Limit December 31, 2008 of Credit December 31, 2008
Varistar Credit Agreement $200,000 $107,849 $14,445 $ 77,706
Electric Utility Credit Agreement 170,000 27,065 — 142,935
Total $370,000 $134,914 $14,445 $220,641

Financial flexibility is provided by operating cash flows, unused lines of credit, strong financial coverages, solid credit ratings, and alternative
financing arrangements such as leasing. Equity or debt financing will be required in the period 2009 through 2013 given the expansion plans related to
our electric segment to fund construction of new rate base investments, in the event we decide to reduce borrowings under our lines of credit, refund
or retire early any of our presently outstanding debt or cumulative preferred shares, to complete acquisitions or for other corporate purposes. There
can be no assurance that any additional required financing will be available through bank borrowings, debt or equity financing or otherwise, or that if
such financing is available, it will be available on terms acceptable to us. If adequate funds are not available on acceptable terms, our businesses,
results of operations and financial condition could be adversely affected.

On December 23, 2008 our wholly owned subsidiary, Varistar Corporation (Varistar), entered into a $200 million Amended and Restated Credit
Agreement (the Varistar Credit Agreement) with the Banks named therein, U.S. Bank National Association, anational banking association, as agent
for the Banks and as Lead Arranger, and Bank of America, N.A., Keybank National Association, and Wells Fargo Bank, National Association, as Co-
Documentation Agents. The Varistar Credit Agreement amends and restates the $200 million Credit Agreement, dated as of October 2, 2007 (the
Original Credit Agreement), among the partiesto the Varistar Credit Agreement, and is an unsecured revolving credit facility that V aristar can draw on
to support its operations. The Original Credit Agreement was amended to provide that, in the event we elect to form a holding company, the Varistar
Credit Agreement will become an obligation of the new holding company on the terms and subject to the conditions specified in the Varistar Credit
Agreement, which include changes to the interest rate and financial covenants. The line of credit may be increased to $300 million on the terms and
subject to the conditions described in the Varistar Credit Agreement and will expire on October 2, 2010. Borrowings under the line of credit bear
interest at LIBOR plus 2.0%, subject to adjustment based on Varistar’s adjusted cash flow leverageratio (as defined in the Varistar Credit Agreement).
In the event we elect to form a holding company on the terms and subject to the conditions specified in the Varistar Credit Agreement (the Permitted
Reorganization), the interest rate for loans after the effectiveness of the Permitted Reorganization will be based on the senior unsecured credit ratings
of the new holding company.




The Varistar Credit Agreement contains a number of restrictions on the businesses of Varistar and its material subsidiaries, including restrictionson
their ability to merge, sell assets, make certain investments, create or incur liens on assets, guarantee the obligations of any other party, and engagein
transactions with related parties. The Varistar Credit Agreement also contains affirmative covenants and events of default. The Varistar Credit
Agreement does not include provisions for the termination of the agreement or the accel eration of repayment of amounts outstanding due to changes
in our credit ratings. Varistar's obligations under the Varistar Credit Agreement are guaranteed by each of its material subsidiaries.

On July 30, 2008 Otter Tail Corporation, dba Otter Tail Power Company replaced its credit agreement with U.S. Bank National Association, which
provided for a$75 million line of credit, with anew credit agreement providing for a$170 million line of credit with an accordion feature whereby the
line can be increased to $250 million as described in the new credit agreement. The new credit agreement (the Electric Utility Credit Agreement) is
between Otter Tail Corporation, dba Otter Tail Power Company and JPMorgan Chase Bank, N.A., Wells Fargo Bank, National Association and Merrill
Lynch Bank USA, as Banks, U.S Bank National Association, asaBank and as agent for the Banks, and Bank of America, N.A., asaBank and as
Syndication Agent. The Electric Utility Credit Agreement is an unsecured revolving credit facility that the electric utility can draw on to support the
working capital needs and other capital requirements of its operations. Borrowings under thisline of credit bear interest at LIBOR plus 0.5%, subject
to adjustment based on the ratings of our senior unsecured debt. The Electric Utility Credit Agreement contains a number of restrictions on the
business of the electric utility, including restrictions on its ability to merge, sell assets, incur indebtedness, create or incur liens on assets, guarantee
the obligations of any other party, and engage in transactions with related parties. The Electric Utility Credit Agreement also contains affirmative
covenants and events of default. The Electric Utility Credit Agreement is subject to renewal on July 30, 2011.

The note purchase agreement rel ating to our $90 million 6.63% senior notes due December 1, 2011 (the 2001 Note Purchase Agreement), the note
purchase agreement relating to our $50 million 5.778% senior note due November 30, 2017 (the Cascade Note Purchase Agreement), and the note
purchase agreement relating to our $155 million senior unsecured notesissued in four series consisting of $33 million aggregate principal amount of
5.95% Senior Unsecured Notes, Series A, due 2017; $30 million aggregate principal amount of 6.15% Senior Unsecured Notes, Series B, due 2022;
$42 million aggregate principal amount of 6.37% Senior Unsecured Notes, Series C, due 2027; and $50 million aggregate principal amount of 6.47%
Senior Unsecured Notes, Series D, due 2037 (the 2007 Note Purchase Agreement) each states that we may prepay al or any part of the notesissued
thereunder (in an amount not less than 10% of the aggregate principal amount of the notes then outstanding in the case of apartial prepayment) at
100% of the principal amount prepaid, together with accrued interest and a make-whole amount. Each of the 2001 Note Purchase Agreement and the
Cascade Note Purchase Agreement statesin the event of atransfer of utility assets put event, the notehol ders thereunder have the right to require us
to repurchase the notes held by them in full, together with accrued interest and a make-whole amount, on the terms and conditions specified in the
respective note purchase agreements. The 2007 Note Purchase Agreement states we must offer to prepay all of the outstanding notes issued
thereunder at 100% of the principal amount together with unpaid accrued interest in the event of a change of control of the Company.

The 2001 Note Purchase Agreement, the Cascade Note Purchase Agreement and the 2007 Note Purchase Agreement each contains a number of
restrictions on us and our subsidiaries. In each case these include restrictions on our ability and the ability of certain of our subsidiariesto merge, sell
assets, create or incur liens on assets, guarantee the obligations of any other party, and engage in transactions with related parties. Our obligations
under the 2001 Note Purchase Agreement and the Cascade Note Purchase Agreement are guaranteed by certain of our subsidiaries.

Financial Covenants

The Electric Utility Credit Agreement, the 2001 Note Purchase Agreement, the Cascade Note Purchase Agreement, the 2007 Note Purchase
Agreement, the Lombard US Equipment Finance Note and the financial guaranty insurance policy with Ambac Assurance Corporation relating to our
pollution control refunding bonds contain covenants by us to not permit our debt-to-total capitalization ratio to exceed 60% or permit our interest and
dividend coverageratio (or in the case of the Cascade Note Purchase Agreement, our interest coverage ratio) to belessthan 1.5 to 1. On effectiveness
of the Permitted Reorganization, the Varistar Credit Agreement will contain similar covenants applicable to the new holding company. The note
purchase agreements further restrict us from allowing our priority debt to exceed 20% of total capitalization. The Varistar Credit Agreement also
contains certain financial covenantsthat will apply to Varistar until the effectiveness of the Permitted Reorganization. Specifically, Varistar must
maintain afixed charge coverage ratio (as defined in the Varistar Credit Agreement) of not lessthan 1.20 to 1.00 for each period of four consecutive
fiscal quartersthrough March 31, 2009, and not less than 1.25 to 1.00 for each period of four consecutive fiscal quarters ending June 30, 2009 and
thereafter. In addition, Varistar must not permit its Cash Flow Leverage Ratio (as defined in the Varistar Credit Agreement) to exceed 3.25to 1.00 for
each period of four consecutive fiscal quarters through March 31, 2009, or to exceed 3.00 to 1.00 for each period of four




consecutive fiscal quarters ending June 30, 2009 and thereafter. Our Credit and Note Purchase Agreements do not contain any provisions that would
trigger an acceleration of our debt caused by credit rating levels assigned to us by rating agencies. We and Varistar were in compliance with all of the
financial covenants under our respective financing agreements as of December 31, 2008.

Our securitiesratings at December 31, 2008 were:

Moody's Investors Standard
Service & Poor's
Senior Unsecured Debt A3 BBB-
Preferred Stock Not rated BB
Outlook Negative Stable

On September 26, 2008 Standard and Poor’ s Ratings Services lowered its corporate credit rating and senior unsecured debt rating on our company
from BBB+ to BBB- and lowered itsrating on our preferred stock from BBB- to BB and changed its outlook from negative to stable, citing agrowing

appetite for nonutility businesses in combination with expected credit measures that are more consistent with the BBB- rating and expected cash flow
constraints given current economic indicators.

On January 14, 2009 Moody’s Investors Service placed the ratings of our senior unsecured debt under review for possible downgrade. The review for
possible downgrade follows the January 7, 2009 order of the MPUC approving, with conditions, the restructuring of Otter Tail Corporation to
establish a separate subsidiary corporation to conduct its utility operations.

Our disclosure of these securities ratings is not arecommendation to buy, sell or hold our securities. Downgrades in these securities ratings could
adversely affect our company. Further, downgrades could increase our borrowing costs resulting in possibl e reductions to net income in future
periods and increase the risk of default on our debt obligations.

Our ratio of earningsto fixed charges from continuing operations, which includes imputed finance costs on operating | eases, was 2.4x for 2008
compared to 3.5x for 2007 and our long-term debt interest coverage ratio before taxes was 3.8x for 2008 compared to 6.2x for 2007. During 2009, we
expect these coverage ratios to increase, assuming 2009 net income meets our expectations.
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OFF-BALANCE-SHEET ARRANGEMENTS

We do not have any off-balance-sheet arrangements or any relationships with unconsolidated entities or financial partnerships. These entities are
often referred to as structured finance special purpose entities or variable interest entities, which are established for the purpose of facilitating off-
bal ance-sheet arrangements or for other contractually narrow or limited purposes. We are not exposed to any financing, liquidity, market or credit risk
that could arise if we had such relationships.




RISK FACTORSAND CAUTIONARY STATEMENTS

We are including the following factors and cautionary statementsin this Annual Report to make applicable and to take advantage of the safe harbor
provisions of the Private Securities Litigation Reform Act of 1995 for any forward-looking statements made by us or on our behalf. Forward-looking
statements include statements concerning plans, objectives, goals, strategies, future events or performance, and underlying assumptions (many of
which are based, in turn, upon further assumptions) and other statements that are other than statements of historical facts. From time to time, we may
publish or otherwise make available forward-looking statements of this nature. All these forward-looking statements, whether written or oral and
whether made by us or on our behalf, are also expressly qualified by these factors and cautionary statements. Forward-looking statementsinvolve
risks and uncertainties, which could cause actual results or outcomesto differ materially from those expressed.

Any forward-looking statement contained in this document speaks only as of the date on which the statement is made, and we undertake no
obligation to update any forward-looking statement or statementsto reflect events or circumstances that occur after the date on which the statement
ismade or to reflect the occurrence of unanticipated events. New factors emerge from timeto time, and it is not possible for usto predict all of the
factors, nor can we assess the effect of each factor on our business or the extent to which any factor, or combination of factors, may cause actual
results to differ materially from those contained in any forward-looking statement. The following factors and the other matters discussed herein are
important factors that could cause actual results or outcomes for our company to differ materially from those discussed in the forward-looking
statements included elsewhere in this document.

GENERAL
Federal and state environmental regulation could requireusto incur substantial capital expendituresand increased oper ating costs.

We are subject to federal, state and local environmental laws and regulations relating to air quality, water quality, waste management, natural
resources and health safety. These laws and regul ations regul ate the modification and operation of existing facilities, the construction and operation
of new facilities and the proper storage, handling, cleanup and disposal of hazardous waste and toxic substances. Compliance with these legal
reguirements requires us to commit significant resources and funds toward environmental monitoring, installation and operation of pollution control
equipment, payment of emission fees and securing environmental permits. Obtaining environmental permits can entail significant expense and cause
substantial construction delays. Failure to comply with environmental laws and regulations, even if caused by factors beyond our control, may result
in civil or criminal liabilities, penalties and fines.

Existing environmental laws or regulations may be revised and new laws or regulations may be adopted or become applicable to us. Revised or
additional regulations, which result in increased compliance costs or additional operating restrictions, particularly if those costs are not fully
recoverable from customers, could have a material effect on our results of operations.

Volatilefinancial marketsand changesin our debt ratings could restrict our ability to access capital and increase borrowing costs and pension
plan expenses.

We rely on access to both short- and long-term capital markets as a source of liquidity for capital requirements not satisfied by cash flows from
operations. If we are not able to access capital at competitive rates, our ability to implement our business plans may be adversely affected. Market
disruptions or a downgrade of our credit ratings may increase the cost of borrowing or adversely affect our ability to access one or more financial
markets.

Disruptions, uncertainty or volatility in the financial markets can also adversely impact our results of operations, the ability of customersto finance
purchases of goods and services, and our financial condition aswell as exert downward pressure on stock prices and/or limit our ability to sustain our
current common stock dividend level.

Changesin the U.S. capital markets could also have significant effects on our pension plan. Our pension income or expense is affected by factors
including the market performance of the assetsin the master pension trust maintained for the pension plan for some of our employees, the weighted
average asset allocation and long-term rate of return of our pension plan assets, the discount rate used to determine the service and interest cost
components of our net periodic pension cost and assumed rates of increase in our employees’ future compensation. If our pension plan assets do not
achieve positiverates of return, or if our estimates and assumed rates are not accurate, our earnings may decrease because net periodic pension costs
would rise and we could be required to provide additional funds to cover our obligations to employees under the pension plan.




As of December 31, 2008, our defined benefit pension plan assets had declined significantly since December 31, 2007. We are not required to make a
mandatory contribution to the pension plan in 2009. However, if the market value of pension plan assets continues to decline and relief under the
Pension Protection Act is no longer granted, we could be required to contribute additional capital to the pension plan.

Any significant impairment of our goodwill would cause a decreasein our assetsand areduction in our net operating performance.

We had approximately $106.8 million of goodwill recorded on our consolidated balance sheet as of December 31, 2008. We have recorded goodwill for
businesses in each of our business segments, except for our electric utility. If we make changesin our business strategy or if market or other
conditions adversely affect operationsin any of these businesses, we may be forced to record an impairment charge, which would lead to decreased
assets and areduction in net operating performance. Goodwill istested for impairment annually or whenever events or changesin circumstances
indicate impairment may have occurred. If the testing performed indicates that impairment has occurred, we are required to record an impairment
charge for the difference between the carrying value of the goodwill and the implied fair value of the goodwill in the period the determination is made.
The testing of goodwill for impairment requires us to make significant estimates about our future performance and cash flows, as well as other
assumptions. These estimates can be affected by numerous factors, including changesin economic, industry or market conditions, changesin
business operations, future business operating performance, changes in competition or changes in technologies. Any changesin key assumptions,
or actual performance compared with key assumptions, about our business and its future prospects or other assumptions could affect the fair value of
one or more business segments, which may result in an impairment charge.

We currently have $24.3 million of goodwill and a $3.3 million nonamortizabl e trade name recorded on our balance sheet related to the acquisition of
Idaho Pacific Holdings, Inc. (IPH) in 2004. If conditions of low sales prices, high energy and raw material costs and a shortage of raw potato supplies
return, as experienced in 2006, or operating margins do not improve according to our projections, the reductions in anticipated cash flows from this
business may indicate that itsfair value isless than its book value resulting in an impairment of some or all of the goodwill and nonamortizable
intangible assets associated with IPH and a corresponding charge against earnings.

We currently have $12.3 million of goodwill and $4.9 million in nonamortizabl e trade names recorded on our balance sheet related to the acquisition of
ShoreMaster and its subsidiary companies. If current economic conditions continue to impact the amount of sales of waterfront products and
ShoreMaster is not successful with reorganizing and streamlining its business to improve operating margins according to our projections, the
reductionsin anticipated cash flows from this business may indicate that itsfair value isless than its book value resulting in an impairment of some or
al of the goodwill and nonamortizable intangible assets associated with ShoreMaster and a corresponding charge against earnings.

A sustained decline in our common stock price below book value may result in goodwill impairments that could adversely affect our results of
operations and financial position, aswell as our credit facility covenants.

Economic conditions could negatively impact our businesses.

Our businesses are affected by local, national and worldwide economic conditions. The current tightening of credit in financial markets could
continue to adversely affect the ability of customersto finance purchases of our goods and services, resulting in decreased orders, cancelled or
deferred orders, slower payment cycles, and increased bad debt and customer bankruptcies. Our businesses may also be adversely affected by
decreases in the general level of economic activity, such as decreasesin business and consumer spending. A declinein the level of economic activity
and uncertainty regarding energy and commodity prices could adversely affect our results of operations and our future growth.

If we are unableto achieve the organic growth we expect, our financial performance may be adver sely affected.

We expect much of our growth in the next few yearswill come from major capital investment at existing companies. To achieve the organic growth we
expect we will have to develop new products and services, expand our markets and increase efficiencies in our businesses. Competitive and economic
factors could adversely affect our ability to do this. If we are unable to achieve and sustain consistent organic growth, we will be lesslikely to meet
our revenue growth targets, which together with any resulting impact on our net income growth, may adversely affect the market price of our common
shares.




Our plansto grow and diversify through acquisitions may not be successful, which could result in poor financial performance.

As part of our business strategy, we intend to acquire new businesses. We may not be able to identify appropriate acquisition candidates or
successfully negotiate, finance or integrate acquisitions. |If we are unable to make acquisitions, we may be unable to realize the growth we anticipate.
Future acquisitions could involve numerous risks including: difficultiesin integrating the operations, services, products and personnel of the
acquired business; and the potential loss of key employees, customers and suppliers of the acquired business. If we are unable to successfully
manage these risks of an acquisition, we could face reductions in net income in future periods.

Our plansto acquire, grow and operate our nonelectric businesses could belimited by state law.

Our plansto acquire, grow and operate our nonelectric businesses could be adversely affected by legislation in one or more states that may attempt
to limit the amount of diversification permitted in a holding company structure that includes aregulated utility company or affiliated nonelectric
companies.

Thetermsof some of our contracts could expose usto unforeseen costs and costs not within our control, which may not be recoverable and could
adver sely affect our results of operationsand financial condition.

DMI and ShoreMaster, two businessesin our manufacturing segment, and our construction companies frequently provide products and services
pursuant to fixed-price contracts. Revenues recognized on jobsin progress under fixed-price contracts for the year ended December 31, 2008 were
$425 million. Under those contracts, we agree to perform the contract for afixed price and, as aresult, can improve our expected profit by superior
contract performance, productivity, worker safety and other factors resulting in cost savings. However, we could incur cost overruns above the
approved contract price, which may not be recoverable.

Fixed-price contract prices are established based |argely upon estimates and assumptions relating to project scope and specifications, personnel and
material needs. These estimates and assumptions may prove inaccurate or conditions may change due to factors out of our control, resulting in cost
overruns, which we may be required to absorb and that could have amaterial adverse effect on our business, financial condition and results of our
operations. In addition, our profits from these contracts could decrease and we could experience losses if we incur difficultiesin performing the
contracts or are unabl e to secure fixed-pricing commitments from our manufacturers, suppliers and subcontractors at the time we enter into fixed-price
contracts with our customers.

We are subject torisksassociated with energy markets.

Our businesses are subject to the risks associated with energy markets, including market supply and increasing energy prices. If we are faced with
shortages in market supply, we may be unable to fulfill our contractual obligationsto our retail, wholesale and other customers at previously
anticipated costs. This could force usto obtain alternative energy or fuel suppliesat higher costs or suffer increased liability for unfulfilled
contractual obligations. Any significantly higher than expected energy or fuel costs would negatively affect our financial performance.

Certain of our operating companies sell productsto consumersthat could be subject to recall.

Certain of our operating companies sell products to consumers that could be subject to recall due to product defect or other safety concerns. If such a
recall wereto occur, it could have a negative impact on our consolidated results of operations and financial position.

ELECTRIC

We may experiencefluctuationsin revenues and expensesrelated to our electric operations, which may cause our financial resultsto fluctuate and
could impair our ability to makedistributionsto shareholdersor scheduled paymentson our debt obligations.

A number of factors, many of which are beyond our control, may contribute to fluctuationsin our revenues and expenses from electric operations,
causing our net income to fluctuate from period to period. These risks include fluctuations in the volume and price of sales of electricity to customers
or other utilities, which may be affected by factors such as mergers and acquisitions of other utilities, geographic location of other utilities,
transmission costs (including increased costs related to operations of regional transmission organizations), changesin the manner in which wholesale
power is sold and purchased,




unplanned interruptions at our generating plants, the effects of regulation and legislation, demographic changes in our customer base and changesin
our customer demand or load growth. Electric wholesale margins have been significantly and adversely affected by increased efficienciesin the M1SO
market. Electric wholesal e trading margins could al so be adversely affected by |osses due to trading activities. Other risksinclude weather conditions
or changes in weather patterns (including severe weather that could result in damage to our assets), fuel and purchased power costs and the rate of
economic growth or declinein our service areas. A decrease in revenues or an increase in expenses related to our electric operations may reduce the
amount of funds available for our existing and future businesses, which could result in increased financing reguirements, impair our ability to make
expected distributions to shareholders or impair our ability to make scheduled payments on our debt obligations.

Asof December 31, 2008 the electric utility had capitalized $11.6 million in costs related to the planned construction of a second electric generating
unit at the electric utility’s Big Stone Plant site. If the project is abandoned for permitting or other reasons, a portion of these capitalized costs and
othersincurred in future periods may be subject to expense and may not be recoverable. Additionally, if the electric utility is unable to complete the
construction of Big Stone || and commence operations, it may be forced to purchase power in order to meet customer needs. There is no guarantee
that in such a case the electric utility would be able to obtain sufficient supplies of power at reasonable costs. If it isforced to pay higher than normal
pricesfor power, the increase in costs could reduce our earningsif the electric utility isnot able to recover the increased costs from its electric
customersthrough the FCA.

Actionsby theregulatorsof our electric operationscould result in ratereductions, lower revenuesand earningsor delaysin recovering capital
expenditures.

We are subject to federal and state | egislation, government regulations and regulatory actions that may have a negative impact on our business and
results of operations. The electric ratesthat we are allowed to charge for our electric services are one of the most important items influencing our
financial position, results of operations and liquidity. The rates that we charge our electric customers are subject to review and determination by state
public utility commissionsin Minnesota, North Dakota and South Dakota. We are also regulated by the FERC. An adverse decision by one or more
regulatory commissions concerning the level or method of determining electric utility rates, the authorized returns on equity, implementation of
enforceable federal reliability standards or other regulatory matters, permitted business activities (such as ownership or operation of nonelectric
businesses) or any prolonged delay in rendering a decision in arate or other proceeding (including with respect to the recovery of capital
expendituresin rates) could result in lower revenues and net income.

Future operating results of our electric segment will be impacted by the outcome of arate casefiled in North Dakota on November 3, 2008 requesting
an overall increase in North Dakotaretail rates of 5.14%. The filing included areguest for an interim rate increase of 4.07%, which went into effect on
January 1, 2009. Interim rateswill remain in effect for all North Dakota customers until the NDPSC makes afina determination on the electric utility’s
request, which is expected by August 1, 2009. If final rates are lower than interim rates, the electric utility will refund North Dakota customers the
difference with interest.

Wemay not be ableto respond effectively to deregulation initiativesin the eectric industry, which could result in reduced revenues and earnings.

We may not be able to respond in atimely or effective manner to the changesin the electric industry that may occur as aresult of regulatory
initiatives to increase whol esale competition. These regulatory initiatives may include further deregulation of the electric utility industry in wholesale
markets. Although we do not expect retail competition to come to the states of Minnesota, North Dakota and South Dakota in the foreseeabl e future,
we expect competitive forces in the electric supply segment of the el ectric business to continue to increase, which could reduce our revenues and
earnings.

Our electric generating facilities are subject to operational risksthat could result in unscheduled plant outages, unanticipated oper ation and
maintenance expenses and increased power pur chase costs.

Operation of electric generating facilities involves risks which can adversely affect energy output and efficiency levels. Most of our generating
capacity is coal-fired. Werely on alimited number of suppliers of coal, making us vulnerable to increased prices for fuel as existing contracts expire or
in the event of unanticipated interruptionsin fuel supply. We are a captive rail shipper of the BNSF Railway for shipments of coal to our Big Stone
and Hoot Lake plants, making us vulnerable to increased prices for coal transportation from a sole supplier. Higher fuel prices result in higher electric
rates for our retail customers through fuel clause adjustments and could make us less competitive in wholesal e el ectric markets. Operational risks also
include facility shutdowns due to breakdown or failure of equipment or processes, |abor disputes, operator error and




catastrophic events such asfires, explosions, floods, intentional acts of destruction or other similar occurrences affecting our electric generating
facilities. Theloss of amajor generating facility would require usto find other sources of supply, if available, and expose us to higher purchased
power costs.

Changesto regulation of generating plant emissions, including but not limited to carbon dioxide (CO2) emissions, could affect our operating costs
and the costs of supplying electricity to our customers.

Existing or new laws or regulations passed or issued by federal or state authorities addressing climate change or reductions of greenhouse gas
emissions, such as mandated |evels of renewable generation, mandatory reductionsin CO2 emission levels, taxes on CO2 emissions or cap and trade
regimes, that result in increases in electric service costs could negatively impact our net income, financial position and operating cash flowsif such
costs cannot be recovered through rates granted by ratemaking authorities in the states where the electric utility provides service or through
increased market prices for electricity.

PLASTICS

Our plastics operations ar e highly dependent on a limited number of vendorsfor PVC resin and a limited supply of PVC resin. Theloss of a key
vendor, or any interruption or delay in the supply of PVC resin, could result in reduced salesor increased costsfor our plasticsbusiness.

Werely on alimited number of vendorsto supply the PV C resin used in our plastics business. Two vendors accounted for approximately 94% of our
total purchases of PV C resin in 2008 and approximately 95% of our total purchases of PV C resinin 2007. In addition, the supply of PV C resin may be
limited primarily due to manufacturing capacity and the limited availability of raw material components. A majority of U.S. resin production plants are
located in the Gulf Coast region, which may increase the risk of a shortage of resin in the event of a hurricane or other natural disaster in that region.
Theloss of akey vendor or any interruption or delay in the availability or supply of PV C resin could disrupt our ability to deliver our plastic products,
cause customers to cancel orders or require us to incur additional expenses to obtain PV C resin from alternative sources, if such sources are available.

We compete against a large number of other manufacturersof PVC pipe and manufacturers of alter native products. Customers may not distinguish
our productsfrom those of our competitors.

The plastic pipe industry is highly fragmented and competitive due to the large number of producers and the fungible nature of the product. We
compete not only against other PV C pipe manufacturers, but also against ductileiron, steel, concrete and clay pipe manufacturers. Due to shipping
costs, competition isusually regional instead of national in scope, and the principal areas of competition are acombination of price, service, warranty
and product performance. Our inability to compete effectively in each of these areas and to distinguish our plastic pipe products from competing
products may adversely affect the financial performance of our plastics business.

Reductionsin PVC resin prices can negatively affect our plastics business.

The PV C pipeindustry ishighly sensitive to commodity raw material pricing volatility. Historically, when resin prices are rising or stable, margins and
sales volume have been higher and when resin prices are falling, sales volumes and margins have been lower. Reductionsin PV C resin prices could
negatively affect PV C pipe prices, profit margins on PV C pipe sales and the value of PV C pipe held in inventory.

MANUFACTURING

Competition from foreign and domestic manufacturers, the price and availability of raw materials, fluctuationsin foreign currency exchangerates
and general economic conditions could affect therevenues and ear nings of our manufacturing businesses.

Our manufacturing businesses are subject to intense risks associated with competition from foreign and domestic manufacturers, many of whom have
broader product lines, greater distribution capabilities, greater capital resources, larger marketing, research and development staffs and facilities and
other capabilities that may place downward pressure on margins and profitability. The companiesin our manufacturing segment use avariety of raw
materialsin the products they manufacture, including steel, lumber, concrete, aluminum and resin. Costs for these items have increased significantly
and may continue to increase. If our manufacturing businesses are not able to pass on cost increases to their customers, it could have a negative
effect on profit marginsin our manufacturing segment.




Each of our manufacturing companies has significant customers and concentrated sal es to such customers. If our relationships with significant
customers should change materially, it would be difficult to immediately and profitably replace lost sales. Fluctuationsin foreign currency exchange
rates could have a negative impact on the net income and competitive position of our wind tower manufacturing operationsin Ft. Erie, Ontario
because the plant pays its operating expensesin Canadian dollars.

HEALTH SERVICES

Changesin theratesor methods of third-party reimbursementsfor our diagnostic imaging services could result in reduced demand for those
servicesor createdownward pricing pressure, which would decrease our revenuesand earnings.

Our health services businesses derive significant revenue from direct billings to customers and third-party payors such as Medicare, Medicaid,
managed care and private health insurance companies for our diagnostic imaging services. Moreover, customers who use our diagnostic imaging
services generally rely on reimbursement from third-party payors. Adverse changesin the rates or methods of third-party reimbursements could
reduce the number of procedures for which we or our customers can obtain reimbursement or the amounts reimbursed to us or our customers.

Our health services businesses may be unableto continue to maintain agreementswith Philips Medical from which we derive significant revenues
from the sale and service of Philips Medical diagnostic imaging equipment.

Our health services business agreement with Philips Medical expires on December 31, 2013. This agreement can be terminated on 180 days written
notice by either party for any reason. It also includes other compliance requirements. If this agreement is terminated under the existing termination
provisions or we were not able to comply with the agreement, the financial results of our health services operations would be adversely affected.

Technological changein the diagnosticimaging industry could reduce the demand for diagnostic imaging servicesand requireour health services
operationstoincur significant coststo upgradeits equipment.

Although we believe substantially all of our diagnostic imaging systems can be upgraded to maintain their state-of-the-art character, the devel opment
of new technologies or refinements of existing technol ogies might make our existing systems technologically or economically obsolete, or cause a
reduction in the value of, or reduce the need for, our systems.

Actions by regulatorsof our health services operations could result in monetary penaltiesor restrictionsin our health services operations.

Our health services operations are subject to federal and state regulations relating to licensure, conduct of operations, ownership of facilities, addition
of facilities and services and payment of services. Our failure to comply with these regulations, including new regulations rel eased October 30, 2008
by the Center for Medicare & Medical Services, or our inability to obtain and maintain necessary regulatory approvals, may result in adverse actions
by regulators with respect to our health services operations, which may include civil and criminal penalties, damages, fines, injunctions, operating
restrictions or suspension of operations. Any such action could adversely affect our financial results. Courts and regulatory authorities have not fully
interpreted a significant number of these laws and regulations, and this uncertainty in interpretation increases the risk that we may be found to bein
violation. Any action brought against us for violation of these laws or regulations, even if successfully defended, may result in significant legal
expenses and divert management’s attention from the operation of our businesses.




FOOD INGREDIENT PROCESSING

Our company that processes dehydrated potato flakes, flour and granules, IPH, competesin a highly competitive market and is dependent on
adequate sour ces of potatoesfor processing.

The market for processed, dehydrated potato flakes, flour and granulesis highly competitive. The profitability and success of our potato processing
company is dependent on superior product quality, competitive product pricing, strong customer relationships, raw material costs, fuel pricesand
availability and customer demand for finished goods. In most product categories, our company competes with numerous manufacturers of varying
sizesin the United States.

The principal raw material used by our potato processing company iswashed process-grade potatoes from growers. These potatoes are unsuitable
for use in other markets due to imperfections. They are not subject to the United States Department of Agriculture' s general requirements and
expectations for size, shape or color. While our food ingredient processing company has processing capabilitiesin three geographically distinct
growing regions, there can be no assurance it will be able to obtain raw materials due to poor growing conditions, aloss of key growers and other
factors. A loss or shortage of raw materials or the necessity of paying much higher prices for raw materials or fuel could adversely affect the financial
performance of this company. Fluctuationsin foreign currency exchange rates could have anegative impact on our potato processing company’s net
income and competitive position because approximately 25% of IPH salesin 2008 were outside the United States and the Canadian plant paysits
operating expenses in Canadian dollars.

OTHER BUSINESS OPERATIONS
Our construction companies may be unableto properly bid and perform on projects.

The profitability and success of our construction companies require usto identify, estimate and timely bid on profitable projects. The quantity and
quality of projectsup for bids at any timeis uncertain. Additionally, once a project is awarded, we must be able to perform within cost estimates that
were set when the bid was submitted and accepted. A significant failure or an inability to properly bid or perform on projects could lead to adverse
financial resultsfor our construction companies.

QUANTITATIVE AND QUALITATIVE DISCLOSURES ABOUT MARKET RISK

At December 31, 2008 we had exposure to market risk associated with interest rates because we had $107.8 million in short-term debt outstanding
subject to variable interest rates that areindexed to LIBOR plus 2.0% under the Varistar Credit Agreement and $27.1 million in short-term debt
outstanding subject to variable interest rates that are indexed to LIBOR plus 0.5% under the Electric Utility Credit Agreement. At December 31, 2008
we had exposure to changes in foreign currency exchange rates. DMI has market risk related to changesin foreign currency exchange rates at its plant
in Ft. Erie, Ontario because the plant pays its operating expenses in Canadian dollars. Outstanding trade accounts receivabl e of the Canadian
operations of IPH are not at risk of valuation change due to changesin foreign currency exchange rates because the Canadian company transacts all
salesin U.S. dollars. However, IPH does have market risk related to changesin foreign currency exchange rates because approximately 25% of |PH
salesin 2008 were outside the United States and the Canadian operations of IPH pays its operating expenses in Canadian dollars. However, IPH's
Canadian subsidiary has locked in exchange rates for the exchange of U.S. dollars (USD) for Canadian dollars (CAD) for approximately 100% of its
cash needs for the period January 1, 2009 through July 31, 2009 and approximately 50% of its cash needs for the period August 1, 2009 through
October 31, 2009 by entering into forward foreign currency exchange contracts. On December 31, 2008 IPH’ s Canadian subsidiary held contracts for
the exchange of $6.8 million USD for $7.9 million CAD.

The majority of our consolidated long-term debt has fixed interest rates. The interest rate on variable rate long-term debt isreset on a periodic basis
reflecting current market conditions. We manage our interest rate risk through the issuance of fixed-rate debt with varying maturities, through
economic refunding of debt through optional refundings, limiting the amount of variableinterest rate debt, and the utilization of short-term
borrowingsto allow flexibility in the timing and placement of long-term debt. As of December 31, 2008 we had $10.4 million of long-term debt subject
to variableinterest rates. Assuming no changein our financial structure, if variableinterest rates were to average one percentage point higher or lower
than the average variable rate on December 31, 2008, annualized interest expense and pre-tax earnings would change by approximately $104,000.

We have not used interest rate swaps to manage net exposure to interest rate changes related to our portfolio of borrowings. We maintain aratio of
fixed-rate debt to total debt within acertain range. It isour policy to enter into interest rate transactions and other financial instruments only to the
extent considered necessary to meet our stated objectives. We do not enter into interest rate transactions for speculative or trading purposes.




The plastics companies are exposed to market risk related to changesin commodity prices for PV C resins, the raw material used to manufacture PVC
pipe. The PV C pipeindustry is highly sensitive to commodity raw material pricing volatility. Historically, when resin prices arerising or stable, margins
and sales volume have been higher and when resin prices are falling, sales volumes and margins have been lower. Gross margins also decline when
the supply of PV C pipe increases faster than demand. Due to the commaodity nature of PV C resin and the dynamic supply and demand factors
worldwide, it isvery difficult to predict gross margin percentages or to assume that historical trendswill continue.

The companies in our manufacturing segment are exposed to market risk related to changesin commaodity pricesfor steel, lumber, auminum, cement
and resin. The price and availability of these raw materials could affect the revenues and earnings of our manufacturing segment.

The electric utility has market, price and credit risk associated with forward contracts for the purchase and sale of electricity. Asof December 31, 2008
the electric utility had recognized, on a pretax basis, $123,000 in net unrealized losses on open forward contracts for the purchase and sal e of
electricity. Dueto the nature of electricity and the physical aspects of the electricity transmission system, unanticipated events affecting the
transmission grid can cause transmission constraints that result in unanticipated gains or losses in the process of settling transactions.

The market prices used to value the electric utility’s forward contracts for the purchases and sales of electricity are determined by survey of
counterparties or brokers used by the electric utility’s power services personnel responsible for contract pricing, aswell as prices gathered from daily
settlement prices published by the Intercontinental Exchange. For certain contracts, prices at illiquid trading points are based on a basis spread
between that trading point and more liquid trading hub prices. Prices are benchmarked to forward price curves and indices acquired from athird party
price forecasting service. Of the forward energy sales contracts that are marked to market as of December 31, 2008, 100% are offset by forward energy
purchase contracts in terms of volumes and delivery periods.

We have in place an energy risk management policy with agoal to manage, through the use of defined risk management practices, pricerisk and credit
risk associated with wholesale power purchases and sales. With the advent of the M1SO Day 2 market in April 2005, we made several changes to our
energy risk management policy to recognize new trading opportunities created by this new market. Most of the changes were in new volumetric limits
and loss limits to adequately manage the risks associated with these new opportunities. In addition, we implemented aValue at Risk (VaR) limit to
further manage market price risk. Exposure to price risk on any open positions as of December 31, 2008 was not material.

The following tables show the effect of marking to market forward contracts for the purchase and sale of electricity on our consolidated balance sheet
as of December 31, 2008 and the change in our consolidated balance sheet position from December 31, 2007 to December 31, 2008:

(in thousands) December 31, 2008
Current Asset — Marked-to-Market Gain $ 405
Regulatory Asset — Deferred Marked-to-Market L oss 1,162

Total Assets 1,567
Current Liability — Marked-to-Market L oss (1,690)
Regulatory Liability — Deferred Marked-to-Market Gain —

Total Liabilities (1,690
Net Fair Vaue of Marked-to-Market Energy Contracts $ (123

Y ear ended

(in thousands) December 31, 2008
Fair Vaue at Beginning of Y ear $ 632
Amount Realized on Contracts Entered into in 2007 and Settled in 2008 (1,169)
Changesin Fair Value of Contracts Entered into in 2007 537
Net Fair Vaue of Contracts Entered into in 2007 at Y ear End 2008 —
Changesin Fair Value of Contracts Entered into in 2008 (123)
Net Fair Vaue at End of Year $ (123)

The $123,000 in recognized but unrealized net losses on the forward energy purchases and sales marked to market on December 31, 2008 is expected to
berealized on physical settlement as scheduled in January and February of 2009.




We have credit risk associated with the nonperformance or nonpayment by counterparties to our forward energy purchases and sal es agreements.
We have established guidelines and limits to manage credit risk associated with wholesale power purchases and sales. Specific limits are determined
by a counterparty’sfinancial strength. Our credit risk with our largest counterparty on delivered and marked-to-market forward contracts as of
December 31, 2008 was $252,000. As of December 31, 2008 we had a net credit risk exposure of $921,000 from 12 counterparties with investment grade
credit ratings and one counterparty that has not been rated by an external credit rating agency but has been evaluated internally and assigned an
internal credit rating equivalent to investment grade. We had no exposure at December 31, 2008 to counterparties with credit ratings below investment
grade. Counterparties with investment grade credit ratings have minimum credit ratings of BBB- (Standard & Poor’s), Baa3 (Moody’s) or BBB- (Fitch).

The $921,000 credit risk exposure includes net amounts due to the electric utility on receivables/payables from completed transactions billed and
unbilled plus marked-to-market gains/losses on forward contracts for the purchase and sale of electricity scheduled for delivery after December 31,
2008. Individual counterparty exposures are offset according to legally enforceable netting arrangements.

IPH has market risk associated with the price of fuel oil and natural gas used in its potato dehydration process as |PH may not be able to increase
pricesfor itsfinished products to recover increasesin fuel costs.

In order to limit its exposure to fluctuations in future prices of natural gas, IPH entered into contracts with its natural gas suppliersin August 2008 for
the firm purchase of natural gasto cover portions of its anticipated natural gas needsin Ririe, |daho and Center, Colorado from September 2008
through August 2009 at fixed prices. These contracts qualify for the normal purchase exception to mark-to-market accounting under Statement of
Financial Accounting Standards (SFAS) No. 133, Accounting for Derivatives and Hedging I nstruments, as amended and interpreted.

The Canadian operations of IPH recordsits salesand carriesitsreceivablesin U.S. dollars but pays its expenses for goods and services consumed in
Canadain Canadian dollars. The payment of its billsin Canada requires the periodic exchange of U.S. currency for Canadian currency. In order to lock
in acceptabl e exchange rates and hedge its exposure to future fluctuations in foreign currency exchange rates between the U.S. dollar and the
Canadian dollar, IPH’s Canadian subsidiary entered into forward contracts for the exchange of U.S. dollarsinto Canadian dollarsin 2008. Each
monthly contract was for the exchange of $400,000 U.S. dollarsfor the amount of Canadian dollars stated in each contract. The total anounts of
contracts settled in 2008 and outstanding on December 31, 2008 along with net exchange losses realized in 2008 and recognized as of December 31,
2008 are presented in the following table:

(in thousands) Settlement Periods USD CAD

Contracts entered into in March 2008 April 2008 — December 2008 $3,600 $3,695
Net Mark-to-Market L osses Realized on Settlement April 2008 — December 2008 (224)

Contracts entered into in July 2008 August 2008 — July 2009 $4,800 $5,003
Net Mark-to-Market L osses Realized on Settlement August 2008 — December 2008 (203)
Mark-to-Market L osses on Open Contracts at Y ear End 2008 January 2009 — July 2009 (401)

Contracts entered into in October 2008 January 2009 — October 2009  $4,000 $5,001
Mark-to-Market Gains on Open Contracts at Y ear End 2008 January 2009 — October 2009 112

Net Mark-to-Market L osses Realized on Settlement in 2008 $ (427)

Net Mark-to-Market L osses Recognized on Open Contracts at Y ear End 2008 (289)

Net Mark-to-Market L osses Recognized in 2008 $ (716)

These contracts are derivatives subject to mark-to-market accounting. |PH does not enter into these contracts for speculative purposes or with the
intent of early settlement, but for the purpose of locking in acceptable exchange rates and hedging its exposure to future fluctuations in exchange
rates with the intent of settling these contracts during their stated settlement periods and using the proceeds to pay its Canadian liabilities when they
come due. These contracts do not qualify for hedge accounting treatment because the timing of their settlements did not and will not coincide with
the payment of specific bills or existing contractual obligations. The foreign currency exchange forward contracts outstanding as of December 31,
2008 were valued and marked to market on December 31, 2008 based on quoted exchange values of similar contracts that could be purchased on
December 31, 2008.




CRITICAL ACCOUNTING POLICIESINVOLVING SIGNIFICANT ESTIMATES

Our significant accounting policies are described in note 1 to consolidated financial statements. The discussion and analysis of the financial
statements and results of operations are based on our consolidated financial statements, which have been prepared in accordance with accounting
principles generally accepted in the United States of America. The preparation of these consolidated financial statements requires management to
make estimates and judgments that affect the reported amounts of assets, liabilities, revenues and expenses, and related disclosure of contingent
assetsand liabilities.

We use estimates based on the best information available in recording transactions and bal ances resulting from business operations. Estimates are
used for such items as depreciabl e lives, asset impairment evaluations, tax provisions, collectability of trade accounts receivable, self-insurance
programs, valuation of forward energy contracts, unbilled electric revenues, service contract maintenance costs, percentage-of-completion and
actuarially determined benefits costs and liabilities. As better information becomes available or actual amounts are known, estimates are revised.
Operating results can be affected by revised estimates. Actual results may differ from these estimates under different assumptions or conditions.
Management has discussed the application of these critical accounting policies and the development of these estimates with the Audit Committee of
the Board of Directors. The following critical accounting policies affect the more significant judgments and estimates used in the preparation of our
consolidated financial statements.

PENSION AND OTHER POSTRETIREMENT BENEFITSOBLIGATIONSAND COSTS

Pension and postretirement benefit liabilities and expenses for our electric utility and corporate employees are determined by actuaries using
assumptions about the discount rate, expected return on plan assets, rate of compensation increase and healthcare cost-trend rates. Further
discussion of our pension and postretirement benefit plans and related assumptionsisincluded in note 12 to consolidated financial statements.

These benefits, for any individual employee, can be earned and related expenses can be recognized and a liability accrued over periods of up to 40 or
more years. These benefits can be paid out for up to 40 or more years after an employee retires. Estimates of liabilities and expenses related to these
benefits are among our most critical accounting estimates. Although deferral and amortization of fluctuationsin actuarially determined benefit
obligations and expenses are provided for when actual results on ayear-to-year basis deviate from long-range assumptions, compensation increases
and healthcare cost increases or areduction in the discount rate applied from one year to the next can significantly increase our benefit expensesin
the year of the change. Also, areduction in the expected rate of return on pension plan assets in our funded pension plan or realized rates of return on
plan assets that are well below assumed rates of return could result in significant increases in recognized pension benefit expensesin the year of the
change or for many years thereafter because actuarial 1osses can be amortized over the average remaining service lives of active employees.

The pension benefit cost for 2009 for our noncontributory funded pension plan is expected to be $3.4 million compared to $2.9 millionin 2008. The
estimated discount rate used to determine annual benefit cost accruals will be 6.70% in 2009; the discount rate used in 2008 was 6.25%. In selecting
the discount rate, we consider the yields of fixed income debt securities, which have ratings of “Aa” published by recognized rating agencies, along
with bond matching model s specific to our plans as a basisto determine the rate.

Subsequent increases or decreases in actual rates of return on plan assets over assumed rates or increases or decreases in the discount rate or rate of
increase in future compensation levels could significantly change projected costs. For 2008, all other factors being held constant: a0.25 increasein
the discount rate would have decreased our 2008 pension benefit cost by $350,000; a 0.25 decrease in the discount rate would have increased our 2008
pension benefit cost by $610,000; a 0.25 increase (or decrease) in the assumed rate of increase in future compensation levels would have increased (or
decreased) our 2008 pension benefit cost by $500,000; a 0.25 increase (or decrease) in the expected long-term rate of return on plan assets would have
decreased (or increased) our 2008 pension benefit cost by $410,000.

Increases or decreases in the discount rate or in retiree healthcare cost inflation rates could significantly change our projected postretirement
healthcare benefit costs. A 0.25 increasein the discount rate would have decreased our 2008 postretirement medical benefit costs by $60,000. A 0.25
decrease in the discount rate would have increased our 2008 postretirement medical benefit costs by $160,000. See note 12 to consolidated financial
statements for the cost impact of achangein medical cost inflation rates.

We believe the estimates made for our pension and other postretirement benefits are reasonable based on the information that is known at the point in
time the estimates are made. These estimates and assumptions are subject to a number of variables and are subject to change.




REVENUE RECOGNITION

Our construction companies and two of our manufacturing companies record operating revenues on a percentage-of-compl etion basis for fixed-price
construction contracts. The method used to determine the progress of completion is based on the ratio of labor costsincurred to total estimated |abor
costs at our wind tower manufacturer, square footage completed to total bid square footage for certain floating dock projects and costsincurred to
total estimated costs on all other construction projects. The duration of the majority of these contractsislessthan ayear. Revenues recognized on
jobsin progress as of December 31, 2008 were $425 million. Any expected losses on jobsin progress at year-end 2008 have been recognized. We
believe the accounting estimate rel ated to the percentage-of-completion accounting on uncompleted contractsis critical to the extent that any
underestimate of total expected costs on fixed-price construction contracts could result in reduced profit margins being recognized on these contracts
at the time of completion.

FORWARD ENERGY CONTRACTSCLASSIFIED ASDERIVATIVES

Our electric utility’ s forward contracts for the purchase and sale of electricity are derivatives subject to mark-to-market accounting under generally
accepted accounting principles. The market prices used to value the electric utility’s forward contracts for the purchases and sales of electricity are
determined by survey of counterparties or brokers used by the electric utility’s power services' personnel responsible for contract pricing, aswell as
prices gathered from daily settlement prices published by the Intercontinental Exchange. For certain contracts, prices at illiquid trading points are
based on a basis spread between that trading point and more liquid trading hub prices. Prices are benchmarked to forward price curves and indices
acquired from athird party price forecasting service, and, as such, are estimates. Of the forward energy sales contracts that are marked to market as of
December 31, 2008, 100% are offset by forward energy purchase contracts in terms of volumes and delivery periods. All of the forward energy
contracts for the purchase and sale of electricity marked to market as of December 31, 2008 are scheduled for settlement prior to March 1, 2009.

ALLOWANCE FOR DOUBTFUL ACCOUNTS

Our operating companies encounter risks associated with sales and the collection of the associated accounts receivable. As such, they record
provisions for accounts receivable that are considered to be uncollectible. In order to calculate the appropriate monthly provision, the operating
companies primarily utilize historical rates of accounts receivables written off as a percentage of total revenue. This historical rate is applied to the
current revenues on amonthly basis. The historical rate is updated periodically based on events that may change the rate, such as asignificant
increase or decreasein collection performance and timing of payments aswell asthe calculated total exposurein relation to the allowance.
Periodically, operating companies compare identified credit risks with allowances that have been established using historical experience and adjust
allowances accordingly. In circumstances where an operating company is aware of a specific customer’sinability to meet financial obligations, the
operating company records a specific allowance for bad debts to reduce the account receivabl e to the amount it reasonably believes will be collected.

We believe the accounting estimates related to the allowance for doubtful accountsis critical because the underlying assumptions used for the
allowance can change from period to period and could potentially cause a material impact to the income statement and working capital .

During 2008, $2.0 million of bad debt expense (0.16% of total 2008 revenue of $1.3 billion) was recorded and the allowance for doubtful accounts was
$2.7 million (2.0% of trade accounts receivable) as of December 31, 2008. General economic conditions and specific geographic concerns are major
factors that may affect the adequacy of the allowance and may result in a change in the annual bad debt expense. Anincrease or decreasein our
consolidated allowance for doubtful accounts based on one percentage point of outstanding trade receivables at December 31, 2008 would result in a
$1.4 million increase or decrease in bad debt expense.

Although an estimated allowance for doubtful accounts on our operating companies accounts receivable is provided for, the allowance for doubtful
accounts on the el ectric segment’s wholesal e electric salesisinsignificant in proportion to annual revenues from these sales. The electric segment
has not experienced a bad debt related to wholesal e electric sales largely due to stringent risk management criteriarelated to these sales. Nonpayment
on asinglewholesale electric sale could result in asignificant bad debt expense.




DEPRECIATION EXPENSE AND DEPRECIABLE LIVES

The provisions for depreciation of electric utility property for financial reporting purposes are made on the straight-line method based on the
estimated service lives (5 to 65 years) of the properties. Such provisions as a percent of the average balance of depreciable electric utility property
were 2.81% in 2008, 2.78% in 2007 and 2.82% in 2006. Depreciation rates on electric utility property are subject to annual regulatory review and
approval, and depreciation expense is recovered through rates set by ratemaking authorities. Although the useful lives of electric utility properties are
estimated, the recovery of their cost is dependent on the ratemaking process. Deregulation of the electric industry could result in changesto the
estimated useful lives of electric utility property that could impact depreciation expense.

Property and equipment of our nonelectric operations are carried at historical cost or at the then-current replacement cost if acquired in abusiness
combination accounted for under the purchase method of accounting and are depreciated on a straight-line basis over useful lives (3 to 40 years) of
the related assets. We believe the lives and methods of determining depreciation are reasonable, however, changes in economic conditions affecting
the industriesin which our nonel ectric companies operate or innovationsin technology could result in areduction of the estimated useful lives of our
nonelectric operating companies’ property, plant and equipment or in an impairment write-down of the carrying value of these properties.

TAXATION

We are required to make judgments regarding the potential tax effects of various financial transactions and our ongoing operations to estimate our
obligations to taxing authorities. These tax obligationsincludeincome, real estate and use taxes. These judgments could result in the recognition of a
liability for potential adverse outcomes regarding uncertain tax positions that we have taken. While we believe our liability for uncertain tax positions
as of December 31, 2008 reflects the most likely probable expected outcome of these tax matters in accordance with FASB Interpretation No. 48,
Accounting for Uncertainty in Income Taxes — an inter pretation of FASB Statement No. 109, and SFAS No. 109, Accounting for Income Taxes, the
ultimate outcome of such matters could result in additional adjustmentsto our consolidated financial statements. However, we do not believe such
adjustments would be material.

Deferred income taxes are provided for revenue and expenses which are recognized in different periods for income tax and financial reporting
purposes. We assess our deferred tax assets for recoverability based on both historical and anticipated earnings levels. We have not recorded a
valuation allowance related to the probability of recovery of our deferred tax assets as we believe reductionsin tax payments related to these assets
will be fully realized in the future.

ASSET IMPAIRMENT

We arerequired to test for asset impairment relating to property and equi pment whenever events or changes in circumstances indicate that the
carrying value of an asset might not be recoverable. We apply SFAS No. 144, Accounting for the Impairment or Disposal of Long-Lived Assets, in
order to determine whether or not an asset isimpaired. This standard requires an impairment analysis when indicators of impairment are present. If
such indicators are present, the standard requires that if the sum of the future expected cash flows from a company’s asset, undiscounted and without
interest charges, isless than the carrying value, an asset impairment must be recognized in the financial statements. The amount of the impairment is
the difference between the fair value of the asset and the carrying value of the asset.

We believe the accounting estimates rel ated to an asset impairment are critical because they are highly susceptible to change from period to period
reflecting changing business cycles and require management to make assumptions about future cash flows over future years and the impact of
recognizing an impairment could have a significant effect on operations. Management’s assumptions about future cash flows require significant
judgment because actual operating levels have fluctuated in the past and are expected to continue to do so in the future.

Asof December 31, 2008 an assessment of the carrying values of our long-lived assets and other intangibles indicated these assets were not impaired.




GOODWILL IMPAIRMENT

Goodwill isrequired to be evaluated annually for impairment, according to SFAS No. 142, Goodwill and Other Intangible Assets. The standard
reguires atwo-step process be performed to analyze whether or not goodwill has been impaired. Step oneisto test for potential impairment and
reguiresthat the fair value of the reporting unit be compared to its book value including goodwill. If the fair value is higher than the book value, no
impairment is recognized. |f the fair valueislower than the book value, a second step must be performed. The second step is to measure the amount of
impairment loss, if any, and requires that a hypothetical purchase price allocation be done to determine the implied fair value of goodwill. Thisfair
value isthen compared to the carrying value of goodwill. If theimplied fair valueislower than the carrying value, an impairment must be recorded.

We believe accounting estimates related to goodwill impairment are critical because the underlying assumptions used for the discounted cash flow
can change from period to period and could potentially cause a material impact to the income statement. Management’ s assumptions about inflation
rates and other internal and external economic conditions, such as earnings growth rate, require significant judgment based on fluctuating rates and
expected revenues. Additionally, SFAS No. 142 requires goodwill be analyzed for impairment on an annual basis using the assumptions that apply at
the time the analysisis updated.

We evaluate goodwill for impairment on an annual basis and as conditions warrant. As of December 31, 2008 an assessment of the carrying values of
our goodwill indicated no impairment.

PURCHASE ACCOUNTING

Through December 31, 2008, under SFAS No. 141, Business Combinations, we have accounted for our acquisitions under the purchase method of
accounting and, accordingly, the acquired assets and liabilities assumed are recorded at their respective fair values. The excess of purchase price over
the fair value of the assets acquired and liabilities assumed is recorded as goodwill. The recorded values of assets and liabilities are based on third
party estimates and valuations when available. The remaining values are based on management’s judgments and estimates, and, accordingly, our
consolidated financial position or results of operations may be affected by changesin estimates and judgments.

Acquired assets and liabilities assumed that are subject to critical estimates include property, plant and equipment and intangible assets.

Thefair value of property, plant and equipment is based on valuations performed by qualified internal personnel and/or outside appraisers. Fair
values assigned to plant and equipment are based on several factorsincluding the age and condition of the equipment, maintenance records of the
equipment and auction values for equipment with similar characteristics at the time of purchase.

Intangible assets are identified and valued using the guidelines of SFAS No. 141. The fair value of intangible assets is based on estimates including
royalty rates, customer attrition rates and estimated cash flows.

While the allocation of purchase priceis subject to a high degree of judgment and uncertai nty, we do not expect the estimates to vary significantly
once an acquisition is complete. We believe our estimates have been reasonable in the past as there have been no significant valuation adjustments
to thefinal allocation of purchase price.

Beginning in 2009, we will account for acquisitions under the requirements of SFAS No. 141 (revised 2007), Business Combinations, issued in
December 2007. SFAS No. 141(R) replaces the term “ purchase method of accounting” with “acquisition method of accounting” and requires an
acquirer to recognize the assets acquired, the liabilities assumed and any noncontrolling interest in the acquiree at the acquisition date, measured at
their fair values as of that date, with limited exceptions. This guidance will replace SFAS No. 141's cost-allocation process, which requires the cost of
an acquisition to be alocated to the individual assets acquired and liabilities assumed based on their estimated fair values.




KEY ACCOUNTING PRONOUNCEMENTS

SFASNo. 157, Fair Value Measurements, was issued by the FASB in September 2006. SFAS No. 157 defines fair value, establishes aframework for
measuring fair value in generally accepted accounting principles and expands disclosures about fair value measurements. SFAS No. 157 is effective
for fiscal years beginning after November 15, 2007. SFAS No. 157 applies under other accounting pronouncements that require or permit fair value
measurements where fair valueis the relevant measurement attribute. Accordingly, this statement does not require any new fair value measurements.
The adoption of SFAS No. 157 on January 1, 2008 resulted in additional footnote disclosures related to the use of fair value measurements in the areas
of investments, derivatives, asset retirement obligations, goodwill and asset impairment evaluations, financial instruments and acquisitions, but did
not have a significant impact on our consolidated balance sheet, income statement or statement of cash flows.

SFASNo. 159, The Fair Value Option for Financial Assets and Financial Liabilities — Including an Amendment of FASB Statement No. 115, was
issued by the FASB in February 2007. SFAS No. 159 provides companies with an option to measure, at specified election dates, many financial
instruments and certain other items at fair value that are not currently measured at fair value. A company that adopts SFAS No. 159 will report
unrealized gains and losses in earnings at each subsequent reporting date on items for which the fair value option has been elected. This statement
also establishes presentation and disclosure requirements to facilitate comparisons between entities that choose different measurement attributes for
similar types of assets and liabilities. SFAS No. 159 is effective for fiscal years beginning after November 15, 2007. We adopted SFAS No. 159 on
January 1, 2008. The adoption of this pronouncement had no effect on our consolidated financial statements because we had not opted, nor do we
currently plan to opt, to apply fair value accounting to any financial instruments or other items that we are not currently required to account for at fair
value.

SFAS No. 141(R), Business Combinations, wasissued by the FASB in December 2007. SFAS No. 141(R) replaces SFAS No. 141, Business
Combinations, and will apply prospectively to business combinations for which the acquisition date is on or after the beginning of the first annual
reporting period beginning on or after December 15, 2008. SFAS No. 141(R) appliesto al transactions or other eventsin which an entity (the acquirer)
obtains control of one or more businesses (the acquiree). In addition to replacing the term “ purchase method of accounting” with “acquisition method
of accounting,” SFAS No. 141(R) requires an acquirer to recognize the assets acquired, the liabilities assumed and any noncontrolling interest in the
acquiree at the acquisition date, measured at their fair values as of that date, with limited exceptions. This guidance will replace SFAS No. 141's cost-
allocation process, which requires the cost of an acquisition to be allocated to the individual assets acquired and liabilities assumed based on their
estimated fair values. SFAS No. 141's guidance results in not recognizing some assets and liabilities at the acquisition date, and it also resultsin
measuring some assets and liabilities at amounts other than their fair values at the acquisition date. For example, SFAS No. 141 requires the acquirer to
include the costs incurred to effect an acquisition (acquisition-related costs) in the cost of the acquisition that is allocated to the assets acquired and
theliabilities assumed. SFAS No. 141(R) requires those costs to be expensed as incurred. In addition, under SFAS No. 141, restructuring costs that
the acquirer expects but is not obligated to incur are recognized asif they were aliability assumed at the acquisition date. SFAS No. 141(R) requires
the acquirer to recognize those costs separately from the business combination.

SFASNo. 161, Disclosures about Derivative Instruments and Hedging Activities—an amendment of FASB Statement No. 133, was issued by the
FASB in March 2008. SFAS No. 161 requires enhanced disclosures about an entity’s derivative and hedging activities to improve the transparency of
financial reporting. SFAS No. 161 is effective for financial statementsissued for fiscal years and interim periods beginning after November 15, 2008.
Adoption of SFAS No. 161 will result in additional footnote disclosures related to our use of derivative instruments but those additional disclosures
will not be extensive because the derivative instruments currently held by us are not designated as hedging instruments under SFAS No. 161.




Management’s Report Regarding Internal Control Over Financial Reporting

Management is responsible for the preparation and integrity of the consolidated financial statements and representations in this annual report. The
consolidated financial statements of Otter Tail Corporation (the Company) have been prepared in conformity with generally accepted accounting
principles applied on a consistent basis and include some amounts that are based on informed judgments and best estimates and assumptions of
management.

In order to assure the consolidated financial statements are prepared in conformance with generally accepted accounting principles, management is
responsible for establishing and maintaining adequate internal control over financial reporting, as such term is defined in Exchange Act Rule 13a-15(f).
These internal controls are designed only to provide reasonabl e assurance, on a cost-effective basis, that transactions are carried out in accordance
with management’s authorizations and assets are saf eguarded against loss from unauthorized use or disposition.

Management has compl eted its assessment of the effectiveness of the Company’ sinternal control over financial reporting as of December 31, 2008. In
making this assessment, management used the criteria set forth by the Committee of Sponsoring Organizations of the Treadway Commissionin
Internal Control — Integrated Framework to conduct the required assessment of the effectiveness of the Company’sinternal control over financial
reporting.

There have not been any changes in the Company’sinternal control over financial reporting (as such termis defined in Exchange Act Rule 13a-15(f))
during the fiscal year to which thisreport relates that have materially affected, or are reasonably likely to materialy affect, the Company’sinternal
control over financial reporting.

Based on this assessment, we believe that, as of December 31, 2008 the Company’sinternal control over financial reporting is effective based on
those criteria.

The Company’s independent registered public accounting firm, Deloitte & Touche LLP, audited the Company’s consolidated financial statements
included in this annual report and issued an attestation report on the Company’sinternal control over financial reporting.

/s John Erickson
John Erickson
President and Chief Executive Officer

/s/ Kevin Moug
Kevin Moug
Chief Financia Officer

February 25, 2009




REPORT OF INDEPENDENT REGISTERED PUBLIC ACCOUNTING FIRM
TO THE SHAREHOLDERSOF OTTER TAIL CORPORATION

We have audited the accompanying consolidated bal ance sheets and statements of capitalization of Otter Tail Corporation and its subsidiaries (the
“Company”) as of December 31, 2008 and 2007, and the related consolidated statements of income, common shareholders’ equity and comprehensive
income, and cash flows for each of the three yearsin the period ended December 31, 2008. We also have audited the Company’sinternal control over
financial reporting as of December 31, 2008 based on the criteria established in Internal Control — Integrated Framework issued by the Committee of
Sponsoring Organizations of the Treadway Commission. The Company’s management is responsible for these financial statements, for maintaining
effective internal control over financial reporting, and for its assessment of the effectiveness of internal control over financial reporting, included in
the accompanying Management’s Report Regarding Internal Control Over Financial Reporting. Our responsibility isto express an opinion on these
financial statements and an opinion on the Company’sinternal control over financial reporting based on our audits.

We conducted our audits in accordance with the standards of the Public Company Accounting Oversight Board (United States). Those standards
require that we plan and perform the audit to obtain reasonabl e assurance about whether the financial statements are free of material misstatement and
whether effective internal control over financial reporting was maintained in all material respects. Our audits of the financial statementsincluded
examining, on atest basis, evidence supporting the amounts and disclosures in the financial statements, assessing the accounting principles used
and significant estimates made by management, and evaluating the overall financial statement presentation. Our audit of internal control over financial
reporting included obtaining an understanding of internal control over financial reporting, assessing the risk that a material weakness exists, and
testing and evaluating the design and operating effectiveness of internal control based on the assessed risk. Our audits also included performing
such other procedures as we considered necessary in the circumstances. We believe that our audits provide areasonable basis for our opinions.

A company’sinternal control over financial reporting is a process designed by, or under the supervision of, the company’s principal executive and
principal financial officers, or persons performing similar functions, and effected by the company’s board of directors, management, and other
personnel to provide reasonabl e assurance regarding the reliability of financial reporting and the preparation of financial statementsfor external
purposes in accordance with generally accepted accounting principles. A company’sinternal control over financial reporting includes those policies
and procedures that (1) pertain to the maintenance of recordsthat, in reasonable detail, accurately and fairly reflect the transactions and dispositions
of the assets of the company; (2) provide reasonabl e assurance that transactions are recorded as necessary to permit preparation of financial
statements in accordance with generally accepted accounting principles, and that receipts and expenditures of the company are being made only in
accordance with authorizations of management and directors of the company; and (3) provide reasonable assurance regarding prevention or timely
detection of unauthorized acquisition, use, or disposition of the company’s assets that could have amaterial effect on the financial statements.

Because of the inherent limitations of internal control over financial reporting, including the possibility of collusion or improper management override
of controls, material misstatements due to error or fraud may not be prevented or detected on atimely basis. Also, projections of any evaluation of the
effectiveness of theinternal control over financial reporting to future periods are subject to the risk that the controls may become inadequate because
of changesin conditions, or that the degree of compliance with the policies or procedures may deteriorate.

In our opinion, the consolidated financial statements referred to above present fairly, in all material respects, the financial position of the Company
and subsidiaries as of December 31, 2008 and 2007, and the results of their operations and their cash flows for each of the three yearsin the period
ended December 31, 2008, in conformity with accounting principles generally accepted in the United States of America. Also, in our opinion, the
Company maintained, in all material respects, effective internal control over financial reporting as of December 31, 2008, based on the criteria
established in Internal Control — Integrated Framework issued by the Committee of Sponsoring Organizations of the Treadway Commission.

DELOITTE & TOUCHELLP

Minneapolis, Minnesota
February 25, 2009




Otter Tail Corporation

Consolidated Statements of Income For the Years Ended December 31

(in thousands, except per-share amounts) 2008 2007 2006
Operating Revenues
Electric $ 339,726 $ 323,158 $ 305,703
Nonelectric 971,471 915,729 799,251
Total Operating Revenues 1,311,197 1,238,887 1,104,954
Operating Expenses
Production Fuel — Electric 71,930 60,482 58,729
Purchased Power — Electric System Use 56,329 74,690 58,281
Electric Operation and M aintenance Expenses 115,300 107,041 103,548
Cost of Goods Sold — Nonelectric (excludes depreciation; included below) 775,292 712,547 611,737
Other Nonel ectric Expenses 143,050 121,110 115,290
Plant Closure Costs 2,295 — —
Depreciation and Amortization 65,060 52,830 49,983
Property Taxes— Electric 8,949 9,413 9,589
Total Operating Expenses 1,238,205 1,138,113 1,007,157
Operating Income 72,992 100,774 97,797
Other Income and Deductions 4,128 2,012 (440)
Interest Charges 26,958 20,857 19,501
Income from Continuing Operations Befor e Income Taxes 50,162 81,929 77,856
I ncome Taxes — Continuing Oper ations 15,037 27,968 27,106
Net Income from Continuing Oper ations 35,125 53,961 50,750
Discontinued Operations
Income from Discontinued Operations Net of Taxes of $28 in 2006 — — 26
Gain on Disposition of Discontinued Operations Net of Taxes of $224 in 2006 — — 336
Net Income from Discontinued Oper ations — — 362
Net |ncome 35,125 53,961 51,112
Preferred Dividend Requirements 736 736 736
Earnings Availablefor Common Shares $ 34,389 $ 53225 $ 50,376
Average Number of Common Shares Outstanding—Basic 31,409 29,681 29,394
Average Number of Common Shar es Outstanding—Diluted 31,673 29,970 29,664
Basic Earnings Per Share:
Continuing Operations (net of preferred dividend requirements) $ 1.09 $ 179 $ 1.70
Discontinued Operations — — 0.01
$ 1.09 $ 1.79 $ 171
Diluted Earnings Per Share:
Continuing Operations (net of preferred dividend requirements) $ 1.09 $ 1.78 $ 1.69
Discontinued Operations — — 0.01
$ 1.09 $ 1.78 $ 1.70
Dividends Per Common Share $ 1.19 $ 117 $ 115

See accompanying notes to consolidated financial statements.




Otter Tail Corporation

Consolidated Balance Sheets, December 31

(in thousands) 2008 2007
Assets
Current Assets
Cash and Cash Equivalents $ 7,565 $ 39824
Accounts Receivable:

Trade (Iess allowance for doubtful accounts of $2,744 for 2008 and $3,811 for 2007) 136,609 151,446
Other 13,587 14,934
Inventories 101,955 97,214
Deferred Income Taxes 8,386 7,200
Accrued Utility and Cost-of-Energy Revenues 24,030 32,501
Costs and Estimated Earnings in Excess of Billings 65,606 42,234
Income Taxes Receivable 26,754 283
Other 8,519 15,016

Total Current Assets 393,011 400,652

Investments 7,542 10,057
Other Assets 22,615 24,500
Goodwill 106,778 99,242
Other Intangibles—Net 35,441 20,456
Deferred Debits
Unamortized Debt Expense and Reacquisition Premiums 7,247 6,986
Regulatory Assets and Other Deferred Debits 82,384 38,837
Total Deferred Debits 89,631 45,823
Plant
Electric Plant in Service 1,205,647 1,028,917
Nonelectric Operations 321,032 257,590

Total 1,526,679 1,286,507
Less Accumulated Depreciation and Amortization 548,070 506,744

Plant—Net of Accumulated Depreciation and Amortization 978,609 779,763
Construction Work in Progress 58,960 74,261

Net Plant 1,037,569 854,024
Total $1,692,587 $1,454,754

See accompanying notes to consolidated financial statements.




Otter Tail Corporation

Consolidated Balance Sheets, December 31

(in thousands, except share data) 2008 2007
Liabilitiesand Equity
Current Liabilities
Short-Term Debt $ 134,914 $ 95,000
Current Maturities of Long-Term Debt 3,747 3,004
Accounts Payable 113,422 141,390
Accrued Salaries and Wages 29,688 29,283
Accrued Taxes 10,939 11,409
Other Accrued Liabilities 12,034 13,873
Total Current Liabilities 304,744 293,959
Pensions Benefit Liability 80,912 39,429
Other Postretirement Benefits Liability 32,621 30,488
Other Noncurrent Liabilities 19,391 23,228
Commitments (note 9)
Deferred Credits
Deferred Income Taxes 123,086 105,813
Deferred Tax Credits 34,288 16,761
Regulatory Liabilities 64,684 62,705
Other 397 275
Total Deferred Credits 222,455 185,554
Capitalization (page 44)
Long-Term Debt, Net of Current Maturities 339,726 342,694
Class B Stock Options of Subsidiary 1,220 1,255
Cumulative Preferred Shares 15,500 15,500
Common Shares, Par Vaue $5 Per Share—A uthorized, 50,000,000 Shares; Outstanding, 2008—35,384,620
Shares; 2007—29,849,789 Shares 176,923 149,249
Premium on Common Shares 241,731 108,885
Retained Earnings 260,364 263,332
Accumulated Other Comprehensive (Loss) Income (3,000) 1,181
Total Common Equity 676,018 522,647
Total Capitalization 1,032,464 882,096
Total $1,692,587 $1,454,754

See accompanying notes to consolidated financial statements.




Otter Tail Corporation

Consolidated Statements of Common Shareholders Equity and Comprehensive Income

Accumulated

Common Par Value, Premium on Other
Shares Common Common Unearned Retained Comprehensive Total
(in thousands, except common shares outstanding) Outstanding  Shares Shares Compensation Earnings  (Loss)/Income Equity
Balance, December 31, 2005 29,401,223 $147,006 $ 96,768 $(1,720)  $228,515 $ (6,139) $464,430
Common Stock Issuances, Net of
Expenses 136,917 685 1,837 2,522
Common Stock Retirements (16,370) (82) (378) (460)
SFASNo. 123(R) Reclassifications (note
7 (2,490) 1,720 (770)
Comprehensive Income:
Net Income 51,112 51,112
Unrealized Gain on Marketable Equity
Securities (net-of -tax) 56 56
Foreign Currency Exchange
Translation (net-of-tax) 6 6
SFAS No. 87 Minimum Pension
Liability Adjustment (net-of-tax) 4,257 4,257
Total Comprehensive Income 55,431
SFAS No. 158 Items (net-of -tax)
Reversal of 12/31/06 Minimum Pension
Liability Balance 3,296 3,296
Unrecognized Postretirement Benefit
Costs (24,585) (24,585)
Unrecognized Costs Classified as
Regulatory Assets 22,042 22,042
Tax Benefit for Exercise of Stock Options 288 288
Stock Incentive Plan Performance Award
Accrual 2,404 2,404
Vesting of Restricted Stock Granted to
Employees 1,096 1,096
Premium on Purchase of Stock for
Employee Purchase Plan (302) (302)
Cumulative Preferred Dividends (736) (736)
Common Dividends (33,886) (33,886)
Balance, December 31, 2006 29,521,770 $147,609 $ 99,223 $ — $245,005 $(1,067)(a) $490,770
Common Stock Issuances, Net of
Expenses 336,508 1,683 6,018 7,701
Common Stock Retirements (8,489) (43) (252 (295)
Comprehensive Income:
Net Income 53,961 53,961
Unrealized Gain on Marketable Equity
Securities (net-of -tax) 4 4
Foreign Currency Exchange
Translation (net-of-tax) 2,019 2,019
SFAS No. 158 Items (net-of -tax):
Amortization of Unrecognized
Postretirement Benefit Costs 165 165
Actuarial Gains and Regulatory
Allocations Adjustments 60 60
Total Comprehensive Income 56,209
Tax Benefit for Exercise of Stock Options 1,092 1,092
Stock Incentive Plan Performance Award
Accrual 2,213 2,213
Vesting of Restricted Stock Granted to
Employees 860 860
Premium on Purchase of Stock for
Employee Purchase Plan (269) (269)
Cumulative Effect of Adoption of FIN
No. 48 (118) (118)
Cumulative Preferred Dividends (736) (736)
Common Dividends (34,780) (34,780)




Balance, December 31, 2007 29,849,789 $149,249 $108,885 $ — $263,332 $ 1,181(a) $522,647
Common Stock Issuances, Net of
Expenses 5,557,531 27,788 128,818 156,606
Common Stock Retirements (22,700) (114) (642) (756)
Comprehensive Income:
Net Income 35,125 35,125
Unrealized Loss on Marketable Equity
Securities (net-of -tax) (40) (40)
Foreign Currency Exchange
Translation (net-of-tax) (2,784) (2,784)
SFAS No. 158 Items (net-of -tax):
Amortization of Unrecognized
Postretirement Benefit Costs 153 153
Actuarial Gains and Regulatory
Allocations Adjustments (1,510) (1,510)
Total Comprehensive Income 30,944
Tax Benefit for Exercise of Stock Options 1,777 1,777
Stock Incentive Plan Performance Award
Accrual 3,093 3,093
Vesting of Restricted Stock Granted to
Employees 165 165
Premium on Purchase of Stock for
Employee Purchase Plan (365) (365)
Cumulative Preferred Dividends (736) (736)
Common Dividends (37,357) (37,357)
Balance, December 31, 2008 35,384,620 $176,923 $241,731 $ — $260,364 $(3,000)(a) $676,018
(a) Accumulated Other Comprehensive Income (Loss) on December 31 is comprised of the following (in thousands) Before Tax Tax Effect Net-of-Tax
Unamortized Actuarial Losses and Transition Obligation Related to Pension and
Postretirement Benefits $(4,238) $ 1,695 $(2,543)
2006 Foreign Currency Exchange Translation 2,430 (972) 1,458
Unrealized Gain on Marketable Equity Securities 30 (12) 18
Net Accumulated Other Comprehensive Loss $(1,778) $ 711 $(1,067)
Unamortized Actuarial Losses and Transition Obligation Related to Pension and
Postretirement Benefits $(3,863) $ 1,545 $(2,318)
2007 Foreign Currency Exchange Translation 5,795 (2,318) 3,477
Unrealized Gain on Marketable Equity Securities 36 (14) 22
Net Accumulated Other Comprehensive Income $ 1,968 $ (787) $1,181
Unamortized Actuarial Losses and Transition Obligation Related to Pension and
Postretirement Benefits $(6,125) $ 2,450 $(3,675)
2008 Foreign Currency Exchange Translation 1,155 (462) 693
Unrealized Gain on Marketable Equity Securities (30) 12 (18)
Net Accumulated Other Comprehensive Loss $(5,000) $ 2,000 $(3,000)

See accompanying notes to consolidated financial statements.




Otter Tail Corporation

Consolidated Statements of Cash Flows—For the Years Ended December 31

(in thousands) 2008 2007 2006
Cash Flowsfrom Operating Activities
Net Income $ 35,125 $ 53,961 $ 51,112
Adjustments to Reconcile Net Income to Net Cash Provided by Operating Activities:
Net Gain on Sale of Discontinued Operations — — (336)
Income from Discontinued Operations — — (26)
Depreciation and Amortization 65,060 52,830 49,983
Deferred Tax Credits (1,692) (1,169) (1,146)
Deferred Income Taxes 40,665 4,366 (1,258)
Changein Deferred Debits and Other Assets (41,851) 6,505 (38,499)
Discretionary Contribution to Pension Plan (2,000) (4,000) (4,000)
Change in Noncurrent Liabilities and Deferred Credits 40,918 481 45,340
Allowance for Equity (Other) Funds Used During Construction (2,786) — 2,529
Changein Derivatives Net of Regulatory Deferral 1,044 (800) 3,083
Stock Compensation Expense 3,850 2,986 2,404
Other—Net 298 (1,837) 418
Cash Provided by (Used for) Current Assets and Current Liabilities:
Change in Receivables 19,522 (18,903) (15,713)
Changein Inventories (743) 8,407 (14,345)
Changein Other Current Assets (12,362) (14,333) (17,409)
Change in Payables and Other Current Liabilities (8,572) (2,556) 23,022
Changein Interest Payable and Income Taxes Receivable/Payable (25,155) (1,126) (5,952)
Net Cash Provided by Continuing Operations 111,321 84,812 79,207
Net Cash Provided by Discontinued Operations — — 1,039
Net Cash Provided by Operating Activities 111,321 84,812 80,246
Cash Flowsfrom Investing Activities
Capital Expenditures (265,888) (161,985) (69,448)
Proceeds from Disposal of Noncurrent Assets 8,174 12,486 5,233
Acquisitions—Net of Cash Acquired (41,674) (6,750) —
Net Decrease (Increase) in Other Investments 4 (7,745) (3,326)
Net Cash Used in Investing Activities — Continuing Operations (299,384) (163,994) (67,541)
Net Proceeds from Sale of Discontinued Operations — — 1,960
Net Cash Used in Investing Activities (299,384) (163,994) (65,581)
Cash Flowsfrom Financing Activities
Change in Checks Written in Excess of Cash — — (11)
Net Short-Term Borrowings 39,914 56,100 22,900
Proceeds from I ssuance of Common Stock 162,978 7,733 2,444
Common Stock | ssuance Expenses (6,418) — —
Payments for Retirement of Common Stock and Class B Stock of Subsidiary (91) (305) (463)
Proceeds from I ssuance of Long-Term Debt 1,240 205,129 149
Short-Term and Long-Term Debt | ssuance Expenses (1,252) (1,762) (458)
Payments for Retirement of Long-Term Debt (3,639) (118,1712) (3,287)
Dividends Paid (38,093) (35,516) (34,621)
Net Cash Provided by (Used in) Financing Activities 154,639 113,208 (13,347)
Effect of Foreign Exchange Rate Fluctuations on Cash 1,165 (993 43
Net Changein Cash and Cash Equivalents (32,259) 33,033 1,361
Cash and Cash Equivalentsat Beginning of Year — Continuing Operations 39,824 6,791 5,430
Cash and Cash Equivalentsat End of Year — Continuing Operations $ 7,565 $ 39,824 $ 6,791

See accompanying notes to consolidated financial statements.




Otter Tail Corporation

Consolidated Statements of Capitalization, December 31

(in thousands, except share data) 2008 2007
Long-Term Debt
Senior Unsecured Notes 6.63%, due December 1, 2011 $ 90,000 $ 90,000
Senior Unsecured Note 5.778%, due November 30, 2017 50,000 50,000
Senior Unsecured Notes 6.47%, Series D, due August 20, 2037 50,000 50,000
Senior Unsecured Notes 6.37%, Series C, due August 20, 2027 42,000 42,000
Senior Unsecured Notes 5.95%, Series A, due August 20, 2017 33,000 33,000
Senior Unsecured Notes 6.15%, Series B, due August 20, 2022 30,000 30,000
Mercer County, North Dakota Pollution Control Refunding Revenue Bonds 4.85%, due September 1, 2022 20,625 20,705
Pollution Control Refunding Revenue Bonds, Variable, 4.00% at December 31, 2008, due December 1, 2012 10,400 10,400
Lombard US Equipment Finance Note 6.76%, due October 2, 2010 4,657 6,986
Grant County, South Dakota Pollution Control Refunding Revenue Bonds 4.65%, due September 1, 2017 5,165 5,185
Obligations of Varistar Corporation — Various up to 9.69% at December 31, 2008 7,982 7,891
Total 343,829 346,167
Less:
Current Maturities 3,747 3,004
Unamortized Debt Discount 356 469
Total Long-Term Debt 339,726 342,694
Class B Stock Optionsof Subsidiary 1,220 1,255
Cumulative Preferred Shares—Without Par Value (Stated and Liquidating V alue $100 a Share)—A uthorized
1,500,000 Shares; nonvoting and redeemable at the option of the Company
Series Outstanding: Call Price December 31, 2008
$3.60, 60,000 Shares $ 102.25 6,000 6,000
$4.40, 25,000 Shares $ 102.00 2,500 2,500
$4.65, 30,000 Shares $ 101.50 3,000 3,000
$6.75, 40,000 Shares $ 101.6875 4,000 4,000
Total Preferred 15,500 15,500
Cumulative Preference Shares—Without Par VValue, Authorized 1,000,000 Shares; Outstanding: None
Total Common Shareholders Equity 676,018 522,647
Total Capitalization $1,032,464 $ 882,096

See accompanying notes to consolidated financial statements.




Otter Tail Corporation
Notes to Consolidated Financial Statements
For the years ended December 31, 2008, 2007 and 2006

1. Summary of Significant Accounting Policies

Principles of Consolidation

The consolidated financial statements of Otter Tail Corporation and its wholly-owned subsidiaries (the Company) include the accounts of the
following segments: Electric, Plastics, Manufacturing, Health Services, Food Ingredient Processing and Other Business Operations. See note 2 to the
consolidated financial statements for further descriptions of the Company’s business segments. All significant intercompany balances and
transactions have been eliminated in consolidation except profits on sales to the regulated electric utility company from nonregulated affiliates, which
isin accordance with the requirements of Statement of Financial Accounting Standards (SFAS) No. 71, Accounting for the Effects of Certain Types of
Regulation.

Regulation and Statement of Financial Accounting Standards No. 71

Asaregulated entity, the Company and the electric utility account for the financial effects of regulation in accordance with SFAS No. 71. This
statement allows for the recording of aregulatory asset or liability for costs that will be collected or refunded through the ratemaking processin the
future. In accordance with regulatory treatment, the Company defers utility debt redemption premiums and amortizes such costs over the original life
of the reacquired bonds. See note 4 for further discussion.

The Company’s regulated electric utility businessis subject to various state and federal agency regulations. The accounting policies followed by this
business are subject to the Uniform System of Accounts of the Federal Energy Regulatory Commission (FERC). These accounting policies differ in
some respects from those used by the Company’s nonel ectric businesses.

Plant, Retirements and Depreciation

Utility plant is stated at original cost. The cost of additions includes contracted work, direct labor and materials, allocable overheads and allowance
for funds used during construction. The amount of interest capitalized on electric utility plant was $1,692,000 in 2008, $2,276,000 in 2007 and $202,000
in 2006. The cost of depreciable units of property retired less salvage is charged to accumulated depreciation. Removal costs, when incurred, are
charged against the accumul ated reserve for estimated removal costs, aregulatory liability. Maintenance, repairs and replacement of minor items of
property are charged to operating expenses. The provisions for utility depreciation for financial reporting purposes are made on the straight-line
method based on the estimated service lives of the properties. Such provisions as a percent of the average balance of depreciable electric utility
property were 2.81% in 2008, 2.78% in 2007 and 2.82% in 2006. Gains or losses on group asset dispositions are taken to the accumul ated provision for
depreciation reserve and impact current and future depreciation rates.

Property and equipment of nonelectric operations are carried at historical cost or at the then-current replacement cost if acquired in abusiness
combination accounted for under the purchase method of accounting, and are depreciated on a straight-line basis over the assets' estimated useful
lives (3to 40 years). The cost of additions includes contracted work, direct labor and materials, allocable overheads and capitalized interest. The
amount of interest capitalized on nonelectric plant was $465,000 in 2008, $390,000 in 2007 and $31,000 in 2006. Maintenance and repairs are expensed
asincurred. Gains or losses on asset dispositions areincluded in the determination of operating income.

Jointly Owned Plants
The consolidated balance sheets include the Company’s ownership interestsin the assets and liabilities of Big Stone Plant (53.9%) and Coyote
Station (35.0%). The following amounts are included in the December 31, 2008 and 2007 consolidated balance sheets:

(in thousands) 2008 2007
Big Stone Plant:
Electric Plant in Service $135,623 $136,493
Accumulated Depreciation (74,416) (72,342)
Net Plant $ 61,207 $ 64,151

Coyote Station:

Electric Plant in Service $148,109 $147,724
Accumulated Depreciation (86,911) (83,417)
Net Plant $ 61,198 $ 64,307

The Company’s share of direct revenue and expenses of the jointly owned plantsisincluded in operating revenue and expenses in the consolidated
statements of income.




Recoverability of Long-Lived Assets

The Company reviewsits long-lived assets whenever events or changes in circumstances indicate the carrying amount of the assets may not be
recoverable. The Company determines potential impairment by comparing the carrying val ue of the assets with net cash flows expected to be
provided by operating activities of the business or related assets. If the sum of the expected future net cash flows isless than the carrying values, the
Company would determine whether an impairment loss should be recognized. An impairment loss would be quantified by comparing the amount by
which the carrying value exceeds the fair value of the asset, where fair value is based on the discounted cash flows expected to be generated by the
asset.

Income Taxes

Comprehensive interperiod income tax allocation is used for substantially all book and tax temporary differences. Deferred income taxes arise for all
temporary differences between the book and tax basis of assets and liabilities. Deferred taxes are recorded using the tax rates scheduled by tax law to
be in effect in the periods when the temporary differences reverse. The Company amortizes investment tax credits over the estimated lives of related
property. The Company adopted Financial Accounting Standards Board (FASB) Interpretation (FIN) No. 48, Accounting for Uncertainty in Income
Taxes— an interpretation of FASB Statement No. 109, on January 1, 2007 and has recognized, in its consolidated financial statements, the tax effects
of all tax positionsthat are “more-likely-than-not” to be sustained on audit based solely on the technical merits of those positions as of December 31,
2008. The term “more-likely-than-not” means alikelihood of more than 50%. The Company classifies interest and penalties on tax uncertainties as
components of the provision for income taxes. See note 15 to the consolidated financial statements regarding the Company’s accounting for uncertain
tax positions.

Revenue Recognition

Due to the diverse business operations of the Company, revenue recognition depends on the product produced and sold or service performed. The
Company recognizes revenue when the earnings process is complete, evidenced by an agreement with the customer, there has been delivery and
acceptance, and the price is fixed or determinable. In cases where significant obligations remain after delivery, revenue recognition is deferred until
such obligations are fulfilled. Provisions for sales returns and warranty costs are recorded at the time of the sale based on historical information and
current trends. In the case of derivativeinstruments, such asthe electric utility’s forward energy contracts, marked-to-market and realized gains and
losses are recognized on a net basisin revenue in accordance with SFAS No. 133, Accounting for Derivative Instruments and Hedging Activities, as
amended and interpreted. Gains and |osses on forward energy contracts subject to regulatory treatment, if any, are deferred and recognized on anet
basisin revenuein the period realized.

For the Company’s operating companies recognizing revenue on certain products when shipped, those operating companies have no further
obligation to provide services related to such product. The shipping terms used in these instances are FOB shipping point.

Customer electricity use is metered and bills are rendered monthly. Revenueis accrued for electricity consumed but not yet billed. Rate schedules
applicableto substantially all customersinclude afuel clause adjustment (FCA), under which the rates are adjusted to reflect changesin average cost
of fuels and purchased power, and a surcharge for recovery of conservation-related expenses. Revenueis accrued for fuel and purchased power costs
incurred in excess of amounts recovered in base rates but not yet billed through the FCA and for renewable resource incurred costs and investment
returns approved for recovery through riders.

Revenues on wholesale electricity sales from Company-owned generating units are recognized when energy is delivered.

The Company’s unrealized gains and losses on forward energy contracts that do not meet the definition of capacity contracts are marked to market
and reflected on anet basis in electric revenue on the Company’ s consolidated statement of income. Under SFAS No. 133 as amended and
interpreted, the Company’s forward energy contracts that do not meet the definition of a capacity contract and are subject to unplanned netting do
not qualify for the normal purchase and sales exception from mark-to-market accounting. The Company is required to mark to market these forward
energy contracts and recognize changes in the fair val ue of these contracts as components of income over the life of the contracts. See note 5 for
further discussion.

Plastics operating revenues are recorded when the product is shipped.
Manufacturing operating revenues are recorded when products are shipped and on a percentage-of-completion basis for construction type contracts.

Health Services operating revenues on major equipment and installation contracts are recorded when the equipment is delivered or when installation
is completed and accepted. Amounts received in advance under customer service contracts are deferred and recognized on a straight-line basis over
the contract period. Revenues generated in the imaging operations are recorded on a fee-per-scan basis when the scan is performed.




Food Ingredient Processing revenues are recorded when the product is shipped.

Other Business Operations operating revenues are recorded when services are rendered or products are shipped. In the case of construction
contracts, the percentage-of-completion method is used.

Some of the operating businesses enter into fixed-price construction contracts. Revenues under these contracts are recognized on a percentage-of-
completion basis. The Company’s consolidated revenues recorded under the percentage-of-completion method were 33.5% in 2008, 30.1% in 2007 and
25.1% in 2006. The method used to determine the progress of completion is based on the ratio of labor costsincurred to total estimated |abor costs at
the Company’s wind tower manufacturer, square footage completed to total bid square footage for certain floating dock projects and costs incurred to
total estimated costs on all other construction projects. If alossisindicated at a point in time during a contract, a projected loss for the entire contract
is estimated and recognized. The following table summarizes costsincurred and billings and estimated earnings recognized on uncompleted contracts:

December 31, December 31,
(in thousands) 2008 2007
Costs Incurred on Uncompl eted Contracts $ 377,237 $ 286,358
LessBillingsto Date (366,931) (292,692)
Plus Estimated Earnings Recognized 47,355 38,275
$ 57,661 $ 31,941

The following costs and estimated earnings in excess of billings are included in the Company’s consolidated balance sheet. Billingsin excess of costs
and estimated earnings on uncompleted contracts are included in Accounts Payable.

December 31, December 31,
(in thousands) 2008 2007
Costs and Estimated Earnings in Excess of Billings on Uncompleted Contracts $65,606 $ 42,234
Billingsin Excess of Costs and Estimated Earnings on Uncompleted Contracts (7,945) (10,293)
$57,661 $ 31,941

Costs and Estimated Earningsin Excess of Billingsat DMI Industries, Inc. (DMI) were $59,300,000 as of December 31, 2008 and $36,161,000 as of
December 31, 2007. Thisamount isrelated to costsincurred on wind towers in the process of completion on major contracts under which the customer
isnot billed until towers are completed and ready for shipment.

Retainage
Accounts Receivable include amounts billed by the Company’s subsidiaries under |long-term contracts that have been retained by customers pending
project completion of $10,311,000 on December 31, 2008 and $10,417,000 on December 31, 2007.

Sales of Receivables

In March 2008, DMI, the Company’s wind tower manufacturer, entered into a three-year $40 million receivable purchase agreement whereby
designated customer accounts receivable may be sold to General Electric Capital Corporation on arevolving basis. Accounts receivable totaling
$132,911,000 were sold in 2008. Discounts and commissions and fees of $722,000 for the year ended December 31, 2008 were charged to operating
expenses in the consolidated statements of income. In compliance with SFAS No. 140, Accounting for Transfers and Servicing of Financial Assets
and Extinguishments of Liabilities, sales of accounts receivable are reflected as areduction of accounts receivablein the consolidated balance
sheets and the proceeds are included in the cash flows from operating activities in the consolidated statements of cash flows.

Marketing and Sales Incentive Costs

ShoreMaster, Inc. (ShoreMaster), the Company’ s waterfront equi pment manufacturer, provides dealer floor plan financing assistance for certain
dealer purchases of ShoreMaster products for certain set time periods based on the timing and size of adealer’s order. ShoreMaster recognizes the
estimated cost of projected interest payments related to each financed sale as aliability and areduction of revenue at the time of sale, based on
historical experience of the average length of time floor plan debt is outstanding, in accordance with Emerging | ssues Task Force Issue No. 01-9,
Accounting for Consideration Given by a Vendor to a Customer (Including a Reseller of a Vendor’s Products). The liability isreduced when
interest is paid. To the extent current experience differs from previous estimates the accrued liability for financing assistance costsis adjusted
accordingly. Financing assi stance costs of $500,000 for the year ended December 31, 2008 were charged to revenue.




Foreign Currency Translation

The functional currency for the operations of the Canadian subsidiary of Idaho Pacific Holdings, Inc. (IPH) isthe Canadian dollar (CAD). This
subsidiary realizes foreign currency transaction gains or losses on settlement of receivables related to its sales, which are mostly in U.S. dollars
(USD), and on exchanging U.S. currency for Canadian currency for its Canadian operations. This subsidiary recorded foreign currency transaction
losses of $60,000 USD in 2008 as aresult of the decrease in the value of the Canadian dollar relative to the U.S. dollar in 2008, and foreign currency
transaction losses of $656,000 USD in 2007 as aresult of theincrease in the value of the Canadian dollar relative to the U.S. dollar in 2007. Transaction
gains and losses in 2006 were not significant due to the relative stability of the currenciesin 2006. The translation of CAD to USD is performed for
balance sheet accounts using exchange ratesin effect at the balance sheet dates, except for the common equity accounts which are at historical rates,
and for revenue and expense accounts using aweighted average exchange during the year. Gains or losses resulting from the translation are included
in Accumulated Other Comprehensive Income (Loss) in the equity section of the Company’s consolidated balance sheet.

The functional currency for the Canadian subsidiary of DMI isthe U.S. dollar. There are no foreign currency translation gains or losses related to this
entity. However, this subsidiary may realize foreign currency transaction gains or |osses on settlement of liabilities related to goods or services
purchased in CAD. Foreign currency transaction gains related to balance sheet adjustments of CAD liabilitiesto USD equivalents and realized gains
on settlement of those liabilities were $399,000 USD in 2008 as aresult of the decrease in the value of the Canadian dollar relative to the U.S. dollar in
2008. Foreign currency transaction losses related to balance sheet adjustments of CAD liabilitiesto USD equivalents and realized losses on settlement
of those liabilities were $102,000 USD in 2007 as aresult of the increase in the value of the Canadian dollar relative to the U.S. dollar in 2007.

Shipping and Handling Costs
The Company includes revenues received for shipping and handling in operating revenues. Expenses paid for shipping and handling are recorded as
part of cost of goods sold.

Use of Estimates

The Company uses estimates based on the best information available in recording transactions and balances resulting from business operations.
Estimates are used for such items as depreciable lives, asset impairment eval uations, tax provisions, collectability of trade accounts receivable, self-
insurance programs, unbilled electric revenues, valuations of forward energy contracts, service contract maintenance costs, percentage-of-completion
and actuarially determined benefits costs and liabilities. As better information becomes available (or actual amounts are known), the recorded
estimates are revised. Consequently, operating results can be affected by revisionsto prior accounting estimates.

Cash Equivalents
The Company considersall highly liquid debt instruments purchased with maturity of 90 days or less to be cash equivalents.

Supplemental Disclosures of Cash Flow |nformation

(in thousands) 2008 2007 2006
Increases (Decreases) in Accounts Payable and Other Liabilities Related to Capital

Expenditures $(22,729) $23,514 $ 1,401
Noncash Investing and Financing Transactions:

Capital Leases $ 2,084 — —
Cash Paid During the Y ear from Continuing Operations for:

Interest (net of amount capitalized) $ 25,032 $18,155 $18,456

Income Taxes $ 1,356 $25,906 $35,061
Cash Paid During the Y ear from Discontinued Operations for:

Interest $ — $ — $ 91

Income Taxes $ — $§ — $§ 423
| nvestments

Thefollowing table provides a breakdown of the Company’sinvestments at December 31, 2008 and 2007:

December 31, December 31,

(in thousands) 2008 2007
Cost Method:

Economic Development Loan Pools $ 528 $ 655

Other 1,057 1,303
Equity Method:

Affordable Housing and Other Partnerships 1,441 1,851
Marketable Securities Classified as Available-for-Sale 4516 6,248

Total Investments $7,542 $10,057




The Company has investmentsin eleven limited partnerships that invest in tax-credit-qualifying affordable-housing projects that provided tax credits
of $55,000 in 2008, $285,000 in 2007 and $839,000 in 2006. The Company owns amajority interest in eight of the eleven limited partnerships with atotal
investment of $1,426,000. FIN No. 46, Consolidation of Variable Interest Entities, requires full consolidation of the majority-owned partnerships.
However, the Company includes these entities on its consolidated financial statements on a declining balance basis due to immateriality and
uncertainty regarding residual values. Consolidating these entities would have represented | ess than 0.4% of total assets, 0.1% of total revenues and
(0.5%) of operating income for the Company as of, and for the year ended, December 31, 2008 and would have an insignificant impact on the
Company’s 2008 consolidated net income.

The Company’s marketable securities classified as available-for-sale are held for insurance purposes and are reflected at their market values on
December 31, 2008. See further discussion below and under note 13.

Eair Value Measurements

Effective January 1, 2008, the Company adopted SFAS No. 157, Fair Value Measurements, for recurring fair value measurements. SFAS No. 157
provides asingle definition of fair value and requires enhanced disclosures about assets and liabilities measured at fair value. SFAS No. 157
establishes ahierarchal framework for disclosing the observability of the inputs utilized in measuring assets and liabilities at fair value. The three
levels defined by the SFAS No. 157 hierarchy and examples of each level are asfollows:

Level 1 — Quoted prices are available in active markets for identical assets or liabilities as of the reported date. The types of assets and liabilities
included in Level 1 are highly liquid and actively traded instruments with quoted prices, such as equities listed by the New Y ork Stock Exchange and
commodity derivative contracts listed on the New Y ork Mercantile Exchange.

Level 2 — Pricing inputs are other than quoted prices in active markets, but are either directly or indirectly observable as of the reported date. The
types of assetsand liabilitiesincluded in Level 2 aretypically either comparable to actively traded securities or contracts, such as treasury securities
with pricing interpolated from recent trades of similar securities, or priced with models using highly observable inputs, such as commodity options
priced using observable forward prices and volatilities.

Level 3— Significant inputsto pricing have little or no observability as of the reporting date. The types of assets and liabilitiesincluded in Level 3 are
those with inputs requiring significant management judgment or estimation, such as the complex and subjective models and forecasts used to
determine the fair value of financial transmission rights.

The following table presents, for each of these hierarchy levels, the Company’s assets and liabilities that are measured at fair value on arecurring
basis as of December 31, 2008:

(in thousands) Level 1 Level 2 Level 3 Total
Assets:
Investments for Nonqualified Retirement Savings Retirement Plan:
Money Market and Mutual Funds and Cash $ 890 $ — $ 890
Cash Surrender Value of Life Insurance Policies 8,014 8,014
Cash Surrender Value of Keyman Life Insurance Policies — Net of Policy
Loans 10,244 10,244
Forward Energy Contracts 405 405
Investments of Captive Insurance Company:
Corporate Debt Securities 3,569 3,569
U.S. Government Debt Securities 47 47
Total Assets $5,406 $18,663 $24,069
Liabilities:
Forward Energy Contracts $ — $ 1,690 $ — $ 1,690
Forward Foreign Currency Exchange Contracts 289 289
Asset Retirement Obligations 3,298 3,298
Total Liabilities $ 289 $ 1,690 $ 3,298 $ 5,277

Net Assets (Liabilities) $5,117 $16,973 $(3,298) $18,792




Inventories
The Electric segment inventories are reported at average cost. All other segments’ inventories are stated at the lower of cost (first-in, first-out) or
market. Inventories consist of the following:

December 31, December 31,
(in thousands) 2008 2007
Finished Goods $ 38,943 $38,952
Work in Process 10,205 5,218
Raw Material, Fuel and Supplies 52,807 53,044
Total Inventories $101,955 $97,214

Goodwill and Intangible Assets
The Company accounts for goodwill and other intangible assets in accordance with the requirements of SFAS No. 142, Goodwill and Other

Intangible Assets, requiring goodwill and indefinite-lived intangible assets to be measured for impairment at least annually and more often when
events indicate the assets may be impaired. Intangible assets with finite lives are amortized over their estimated useful lives and reviewed for
impairment in accordance with SFAS No. 144, Accounting for the Impairment or Disposal of Long-Lived Assets.

Asaresult of the acquisition of Miller Welding & Iron Works, Inc. (Miller Welding) by BTD Manufacturing, Inc. (BTD) in May 2008, Goodwill
increased $7,986,000, Covenants Not to Compete increased by $100,000, Customer Relationshipsincreased by $16,100,000 and Brand/Trade Name
increased by $400,000.

Changesin the carrying amount of Goodwill by segment are asfollows:

Adjustment
to Goodwill related
Balance December 31, to assets sold in Goodwill Acquired Balance December 31,

(in thousands) 2007 2008 in 2008 2008
Plastics $19,302 $ — $ — $ 19,302
Manufacturing 16,746 — 7,986 24,732
Health Services 24,328 (450) — 23,878
Food Ingredient Processing 24,324 — — 24,324
Other Business Operations 14,542 — — 14,542
Total $99,242 $(450) $7,986 $106,778

The following table summarizes components of the Company’s intangible assets as of December 31:

Gross Carrying Accumulated Net Carrying Amortization
2008(in thousands) Amount Amortization Amount Periods
Amortized Intangible Assets:

Covenants Not to Compete $ 2,250 $1,889 $ 361 3-5years
Customer Relationships 26,854 2,429 24,425 15— 25 years
Other Intangible Assets Including Contracts 2,710 1,921 789 5—30years
Total $31,814 $6,239 $25,575
Nonamortized Intangible Assets:
Brand/Trade Name $ 9,866 $ — $ 9,866
2007(in thousands)
Amortized Intangible Assets:
Covenants Not to Compete $ 2,637 $2,113 $ 524 3-5years
Customer Relationships 10,879 1,469 9,410 15— 25 years
Other Intangible Assets Including Contracts 2,785 1,775 1,010 5—30years
Total $16,301 $5,357 $10,944
Nonamortized Intangible Assets:
Brand/Trade Name $ 9,512 $ — $ 9,512

The amortization expense for these intangible assets was $1,464,000 for 2008, $1,227,000 for 2007 and $1,079,000 for 2006. The estimated annual
amortization expense for these intangible assets for the next five yearsis $1,633,000 for 2009, $1,461,000 for 2010, $1,332,000 for 2011, $1,312,000 for
2012 and $1,308,000 for 2013.




New Accounting Standards

SFASNo. 157, Fair Value Measurements, wasissued by the FASB in September 2006. SFAS No. 157 definesfair value, establishes aframework for
measuring fair value in generally accepted accounting principles and expands disclosures about fair value measurements. SFAS No. 157 is effective
for fiscal years beginning after November 15, 2007. SFAS No. 157 applies under other accounting pronouncements that require or permit fair value
measurements where fair valueis the relevant measurement attribute. Accordingly, this statement does not require any new fair value measurements.
The adoption of SFAS No. 157 on January 1, 2008 resulted in additional footnote disclosures related to the use of fair value measurementsin the areas
of investments, derivatives, asset retirement obligations, goodwill and asset impairment evaluations, financial instruments and acquisitions, but did
not have a significant impact on the Company’s consolidated balance sheet, income statement or statement of cash flows.

SFASNo. 159, The Fair Value Option for Financial Assets and Financial Liabilities— Including an Amendment of FASB Statement No. 115,
was issued by the FASB in February 2007. SFAS No. 159 provides companies with an option to measure, at specified election dates, many financial
instruments and certain other items at fair value that are not currently measured at fair value. A company that adopts SFAS No. 159 will report
unrealized gains and losses in earnings at each subsequent reporting date on items for which the fair value option has been elected. This statement
also establishes presentation and disclosure requirements to facilitate comparisons between entities that choose different measurement attributes for
similar types of assets and liabilities. SFAS No. 159 is effective for fiscal years beginning after November 15, 2007. The Company adopted SFAS No.
159 on January 1, 2008. The adoption of this pronouncement had no effect on the Company’s consolidated financial statements because the Company
had not opted, nor doesit currently plan to opt, to apply fair value accounting to any financial instruments or other itemsthat it is not currently
required to account for at fair value.

SFAS No. 141 (revised 2007), Business Combinations (SFAS No. 141(R)), wasissued by the FASB in December 2007. SFAS No. 141(R) replaces
SFAS No. 141, Business Combinations, and will apply prospectively to business combinations for which the acquisition date is on or after the
beginning of the first annual reporting period beginning on or after December 15, 2008. SFAS No. 141(R) appliesto al transactions or other eventsin
which an entity (the acquirer) obtains control of one or more businesses (the acquiree). In addition to replacing the term “ purchase method of
accounting” with “acquisition method of accounting,” SFAS No. 141(R) requires an acquirer to recognize the assets acquired, the liabilities assumed
and any noncontrolling interest in the acquiree at the acquisition date, measured at their fair values as of that date, with limited exceptions. This
guidance will replace SFAS No. 141's cost-allocation process, which requires the cost of an acquisition to be allocated to the individual assets
acquired and liabilities assumed based on their estimated fair values. SFAS No. 141's guidance resultsin not recognizing some assets and liabilities at
the acquisition date, and it also results in measuring some assets and liabilities at amounts other than their fair values at the acquisition date. For
example, SFAS No. 141 requires the acquirer to include the costs incurred to effect an acquisition (acquisition-related costs) in the cost of the
acquisition that is allocated to the assets acquired and the liabilities assumed. SFAS No. 141(R) requires those costs to be expensed asincurred. In
addition, under SFAS No. 141, restructuring costs that the acquirer expects but is not obligated to incur are recognized asif they were aliability
assumed at the acquisition date. SFAS No. 141(R) requires the acquirer to recognize those costs separately from the business combination.

SFASNo. 161, Disclosures about Derivative | nstruments and Hedging Activities—an amendment of FASB Statement No. 133, was issued by the
FASB in March 2008. SFAS No. 161 requires enhanced disclosures about an entity’s derivative and hedging activities to improve the transparency of
financial reporting. SFAS No. 161 is effective for financial statements issued for fiscal years and interim periods beginning after November 15, 2008.
Adoption of SFAS No. 161 will result in additional footnote disclosures related to the Company’s use of derivative instruments but those additional
disclosures will not be extensive because the derivative instruments currently held by the Company are not designated as hedging instruments under
SFASNo. 161.

2. Business Combinations, Dispositions and Segment I nformation

On May 1, 2008 BTD acquired the assets of Miller Welding of Washington, Illincisfor $41.7 million in cash. Miller Welding, a custom job shop
fabricator and finisher, recorded $26 million in revenuein 2007. Miller Welding manufactures and fabricates parts for off-road equipment, mining
machinery, oil fields and offshore oil rigs, wind industry components, broadcast antennae and farm equipment, and serves several major equi pment
manufacturersin the Peoria, |llinois area and nationwide, including Caterpillar, Komatsu and Gardner Denver. This acquisition will provide
opportunities for growth in new and existing markets for both BTD and Miller Welding, and complementing production capabilities will expand the
scope and capacity of services offered by both companies.




Below is condensed balance sheet information, at the date of the business combination, disclosing the preliminary allocation of the purchase price
assigned to each major asset and liability category of Miller Welding:

(in thousands)

Assets
Current assets $ 8,855
Goodwill 7,986
Other Intangible Assets 16,600
Fixed Assets 8,994
Total Assets $42,435
Liabilities
Current Liabilities $ 761
Noncurrent Liabilities —
Total Liabilities $ 761
Cash Paid $41,674

Other Intangible Assets related to the Miller Welding acquisition include $16,100,000 for Customer Relationships being amortized over 20 years,
$400,000 for a Nonamortizable Trade Name and a $100,000 Covenant Not to Compete being amortized over three years.

On February 19, 2007 ShoreMaster acquired the assets of the Aviva Sports product line for $2.0 million in cash. The Aviva Sports product line
operates under Aviva Sports, Inc. (Aviva), anewly-formed wholly-owned subsidiary of ShoreMaster. The Aviva Sports product lineis sold
internationally and consists of products for consumer usein the pool, lake and yard, aswell as commercial use at summer camps, resorts and large
public swimming pools. The acquisition of the Aviva Sports product line fits well with the other product lines of ShoreMaster, aleading manufacturer
and supplier of waterfront equipment.

On May 15, 2007 BTD acquired the assets of Pro Engineering, LLC (Pro Engineering) for $4.8 million in cash. Pro Engineering specializesin providing
metal parts stampingsto customersin the Midwest. The acquisition of Pro Engineering by BTD provides expanded growth opportunities for both
companies.

Below, are condensed bal ance sheets, at the dates of the respective business combinations, disclosing the allocation of the purchase price assigned
to each major asset and liability category of Avivaand Pro Engineering:

(in thousands) Aviva Pro Engineering
Assets
Current Assets $2,083 $1,956
Goodwill — 1,048
Other Intangible Assets 870 396
Plant — 1,600
Total Assets $2,953 $5,000
Liabilities
Current Liabilities $ 988 $ 215
Noncurrent Liabilities — —
Total Liabilities $ 988 $ 215
Cash Paid $1,965 $4,785

Other Intangible Assets related to the Avivaacquisition include $83,000 for a nonamortizable brand name and $787,000 in intangible assets being
amortized over various periods up to 15 years. Other Intangible Assets related to the Pro Engineering acquisition include $51,000 for a nonamortizable
brand name and $345,000 in intangibl e assets being amortized over various periods up to 20 years.

The Company acquired no new businessesin 2006.

All of the acquisitions described above were accounted for using the purchase method of accounting. Disclosure of pro formainformation related to
the results of operations of the entities acquired in 2008 and 2007 for the periods presented in this report is not required due to immateriality.

In June 2006, Otter Tail Energy Services Company (OTESCO), the Company’s energy services company, sold its gas marketing operations.
Discontinued Operations includes the operating results of OTESCO'’s natural gas marketing operations and an after-tax gain on the sale of its natural
gas marketing operations of $0.3 million in 2006.




Segment Information

The accounting policies of the segments are described under note 1 — Summary of Significant Accounting Policies. The Company’s businesses have
been classified into six segments based on products and services and reach customersin all 50 states and international markets. The six segments are:
Electric, Plastics, Manufacturing, Health Services, Food Ingredient Processing and Other Business Operations.

Electric includes the production, transmission, distribution and sale of electric energy in Minnesota, North Dakota and South Dakota under the name
Otter Tail Power Company (the electric utility). In addition, the electric utility is an active wholesale participant in the Midwest Independent
Transmission System Operator (M1SO) markets. The electric utility operations have been the Company’s primary business since incorporation.

Plastics consists of businesses producing polyvinyl chloride pipein the Upper Midwest and Southwest regions of the United States.

Manufacturing consists of businesses in the following manufacturing activities: production of wind towers, contract machining, metal parts stamping
and fabrication, and production of waterfront equipment, material and handling trays and horticultural containers. These businesses have
manufacturing facilitiesin Florida, Illinois, Minnesota, Missouri, North Dakota, Oklahomaand Ontario, Canada and sell products primarily in the
United States.

Health Services consists of businessesinvolved in the sale of diagnostic medical equipment, patient monitoring equipment and related supplies and
accessories. These businesses also provide equipment maintenance, diagnostic imaging services and rental of diagnostic medical imaging equipment
to various medical institutions located throughout the United States.

Food Ingredient Processing consists of 1PH, which owns and operates potato dehydration plantsin Ririe, Idaho; Center, Colorado; and Souris, Prince
Edward Island, Canada. IPH produces dehydrated potato products that are sold in the United States, Canada and other countries.

Other Business Operations consists of businessesin residential, commercial and industrial electric contracting industries, fiber optic and electric
distribution systems, wastewater and HV A C systems construction, transportation and energy services. These businesses operate primarily in the
Central United States, except for the transportation company which operates in 48 states and 4 Canadian provinces.

Our electric operations, including wholesal e power sales, are operated as a division of Otter Tail Corporation, and our energy services operationis
operated as asubsidiary of Otter Tail Corporation. Substantially all of our other businesses are owned by our wholly owned subsidiary Varistar
Corporation.

Corporate includes items such as corporate staff and overhead costs, the results of the Company’s captive insurance company and other items
excluded from the measurement of operating segment performance. Corporate assets consist primarily of cash, prepaid expenses, investments and
fixed assets. Corporate is not an operating segment. Rather, it is added to operating segment totals to reconcile to totals on the Company’s
consolidated financial statements.

The Company has one customer within the Manufacturing segment that accounted for approximately 10.6% of the Company’s consolidated revenues
in 2008. No other single external customer accounts for 10% or more of the Company’s revenues. Substantially all of the Company’s long-lived assets
arewithin the United States except for afood ingredient processing dehydration plant in Souris, Prince Edward Island, Canada and awind tower
manufacturing plant in Fort Erie, Ontario, Canada.

Percent of Sales Revenue by Country for the Y ear Ended December 31

2008 2007 2006
United States of America 97.3% 96.9% 97.2%
Canada 1.1% 1.3% 1.3%
All Other Countries 1.6% 1.8% 1.5%

The Company evaluates the performance of its business segments and allocates resources to them based on earnings contribution and return on total
invested capital. Information on continuing operations for the business segments for 2008, 2007 and 2006 is presented in the following table.




(in thousands) 2008 2007 2006
Operating Revenue
Electric $ 340,020 $ 323478 $ 306,014
Plastics 116,452 149,012 163,135
Manufacturing 470,462 381,599 311,811
Health Services 122,520 130,670 135,051
Food Ingredient Processing 65,367 70,440 45,084
Other Business Operations 199,511 185,730 145,603
Corporate and Intersegment Eliminations (3,135) (2,042) (1,744)
Tota $1,311,197 $1,238,887 $1,104,954
Depreciation and Amortization
Electric $ 31,755 $ 26,097 $ 25756
Plastics 3,050 3,083 2,815
Manufacturing 19,260 13,124 11,076
Health Services 4,133 3,937 3,660
Food Ingredient Processing 4,094 3,952 3,759
Other Business Operations 2,230 2,058 2,330
Corporate 538 579 587
Tota $ 65,060 $ 52,830 $ 49,983
Interest Charges
Electric $ 12,895 $ 9405 $ 10,315
Plastics 1,156 970 814
Manufacturing 8,666 8,546 6,550
Health Services 714 883 910
Food Ingredient Processing 109 177 481
Other Business Operations 1171 1,234 988
Corporate and Intersegment Eliminations 2,247 (358) (557)
Total $ 26,958 $ 20857 $ 19501
Income Before Income Taxes
Electric $ 46,160 $ 37422 $ 38,802
Plastics 3,114 13,452 22,959
Manufacturing 7,650 24,503 21,148
Health Services 342 2,626 3,909
Food Ingredient Processing 2,655 5,912 (6,325)
Other Business Operations 8,736 6,762 8,666
Corporate (18,495) (8,748) (11,303
Total $ 50,162 $ 81,929 $ 77,856
Earnings Available for Common Shares
Electric $ 32,498 $ 23762 $ 23445
Plastics 1,880 8,314 14,326
Manufacturing 5,269 15,632 13,171
Health Services 85 1,427 2,230
Food Ingredient Processing 1,681 4,386 (4,115)
Other Business Operations 5,279 4,049 5,257
Corporate (12,303) (4,345) (4,300)
Total $ 34,389 $ 53,225 $ 50,014
Capital Expenditures
Electric $ 198,798 $ 104,288 $ 35207
Plastics 8,883 3,305 5,504
Manufacturing 47,606 42,786 20,048
Health Services 4,039 5,276 4,720
Food Ingredient Processing 2,402 47 1,762
Other Business Operations 3,919 5,589 1,779
Corporate 241 694 428
Total $ 265,888 $ 161,985 $ 69,448
I dentifiable Assets
Electric $ 992,159 $ 813,565 $ 689,653
Plastics 78,054 77,971 80,666
Manufacturing 356,697 274,780 219,336
Health Services 61,086 64,824 66,126
Food Ingredient Processing 88,813 91,966 94,462
Other Business Operations 71,359 72,258 67,110
Corporate 44,419 59,390 41,008
Discontinued Operations — — 289




Total $1,692,587 $1,454,754 $1,258,650




3. Rateand Regulatory Matters
Minnesota

General Rate Case— In an order issued by the Minnesota Public Utilities Commission (MPUC) on August 1, 2008 the electric utility was granted an
increase in Minnesotaretail electric rates of $3.8 million or approximately 2.9%, compared with the originally requested increase of approximately 6.7%.
An interim rate increase of 5.4% went into effect on November 30, 2007. The electric utility will refund Minnesota customers the difference between
interim rates and final rates, with interest, in March 2009. Amounts refundable totaling $3.9 million have been recorded as aliability on the Company’s
consolidated balance sheet as of December 31, 2008. The MPUC approved arate of return on equity of 10.43% on a capital structure with 50.0%
equity. The electric utility deferred recognition of $1.5 million in rate case-related filing and administrative costs in June 2008 that are subject to
amortization and recovery over three years under new rates as ordered by the MPUC. Asaresult of an MPUC decision on reconsideration of the
treatment of profit margins on the resale of electricity purchased from other companies, the electric utility will assign an amount of its costs to this
unregulated activity but will not be required to credit any portion of nonasset-based marginsto retail customers.

Capacity Expansion 2020 (CapX 2020) Mega Certificate of Need—On August 16, 2007 the eleven CapX 2020 utilities asked the MPUC to determine the
need for three 345-kilovolt (kv) transmission lines. Evidentiary hearings for the Certificate of Need for the three CapX 2020 345-kv transmission line
projects began in July 2008 and continued into August 2008. The MPUC is expected to decide if the lines meet regul atory need requirements by early
2009. The MPUC would determine routes for the new linesin separate proceedings. Portions of the lineswould al so require approvals by federal
officials and by regulatorsin North Dakota, South Dakota and Wisconsin. After regulatory need is established and routing decisions are compl eted
(expected in 2009 or 2010), construction will begin. The lines would be expected to be completed three or four years later. Great River Energy and X cel
Energy are leading these projects, and Otter Tail Power Company and eight other utilities are involved in permitting, building and financing. Otter Tail
Power Company isdirectly involved in two of these three projects and serves asthe lead utility in afourth Group 1 project, the Bemidji-Grand Rapids
230-kv line which has an expected in-service date of 2012-2013.

The electric utility filed a Certificate of Need for the fourth project on March 17, 2008. The Department of Commerce Office of Energy Security
(MNOES) staff completed briefing papers regarding the Bemidji-Grand Rapids route permit application. The MNOES staff recommended to the MPUC:
(1) the route permit application be found to be complete, (2) the need determination not be sent to a contested case but be handled informally by
MPUC review, and (3) the Certificate of Need and route permit proceedings be combined as requested. The MPUC met on June 26, 2008 to act on the
MNOES staff recommendation. The MPUC agreed the Certificate of Need and route permit applications were complete. The commissioners asked the
CapX 2020 utilitiesto add a section to the Certificate of Need application addressing how the new Minnesota Conservation Improvement Programs
(CIP) statutes will affect the need for the project. Because no one hasintervened in the Certificate of Need proceeding, the MPUC will handle the
Certificate of Need application as an uncontested case. The MNOES subsequently recommended that need for the line has been established. The
MPUC is expected to determineif there isaneed for thisline and, if appropriate, issue the route permit in spring 2010.

Renewable Energy Standards, Conservation and Renewable Resource Riders—In February 2007, the Minnesota legislature passed a renewable
energy standard requiring the electric utility to generate or procure sufficient renewable generation such that the following percentages of total retail
electric salesto Minnesota customers come from qualifying renewable sources: 12% by 2012; 17% by 2016; 20% by 2020 and 25% by 2025. Under
certain circumstances and after consideration of costs and reliability issues, the MPUC may modify or delay implementation of the standards. The
electric utility has acquired renewable resources and expects to acquire additional renewable resources in order to maintain compliance with the
Minnesota renewabl e energy standard. By the end of 2010, the electric utility expectsto have sufficient renewable energy resources available to
comply with the required 2012 level of the Minnesota renewable energy standard. The electric utility’s compliance with the Minnesota renewable
energy standard will be measured through the Midwest Renewable Energy Tracking System.

Under the Next Generation Energy Act of 2007 passed by the Minnesotalegislaturein May 2007, an automatic adjustment mechanism was established
to allow Minnesota electric utilitiesto recover investments and costs incurred to satisfy the requirements of the renewable energy standards. The
MPUC is now authorized to approve arate schedule rider to enable utilities to recover the costs of qualifying renewable energy projects that supply
renewabl e energy to Minnesota customers. Cost recovery for qualifying renewable energy projects can now be authorized outside of arate case
proceeding, provided that such renewable projects have received previous MPUC approval. Renewabl e resource costs eligible for recovery may
include return on investment, depreciation, operation and maintenance costs, taxes, renewable energy delivery costs and other related expenses.

In an order issued on August 15, 2008, the MPUC approved the electric utility’s proposal to implement a Renewable Resource Cost Recovery Rider
for its Minnesotajurisdictional portion of investment in renewable energy facilities. The rider




enables the electric utility to recover fromits Minnesotaretail customersitsinvestmentsin owned renewabl e energy facilities and provides for a
return on those investments. The Renewable Resource Adjustment of 0.19 cents per kilowatt-hour (kwh) was included on Minnesota customers'
electric service statements beginning in September 2008. The first renewabl e energy project for which the electric utility will receive cost recovery is
its 40.5 megawatt ownership share of the Langdon Wind Energy Center, which became fully operational in January 2008. The electric utility has
recognized aregulatory asset of $3.0 million for revenuesthat are eligible for recovery through the rider but have not been billed to Minnesota
customers as of December 31, 2008.

The electric utility is awaiting adecision from the MPUC on its 2009 Rider Adjustment filing with an expected implementation date of April 1, 2009.
The 2009 Rider Adjustment filing includes arequest for recovery of the electric utility’ sinvestment costs and expenses related to its 32 wind turbines
at the Ashtabula Wind Energy Center that became commercially operational in November 2008.

In addition to the Renewable Resource Cost Recovery Rider, the Minnesota Public Utilities Act provides a similar mechanism for automatic
adjustment outside of ageneral rate proceeding to recover the costs of new electric transmission facilities. The MPUC may approve atariff rider to
recover the Minnesotajurisdictional costs of new transmission facilities that have been previously approved by the MPUC in a Certificate of Need
proceeding or certified by the MPUC as a Minnesota priority transmission project or investment and expenditures made to transmit the el ectricity
generated from renewable generation sources ultimately used to provide service to the utility’ sretail customers. Such transmission cost recovery
riderswould alow areturn on investments at the level approved in a utility’s last general rate case. The electric utility expectsto file a proposed rider
with the MPUC to recover its share of costs of eligible transmission infrastructure upgrades projectsin 20009.

Recovery of M1SO Costs—In December 2005, the MPUC issued an order denying the electric utility’s request to allow recovery of certain MISO-
related costs through the FCA in Minnesota retail rates and requiring arefund of amounts previously collected pursuant to an interim order issued in
April 2005. The electric utility recorded a$1.9 million reduction in revenue and arefund payable in December 2005 to reflect the refund obligation. On
February 9, 2006 the MPUC decided to reconsider its December 2005 order. The MPUC' sfinal order was issued on February 24, 2006 requiring
jurisdictional investor-owned utilitiesin the state to participate with the Minnesota Department of Commerce (MNDOC) and other partiesin a
proceeding that would evaluate suitability of recovery of certain M1SO Day 2 energy market costs through the FCA. The February 24, 2006 order
eliminated the refund provision from the December 2005 order and allowed that any MISO-related costs not recovered through the FCA may be
deferred for a period of 36 months, with possible recovery through base ratesin the utility’s next general rate case. Asaresult, the electric utility
recognized $1.9 million in revenue and reversed the refund payable in February 2006. The Minnesota utilities and other parties submitted afinal report
to the MPUC in July 2006.

In an order issued on December 20, 2006 the MPUC stated that except for schedule 16 and 17 administrative costs, discussed below, each petitioning
utility may recover the chargesimposed by the MISO for MISO Day 2 operations (offset by revenues from Day 2 operations via net accounting)
through the calculation of the utility’s FCA from the period April 1, 2005 through a period of at least three years after the date of the order. The MPUC
also ordered the utilities to refund schedule 16 and 17 costs collected through the FCA since the inception of MISO Day 2 Marketsin April 2005 and
stated that each petitioning utility may use deferred accounting for M1SO schedule 16 and 17 costs incurred since April 1, 2005. This deferred
accounting may continue for ongoing schedule 16 and 17 costs, without the accumulation of interest, until the earlier of March 1, 2009 or the utility’s
next electric rate case. Pursuant to this December 20, 2006 order, the electric utility was ordered to refund $446,000 in MISO schedule 16 and 17 costs
to Minnesotaretail customers through the FCA over atwelve-month period beginning in January 2007. The electric utility requested recovery of the
deferred costs and recovery of the ongoing costsin its general rate case filed in October 2007 and, in January 2008, began amortizing $855,000 of
deferred MISO schedule 16 and 17 costs over a 35-month period. The August 1, 2008 MPUC Order in the general rate case allowed future recovery of
MISO schedule 16 and 17 costs and recovery of the deferred Schedule 16 and 17 costs.

Minnesota Annual Automatic Adjustment Report on Energy Costs (AAA Report)—The MNDOC and the electric utility identified two operational
situations which are not covered in the approved method for allocating M1SO costs contained in the final December 20, 2006 MPUC order discussed
above. One relates to plants not expected to be available for retail but that produce energy in certain hours, resulting in wholesale sales. The other
situation isrelated to Financial Transmission Rights (FTRs) not needed for retail load. For the period July 1, 2005 through June 30, 2007 the electric
utility determined its Minnesota customers’ portion of costs associated with these situations to be $765,000. The data was provided to the MNDOC
during the course of the MNDOC's review of the AAA Report. The electric utility offered to refund $765,000 to its Minnesota customers to settle this
and other issues raised by the MNDOC in the AAA Report docket before the MPUC and the MNDOC accepted the offer in October 2007 and
recommended that the MPUC include the refund initsfinal order. The electric utility also agreed to modifications to the MI1SO Day 2 cost allocations
that were resolved in the MPUC'’s December 20, 2006 order. The electric utility agreed to make some of those modifications retroactive back to
January 1, 2007. The MPUC accepted the electric utility’ s refund offer and modifications and closed this docket on February 6, 2008. In

December 2007, the electric utility recorded aliability and a reduction to revenue of $805,000 for the amount of the refund offer and similar revenues
collected subsequent to June 30, 2007. Refunds to Minnesota customers were compl eted during 2008.




Claims of Improper Regulatory Filings—In September 2004, the Company provided aletter to the MPUC summarizing issues and conclusions of an
internal investigation completed by the Company related to claims of allegedly improper regulatory filings brought to the attention of the Company by
certain individuals. A hearing before the MPUC was held on February 28, 2006. As aresult of the hearing, the electric utility agreed that within

90 daysit would file arevised Regulatory Compliance Plan, an updated Corporate Cost Allocation Manual and documentation of the definitions of its
chart of accounts. The electric utility filed these documents with the MPUC in the second quarter of 2006. Subsequently, at aMPUC hearing on
January 25, 2007 all remaining open issues were resolved. On two of the issues resolved, the MPUC required the electric utility to include all of the
Company'’s short-term debt in its cal culations of allowance for funds used during construction (AFUDC) and the electric utility agreed to provide the
MPUC the results of an ongoing FERC operational audit when available. The Company recorded a noncash charge to Other Income and Deductions
of $3.3 million in 2006 related to the disallowance of a portion of capitalized AFUDC from the electric utility’ s rate base as aresult of including all of
the Company’s short-term debt, regardless of use, in the electric utility’s calculations of AFUDC. On December 12, 2007 the MPUC issued its order
closing the investigation subject to the Company’ s continuing responsibility to file the report on its FERC operational audit as soon as available and
subject to any further development of the record required in the electric utility’ s recent general rate case. FERC Order (IN08-6-000), resolving alleged
network transmission service violations by the electric utility of the Open Access Transmission and Energy Markets Tariff of the M1SO wasissued
on May 29, 2008 and filed with the MPUC on June 4, 2008.

North Dakota

General Rate Case— On November 3, 2008 the electric utility filed ageneral rate case in North Dakota requesting an overall revenue increase of
approximately $6.1 million, or 5.1%, and an interim rate increase, to begin on January 2, 2009, of approximately 4.1%, or $4.8 million annualized. A final
decision by the North Dakota Public Service Commission (NDPSC) on the electric utility’ srequest is expected by August 1, 2009. Interim rates will
remain in effect for all North Dakota customers until the NDPSC makes afinal determination on the electric utility’s request. If final rates are lower than
interim rates, the electric utility will refund North Dakota customers the difference with interest.

Renewable Resource Cost Recovery Rider—On May 21, 2008 the NDPSC approved the electric utility’ s request for a Renewable Resource Cost
Recovery Rider to enable the electric utility to recover the North Dakota share of itsinvestmentsin renewable energy facilitiesit ownsin North
Dakota. The Renewable Resource Cost Recovery Rider Adjustment of 0.193 cents per kwh was included on North Dakota customers' electric service
statements beginning in June 2008. Thefirst renewable energy project for which the electric utility will receive cost recovery isits 40.5 megawatt
ownership share of the Langdon Wind Energy Center, which became fully operational in January 2008. The electric utility may also recover through
thisrider costs associated with other new renewable energy projects as they are completed. The electric utility hasincluded investment costs and
expenses related to its 32 wind turbines at the Ashtabula Wind Energy Center that became commercially operational in November 2008 in its 2009
annual request to the NDPSC to increase the amount of the Renewabl e Resource Cost Recovery Rider Adjustment. A Renewable Resource Cost
Recovery Rider Adjustment rate of 0.51 cents per kwh was approved by the NDPSC on January 14, 2009 and went into effect beginning with billing
statements sent on February 1, 2009.

The electric utility had not been deferring recognition of its renewabl e resource costs eligible for recovery under the North Dakota Renewable
Resource Cost Recovery Rider but had been charging those costs to operating expense since January 2008. After approval of therider, the electric
utility accrued revenues related to itsinvestment in renewable energy and for renewable energy costsincurred since January 2008 that are eligible for
recovery through the North Dakota Renewable Resource Cost Recovery Rider. The Company’s December 31, 2008 consolidated bal ance sheet
includes aregulatory asset of $2.0 million for revenuesthat are eligible for recovery through the North Dakota Renewable Resource Cost Recovery
Rider but that had not been billed to North Dakota customers as of December 31, 2008.

North Dakota legislation also provides a mechanism for automatic adjustment outside of ageneral rate proceeding to recover jurisdictional capital and
operating costsincurred by a public utility for new or modified electric transmission facilities. However, the electric utility has requested recovery of
such costsinits general rate casefiled in November 2008.

Recovery of MISO Costs—In February 2005, the electric utility filed a petition with the NDPSC to seek recovery of certain M1SO-related costs
through the FCA. The NDPSC granted interim recovery through the FCA in April 2005, but similar to the decision of the MPUC, conditioned the relief
as being subject to refund until the merits of the case are determined. In August 2007, the NDPSC approved a settlement agreement between the
electric utility and an intervener representing several largeindustrial customersin North Dakota. Under the approved settlement agreement, the
electric utility refunded $493,000 of M1SO schedule 16 and 17 costs collected through the FCA from April 2005 through July 2007 to North Dakota
customers beginning in October 2007 and ending in January 2008. The electric utility deferred recognition of these costs plus $330,000 in MISO
schedule 16 and 17 costsincurred from August 2007 through December 2008 and requested recovery of these deferred costsinits general rate case
filed in North Dakotain November 2008. As of December 31, 2008 the electric utility had deferred $823,000 in MISO schedule 16 and 17 costsin North
Dakota, which it will amortize over 36 months beginning in January 2009 in conjunction with the implementation of interim ratesin North Dakota.
Requests for approval of base rate recovery for deferred and on-going M1SO schedule 16 and 17 costs are included in the pending general rate case.




South Dakota

General Rate Case— On October 31, 2008 the electric utility filed ageneral rate case in South Dakota requesting an overall revenue increase of
approximately $3.8 million, or 15.3%, which provides for recovery of renewable resource investments and expenses in base rates. South Dakotarules
do not provide for interim rate increases pending approval of final rates. A final decision by the SDPUC on the electric utility’srequest is expected in
mid-summer 2009.

Federal

Revenue Sufficiency Guarantee (RSG) Charges—On April 25, 2006 the FERC issued an order requiring M1SO to refund to customers, with interest,
amounts related to real-time RSG charges that were not all ocated to day-ahead virtual supply offersin accordance with MI1SO’s Open Access
Transmission and Energy Markets Tariff (TEMT) going back to the commencement of MISO Day 2 marketsin April 2005. On May 17, 2006 the FERC
issued a Notice of Extension of Time, permitting M1SO to delay compliance with the directives contained in its April 2006 order, including the
requirement to refund to customers the amounts due, with interest, from April 1, 2005 and the requirement to submit acompliance filing. The Notice
stated that the order on rehearing would provide the appropriate guidance regarding the timing of the compliance filing. On October 26, 2006 the FERC
issued an order on rehearing of the April 25, 2006 order, stating it would not require refunds related to real-time RSG charges that had not been
allocated to day-ahead virtual supply offersin accordance with MISO’'s TEMT going back to the commencement of the MISO Day 2 market in

April 2005. However, the FERC ordered prospective allocation of RSG chargesto virtual transactions consistent with the TEMT to prevent future
inequity and directed M1SO to propose a charge that assesses RSG costs to virtual supply offers based on the RSG costs that virtual supply offers
cause within 60 days of the October 26, 2006 order. On December 27, 2006 the FERC issued an order granting rehearing of the October 26, 2006 order.

On March 15, 2007 the FERC issued an order denying requests for rehearing of the RSG rehearing order dated October 26, 2006. In the March 15, 2007
order on rehearing, the FERC stated that its findingsin the April 25, 2006 RSG order that virtual offers should sharein the allocation of RSG costs, per
the terms of the currently effective tariff, served as notice to market participants that virtual offers, for those market participants withdrawing energy,
were liable for RSG charges. FERC clarified that the RSG rehearing order’ swaiver of refunds applies to the period before that order, from market start-
up in April 2005 until April 24, 2006. After that date, virtual supply offersare liable for RSG costs and therefore, to the extent virtual supply offerswere
not assessed RSG costs, refunds are due for the period starting April 25, 2006.

On November 5, 2007 the FERC issued two orders related to the RSG proceeding. In thefirst order, the FERC accepted the MISO’s April 17, 2007 RSG
compliancefiling to comply with the FERC’'s March 15, 2007 RSG order. The compliance reinserted language requiring the actual withdrawal of energy
by market participants, restored the MISO’s original TEMT language allocating RSG coststo virtual transactions, revised the effective date for
allocation to imports, provided an explanation of its effortsto reflect partial-hour revenue determinations in its software development, and revised
severa definitions. The second related RSG order issued by FERC on November 5, 2007 was its order on rehearing on its April 25, 2006 order in which
it rejected the MISO’s proposal to remove references to virtual supply from the TEMT provisionsrelated to cal culating RSG charges (FERC Docket
Nos. ER04-691-084 and ER04-691-086). In this order, the FERC denied the requests for rehearing of the RSG second rehearing order (the electric utility
was one of the parties that sought rehearing) and FERC denied all requests for rehearing of the RSG compliance order.

In the RSG compliance order, the FERC rejected the MISO' s proposal to allocate costs based on net virtual offers, i.e., virtual offers minusvirtual bids,
and clarified that the currently effective tariff, which allocates RSG coststo virtual supply offers, remainsin effect. In the RSG second rehearing order,
the FERC clarified that for those market participants withdrawing energy, to the extent virtual supply offers were not assessed RSG costs, refunds
were due for the period starting April 25, 2006.

The electric utility recorded a$1.7 million ($1.0 million net-of-tax) charge to earningsin thefirst quarter of 2007 based on an internal estimate of the net
impact of MISO reallocating RSG charges in response to the FERC order on rehearing. In May 2007, MI1SO informed affected market participants of the
impact of reallocating charges based on its interpretation of the FERC order on rehearing. Based on MISO’ s interpretation of the order on rehearing,
the electric utility estimated the reallocation of charges would not have a significant impact on earnings previously recognized by the electric utility.
Accordingly, the electric utility revised itsfirst quarter estimated charge of $1.7 million ($1.0 million net-of-tax) to zero in the second quarter of 2007.

On March 15, 2007 the FERC a so directed M1SO to make another compliance filing that the FERC addressed on November 7, 2008 (RSG Compliance
Order 111). In RSG Compliance Order 111, the FERC concluded that itsinterpretation in RSG |11 regarding the RSG rate denominator wasin error and that
adifferent interpretation applied. On November 10, 2008 the FERC issued an order on the paper hearing finding the current RSG rate unjust and
unreasonabl e and accepting an interim rate that applied RSG chargesto all virtual sales until such time as M1SO makes a subsequent filing of the new
RSG rate. In response to RSG Compliance Order I11, MISO made another compliance filing on December 8, 2008 in which it proposed to




re-resettle the RSG charges and cost allocations back to market start to correct its previous resettlement completed in January 2008 that was based on
the FERC' sinterpretation of the RSG rate and billing determinants affirmed in RSG 111. In addition to correcting the RSG rate denominator to limit it to
only virtual sales associated with actual physical energy withdrawals, M1SO proposed additional corrections designed to reduce the denominator.
Both changes will increase the RSG rate that the electric utility must pay. Also, on November 11, 2008 the FERC issued an order on rehearing of the
November 28, 2007 order on complaint. Again, where the revenue from RSG charges collected is not sufficient to make RSG payments to suppliers,
MISO recovers the shortage through an uplift charge from all load.

The electric utility requested rehearing of both November 10, 2008 orders (in conjunction with the FERC's RSG Compliance Order I11). If the FERC
denies rehearing, the electric utility will likely seek review at the District of Columbia Circuit (D.C. Circuit). The electric utility’s principal concernin
these proceedings was to ensure that the FERC did not impose refunds prior to the August 10, 2007 refund effective date. The FERC did not impose
such refunds but did offer an interpretation in support of its decision in RSG Compliance Order 111 (in ER04-691 docket) that would subject the electric
utility to further RSG refunds and resettlements prior to August 10, 2007.

Since 2006, the electric utility has been a party to litigation before the FERC regarding the application of RSG charges to market participants who
withdraw energy from the market or engage in financial-only, virtual sales of energy into the market or both. These litigated proceedings occurred in
several electric rate and complaint dockets before the FERC and several of the FERC's orders are on review before the United States Court of Appeals
for the D.C. Circuit. These proceedings create potential contingent liabilitiesin three separate periods for the electric utility: (1) April 1, 2005 through
April 24, 2006; (2) April 25, 2006 through August 9, 2007; and (3) August 10, 2007 forward. The electric utility identified and assessed potential
contingent RSG liabilities under various scenarios depending on the time period over which the FERC ultimately orders RSG refunds. The electric
utility accrued aliability in 2008 based on the outcome it determined to be most probable. The Company does not know when these litigation
proceedingswill conclude.

Transmission Practices Audit—The FERC' S Office of Enforcement, formerly referred to as the Division of Audits of the Office of Market Oversight
and Investigations, commenced an audit in 2005 of the electric utility’s transmission practices for the period January 1, 2003 through August 31, 2005.
The purpose of the audit was to determine whether the electric utility’s transmission practices were in compliance with the FERC' s applicable rules,
regulations and tariff requirements and whether the implementation of the electric utility’swaivers from the requirements of Order No. 889 and Order
No. 2004 appropriately restricted access to transmission information that would benefit the electric utility’s off-system sales. FERC staff identified two
of the electric utility’ s transmission practices that it believed were out of compliance. The electric utility believesits actions were in compliance with
the MISO tariff but rather than litigate, it entered into a Stipulated Settlement Agreement with FERC staff resolving all issues related to the audit. The
FERC approved the settlement agreement on May 29, 2008.

FERC Order (IN08-6-000) issued May 29, 2008 resolves alleged network transmission service violations by the electric utility of MISO'STEMT. The
electric utility agreed to pay $547,000 plusinterest of $141,000 to the Low Income Home Energy Assistance Program administered by the three states
served by the electric utility. This amount represents profits earned by the electric utility on transactions FERC staff believesincorrectly utilized
network transmission service under MISO's TEMT. Enforcement staff did not seek to impose a compliance monitoring plan on the electric utility
because the M1SO’s Day 2 market is now operational and its member utilities no longer schedul e transmission within the system.

Big Stone Il Project

On June 30, 2005 the electric utility and a coalition of six other electric providers entered into several agreements for the development of a second
electric generating unit, named Big Stone |1, at the site of the existing Big Stone Plant near Milbank, South Dakota. The three primary agreements are
the Participation Agreement, the Operation and Maintenance Agreement and the Joint Facilities Agreement. Central Minnesota Municipal Power
Agency, Great River Energy, Heartland Consumers Power District, Montana-Dakota Utilities Co., adivision of MDU Resources Group, Inc., Southern
Minnesota Municipal Power Agency and Western Minnesota Municipal Power Agency are partiesto all three agreements. In September 2007, Great
River Energy and Southern Minnesota Municipal Power Agency withdrew from the project. The five remaining project participants decided to
downsize the proposed plant’s nominal generating capacity from 630 megawatts to between 500 and 580 megawatts. New procedural schedules were
established in the various project-related proceedings, which take into consideration the optimal plant configuration decided on by the remaining
participants. NorthWestern Corporation, one of the co-owners of the existing Big Stone Plant, is an additional party to the Joint Facilities Agreement.




In the fourth quarter of 2005, the participating utilities filed applications with the MPUC for atransmission Certificate of Need and a Route Permit for
the Minnesota portion of the Big Stone Il transmission line. On January 15, 2009 the MPUC approved, by a vote of 5-0, amotion to grant the
Certificate of Need and Route Permit for the Minnesota portion of the Big Stone |1 transmission line. The motion involved numerous elements,
including the following:

. That there is reasonable assurance that Big Stone |1 would be more cost-effective than renewabl e energy beyond the statutory levels of
renewable energy based on accepted estimates of construction costs and carbon dioxide;

. That the 345 kV transmission project is necessary based on identified regional and state transmission needs; and
. That the project presents risks requiring additional measures to protect the applicants' ratepayers.

Therefore, the MPUC determined to grant the Certificate of Need subject to a number of additional conditions pending issuance of afinal order,
including but not limited to: (1) fulfilling various requirements relating to renewabl e energy goals, energy efficiency, community-based energy
development projects and emissions reduction; (2) that the generation plant be built as a“carbon capture retrofit ready” facility; (3) that the
applicants report to the MPUC on the feasibility of building the plant using ultra-supercritical technology; and (4) that the applicants achieve specific
limits on construction cost at $3000/kilowatt and carbon dioxide costs at $26/ton.

The Certificate of Need and Route Permit are required by state law and would allow the Big Stone |1 utilities to construct and upgrade 112 miles of
electric transmission lines in western Minnesota for delivery of power from the Big Stone site and from numerous other planned generation projects,
most of which are wind energy.

The electric utility’sintegrated resource plan (IRP) includes generation from Big Stone Il beginning in 2013 to accommodate |oad growth and to
replace expiring purchased power contracts and older coal-fired base-load generation units scheduled for retirement. On June 5, 2008 the MPUC
deferred approval of the electric utility’s 2006-2020 IRP, originally filed in 2005. The addition of 160 megawatts of wind generation in the IRP was
approved early in 2007 and, on January 15, 2009, the MPUC approved the electric utility’s 2006-2020 IRP in its entirety. As of the date of thisreport,
the MPUC had not issued awritten order reflecting its decision. This 2006-2020 | RP includes new renewable wind generation and significant demand-
side management including conservation, new basel oad including the proposed Big Stone Il power plant, natural gas-fired peaking plants and

whol esale energy purchases.

On August 27, 2008 the NDPSC determined that the electric utility’s participation in Big Stone || was prudent in arange of 121.8 to 130 megawatts.
The NDPSC decision has been appeal ed to Burleigh County District Court by intervenersin the matter. On November 20, 2008 the South Dakota
Board of Minerals and Environment unanimously approved the Big Stone |1 participating utilities’ application for a Prevention of Significant
Deterioration (PSD) permit for Big Stone Il and a proposed Title V Operating Permit for the Big Stone site. A PSD permit is a pre-construction permit
designed to protect air quality. Joint petitioners Sierra Club and Clean Water Action have appeal ed the administrative decision on the PSD permit to
the Circuit Court of Hughes County. The appeal is currently pending before the Court. The issuance of the Title VV permit is subject to review by the
U.S. Environmental Protection Agency (EPA). On January 22, 2009, the EPA filed aformal objection to the proposed Title V permit. The State of South
Dakota has revised and submitted a proposed permit in response to the EPA’s objection.

TheBig Stone Il federal Environmental Impact Statement (EIS) process led by the Western Area Power Administration (WAPA) continues to move
forward. WAPA and its third party subcontractor continue to develop the Final EI'S, which will include comments on the Draft EIS and the
Supplemental Draft EIS, and responses to those comments. WAPA will develop a Record of Decision (ROD) following internal review and approval of
the Final EIS. The electric utility anticipates publication of the ROD in the Federal Register in the second quarter of 2009. Financial close, which
requires the participants to provide binding financial commitments to support their share of costs, isto occur 90 days after the EIS ROD. No one can
predict the exact outcome of any of these proceedings.

The delaysin approval of the Big Stone Il transmission Certificate of Need in Minnesota and issuance of required permits may delay the availability of
Big Stone |l asageneration resource. Also, the electric utility has experienced more rapid |oad growth than was expected since originaly filing the IRP
in 2005. The electric utility is assessing ways in which to address this potential near-term generation shortfall and has requested authority from the
MPUC to immediately acquire up to 110 megawatts of peaking capacity. The MPUC committed to expediting a decision on this request.

Asof December 31, 2008 the electric utility has capitalized $11.6 million in costs related to the planned construction of Big Stonell. If the project is
abandoned for permitting or other reasons, a portion of these capitalized costs and othersincurred in future periods may be subject to expense and
may not be recoverable.




4. Regulatory Assetsand Liabilities
The following table indicates the amount of regulatory assets and liabilities recorded on the Company’s consolidated balance sheet:

December 31, December 31,
(in thousands) 2008 2007
Regulatory Assets:
Unrecognized Prior Service Costs and Actuarial Losses on Pension Benefits $64,490 $26,933
Accrued Cost-of-Energy Revenue 8,982 19,452
Deferred Income Taxes 7,094 8,733
Debt Reacquisition Premiums 3,357 3,745
Minnesota Renewable Resource Rider Accrued Revenues 3,045 —
North Dakota Renewable Resource Rider Accrued Revenues 2,009 —
Minnesota General Rate Case Recoverable Expenses 1,457 —
Accumulated ARO Accretion/Depreciation Adjustment 1,437 345
Deferred Marked-to-Market L osses 1,162 771
MISO Schedule 16 and 17 Deferred Administrative Costs — ND 823 576
MISO Schedule 16 and 17 Deferred Administrative Costs — MN 526 855
Deferred Conservation Improvement Program Costs 280 518
Plant Acquisition Costs 63 107
Total Regulatory Assets $94,725 $62,035
Regulatory Liabilities:
Accumulated Reserve for Estimated Removal Costs $58,768 $57,787
Deferred Income Taxes 4,943 4,502
Unrecognized Transition Obligation, Prior Service Costs and Actuarial Gains on Other Postretirement
Benefits 834 —
Deferred Marked-to-Market Gains — 271
Gain on Sale of Division Office Building 139 145
Total Regulatory Liabilities $64,684 $62,705
Net Regulatory Asset (Liability) Position $30,041 $ (670

The regulatory asset related to prior service costs and actuarial losses on pension benefits and the regulatory liability related to the unrecognized
transition obligation, prior service costs and actuarial gains on other postretirement benefits represents benefit costs and actuarial gains subject to
recovery or return through rates as they are expensed over the remaining service lives of active employeesincluded in the plans. These unrecognized
benefit costs and actuarial gainswere required to be recognized as components of Accumulated Other Comprehensive Incomein equity under SFAS
No. 158, Employer’s Accounting for Defined Benefit Pension and Other Postretirement Plans, but were determined to be eligible for treatment as
regul atory assets based on their probable recovery in future retail electric rates.

Accrued Cost-of-Energy Revenue included in Accrued Utility and Cost-of-Energy Revenues will be recovered over the next 20 months.

Theregulatory assets and liabilitiesrelated to Deferred Income Taxes result from changes in statutory tax rates accounted for in accordance with
SFAS No. 109, Accounting for Income Taxes.

Debt Reacquisition Premiums included in Unamortized Debt Expense are being recovered from electric utility customers over the remaining original
lives of the reacquired debt issues, the longest of which is23.7 years.

Minnesota Renewabl e Resource Rider Accrued Revenues relate to revenues earned on qualifying 2008 renewabl e resource costs incurred to serve
Minnesota customers since January 1, 2008 that have not been billed to Minnesota customers as of December 31, 2008. Minnesota Renewable
Resource Rider Accrued Revenues are expected to be recovered over 15 months, from January 2009 through March 2010.

North Dakota Renewable Resource Rider Accrued Revenues relate to revenues earned on qualifying 2008 renewabl e resource costs incurred to serve
North Dakota customers since January 1, 2008 that have not been billed to North Dakota customers as of December 31, 2008. North Dakota Renewable
Resource Rider Accrued Revenues are expected to be recovered over 13 months, from January 2009 through January 2010.

Minnesota General Rate Case Recoverable Expenses will be recovered over a 36-month period beginning in February 2009 when revised rates
established by the recent Minnesota general rate case go into effect.




The Accumul ated Reserve for Estimated Removal Costsis reduced for actual removal costsincurred.

All Deferred Marked-to-Market L osses recorded as of December 31, 2008 are related to forward purchases of energy scheduled for delivery prior to
March 2009.

MISO Schedule 16 and 17 Deferred Administrative Costs — ND will be recovered over the next 36 months.
MISO Schedule 16 and 17 Deferred Administrative Costs — MN will be recovered over the next 23 months.
Plant Acquisition Costswill be amortized over the next 17 months.

Deferred Conservation Program Costs represent mandated conservation expenditures and incentives recoverable through retail electric rates over the
next 18 months.

The remaining regulatory liabilitieswill be paid to electric customers over the next 30 years.

If for any reason, the Company’s regulated businesses cease to meet the criteriafor application of SFAS No. 71 for all or part of their operations, the
regul atory assets and liabilities that no longer meet such criteriawould be removed from the consolidated balance sheet and included in the
consolidated statement of income as an extraordinary expense or income item in the period in which the application of SFAS No. 71 ceases.

5. Forward Contracts Classified as Derivatives

Electricity Contracts

All of the electric utility’s whol esal e purchases and sales of energy under forward contracts that do not meet the definition of capacity contracts are
considered derivatives subject to mark-to-market accounting. The electric utility’s objective in entering into forward contracts for the purchase and
sale of energy isto optimize the use of its generating and transmission facilities and leverage its knowledge of wholesale energy marketsin the region
to maximize financial returnsfor the benefit of both its customers and shareholders. The electric utility’ sintent in entering into certain of these
contractsisto settle them through the physical delivery of energy when physically possible and economically feasible. The electric utility also enters
into certain contracts for trading purposes with the intent to profit from fluctuationsin market prices through the timing of purchases and sales.

Electric revenues include $27,236,000 in 2008, $25,640,000 in 2007 and $25,965,000 in 2006 related to wholesale el ectric sales and net unrealized
derivative gains on forward energy contracts and sales of financial transmission rights and daily settlements of virtual transactionsin the M1SO
market, broken down as follows for the years ended December 31

(in thousands) 2008 2007 2006
Wholesale Sales — Company—Owned Generation $ 23,708 $ 20,345 $ 23130
Revenue from Settled Contracts at Market Prices 520,280 389,643 385,978
Market Cost of Settled Contracts (518,866) (387,682 (383,594)
Net Margins on Settled Contracts at Market 1414 1,961 2,384
Marked-to-Market Gains on Settled Contracts 39,375 31,243 20,950
Marked-to-Market L osses on Settled Contracts (37,138) (28,541) (20,702)
Net Marked-to-Market Gain on Settled Contracts 2,237 2,702 248
Unrealized Marked-to-Market Gains on Open Contracts 405 5117 2,215
Unrealized Marked-to-Market L osses on Open Contracts (528) (4,485) (2,012
Net Unrealized Marked-to-Market (Loss) Gain on Open Contracts (123) 632 203

Wholesal e Electric Revenue $ 27,236 $ 25,640 $ 25,965




The following tables show the effect of marking to market forward contracts for the purchase and sale of energy on the Company’s consolidated
bal ance sheets:

December 31, December 31,
(in thousands) 2008 2007
Current Asset — Marked-to-Market Gain $ 405 $ 5,210
Regulatory Asset — Deferred Marked-to-Market L oss 1,162 771
Total Assets 1,567 5,981
Current Liability — Marked-to-Market L oss (1,690) (5,078)
Regulatory Liability — Deferred Marked-to-Market Gain — (271)
Total Liabilities (1,690) (5,349)
Net Fair Value of Marked-to-Market Energy Contracts $ (123 $ 632
Y ear ended
(in thousands) December 31, 2008
Fair Value at Beginning of Y ear $ 632
Amount Realized on Contracts Entered into in 2007 and Settled in 2008 (1,269)
Changesin Fair Value of Contracts Entered into in 2007 537
Net Fair Vaue of Contracts Entered into in 2007 at Y ear End 2008 —
Changesin Fair Value of Contracts Entered into in 2008 (123)
Net Fair Vaue at End of Year $ (123)

The $123,000 in recognized but unrealized net losses on the forward energy purchases and sales marked to market as of December 31, 2008 is expected
to be realized on settlement as scheduled in January and February of 20009.

Of the forward energy sales contracts that are marked to market as of December 31, 2008, 100% are offset by forward energy purchase contractsin
terms of volumes and delivery periods.
Natural Gas Contracts

In order to limit its exposure to fluctuationsin future prices of natural gas, |PH entered into contracts with its natural gas suppliersin August 2008 for
the firm purchase of natural gasto cover portions of its anticipated natural gas needsin Ririe, |daho and Center, Colorado from September 2008
through August 2009 at fixed prices. These contracts qualify for the normal purchase exception to mark-to-market accounting under SFAS 133, as
amended by SFAS 138.

Foreign Currency Exchange Forward Windows

The Canadian operations of |PH recordsits salesand carriesitsreceivablesin U.S. dollars but pays its expenses for goods and services consumed in
Canadain Canadian dollars. The payment of its billsin Canada requires the periodic exchange of U.S. currency for Canadian currency. In order to lock
in acceptabl e exchange rates and hedge its exposure to future fluctuationsin foreign currency exchange rates between the U.S. dollar and the
Canadian dollar, IPH’s Canadian subsidiary entered into forward contracts for the exchange of U.S. dollarsinto Canadian dollarsin 2008. Each
monthly contract was for the exchange of $400,000 U.S. dollarsfor the amount of Canadian dollars stated in each contract. The total anounts of
contracts settled in 2008 and outstanding on December 31, 2008 along with net exchange losses realized in 2008 and recognized as of December 31,
2008 are presented in the following table:

(in thousands) Settlement Periods usb CAD

Contracts entered into in March 2008 April 2008 — December 2008 $3,600 $3,695
Net Mark-to-Market L osses Realized on Settlement April 2008 — December 2008 (224)

Contracts entered into in July 2008 August 2008 — July 2009 $4,800 $5,003
Net Mark-to-Market L osses Realized on Settlement August 2008 — December 2008 (203)
Mark-to-Market L osses on Open Contracts at Y ear End 2008 January 2009 — July 2009 (401)

Contracts entered into in October 2008 January 2009 — October 2009 $4,000 $5,001
Mark-to-Market Gains on Open Contracts at Y ear End 2008 January 2009 — October 2009 112

Net Mark-to-Market L osses Realized on Settlement in 2008 $ (427)

Net Mark-to-Market L osses Recognized on Open Contracts at Y ear End 2008 (289)

Net Mark-to-Market L osses Recognized in 2008 $ (716)




These contracts are derivatives subject to mark-to-market accounting. |PH does not enter into these contracts for speculative purposes or with the
intent of early settlement, but for the purpose of locking in acceptable exchange rates and hedging its exposure to future fluctuations in exchange
rates with the intent of settling these contracts during their stated settlement periods and using the proceeds to pay its Canadian liabilities when they
come due. These contracts do not qualify for hedge accounting treatment because the timing of their settlements did not and will not coincide with
the payment of specific bills or existing contractual obligations. The foreign currency exchange forward contracts outstanding as of December 31,
2008 were valued and marked to market on December 31, 2008 based on quoted exchange values of similar contracts that could be purchased on
December 31, 2008.

The fair value measurements of the above foreign currency exchange forward windowsfall into level 1 of thefair value hierarchy set forthin SFAS
No. 157.
6. Common Sharesand Earnings Per Share

Following is areconciliation of the Company’s common shares outstanding from December 31, 2007 through December 31, 2008:

Common Shares Outstanding, December 31, 2007 29,849,789
| ssuances:
September 2008 Common Stock Offering 5,175,000
Stock Options Exercised 276,685
Executive Officer Stock Performance Awards 62,625
Restricted Stock |ssued to Nonemployee Directors 20,000
Restricted Stock Issued to Employees 19,371
Vesting of Restricted Stock Units 3,850
Retirements:
Shares Withheld for Individual Income Tax Requirements (22,700)
Common Shares Outstanding, December 31, 2008 35,384,620

In September 2008 the Company completed a public offering of 5,175,000 common shares under its universal shelf registration statement filed with the
Securities and Exchange Commission, including 675,000 common sharesissued pursuant to the full exercise of the underwriters' overallotment option.
The public offering price was $30 per share. Net proceeds from the sale of the common shares after deducting underwriting discounts and
commissions and offering expenses were $148.8 million. The net proceeds were used to finance the construction of Otter Tail Power Company’s 32
wind turbines and collector system at the Ashtabula Wind Center in Barnes County, North Dakota and the expansion of DMI’'swind tower
manufacturing facilitiesin Tulsa, Oklahomaand West Fargo, North Dakota.

Stock Incentive Plan

The 1999 Stock Incentive Plan, as amended (Incentive Plan), provides for the grant of stock options, stock appreciation rights, restricted stock,
restricted stock units, performance awards, and other stock and stock-based awards. A total of 3,600,000 common shares are authorized for granting
stock awards, of which 1,017,326 were still available as of December 31, 2008 under the Incentive Plan, which terminates on December 13, 2013.

Employee Stock Purchase Plan

The 1999 Employee Stock Purchase Plan (Purchase Plan) allows eligible employees to purchase the Company’s common shares at 85% of the market
price at the end of each six-month purchase period. The number of common shares authorized to be issued under the Purchase Plan is 900,000, of
which 330,565 were still available for purchase as of December 31, 2008. At the discretion of the Company, shares purchased under the Purchase Plan
can be either new issue shares or shares purchased in the open market. To provide shares for the Purchase Plan, 49,684 common shares were
purchased in the open market in 2008, 52,558 common shares were purchased in the open market in 2007 and 53,258 common shares were purchased in
the open market in 2006. The shares to be purchased by employees participating in the Purchase Plan are not considered dilutive for the purpose of
calculating diluted earnings per share during the investment period.

Dividend Reinvestment and Share Purchase Plan

On August 30, 1996 the Company filed a shelf registration statement with the Securities and Exchange Commission (SEC) for the issuance of up to
2,000,000 common shares pursuant to the Company’s Automatic Dividend Reinvestment and Share Purchase Plan (the Plan), which permits shares
purchased by shareholders or customers who participate in the Plan to be either new issue common shares or common shares purchased in the open
market. The Company’s shelf registration statement expired on December 1, 2008 and was replaced by an automatically effective shelf registration
statement filed by the Company on November 26, 2008 for the issuance of up to 1,000,000 common shares pursuant to the Plan. Since November 2004
the Company has purchased common sharesin the open market to provide shares for the Plan.




Earnings Per Share

Basic earnings per common share are calculated by dividing earnings available for common shares by the weighted average number of common
shares outstanding during the period. Diluted earnings per common share are cal culated by adjusting outstanding shares, assuming conversion of all
potentially dilutive stock options. Stock options with exercise prices greater than the market price are excluded from the cal culation of diluted earnings
per common share. Nonvested restricted shares granted to the Company’s directors and employees are considered dilutive for the purpose of
calculating diluted earnings per share but are considered contingently returnable and not outstanding for the purpose of calculating basic earnings
per share. Underlying shares related to nonvested restricted stock units granted to employees are considered dilutive for the purpose of calculating
diluted earnings per share. Shares expected to be awarded for stock performance awards granted to executive officers are considered dilutive for the
purpose of calculating diluted earnings per share.

Excluded from the calculation of diluted earnings per share are the following outstanding stock options which had exercise prices greater than the
average market price for the years ended December 31, 2008, 2007 and 2006:

Y ear Options Outstanding Range of Exercise Prices
2008 — NA

2007 — NA

2006 210,250 $29.74 — $31.34

7. Shar e-Based Payments
Purchase Plan

The Purchase Plan allows employees through payroll withholding to purchase shares of the Company’s common stock at a 15% discount from the
average market price on the last day of asix month investment period. Under SFAS No. 123 (revised 2004), Share-Based Payments (SFAS No. 123(R)),
the Company isrequired to record compensation expense rel ated to the 15% discount. The 15% discount resulted in compensation expense of
$275,000 in 2008, $257,000 in 2007 and $235,000 in 2006. The 15% discount is not taxable to the employee and is not a deductible expense for tax
purposes for the Company.

Stock Options Granted Under the Incentive Plan

Since the inception of the Incentive Plan in 1999, the Company has granted 2,041,500 options for the purchase of the Company’s common stock. All of
the options granted had vested or were forfeited as of December 31, 2007. The exercise price of the options granted was the average market price of
the Company’s common stock on the grant date. Under SFAS No. 123(R) accounting, compensation expense is recorded based on the estimated fair
value of the options on their grant date using a fair-value option pricing model. Under SFAS No. 123(R) accounting, the fair value of the options
granted has been recorded as compensation expense over the requisite service period (the vesting period of the options). The estimated fair value of
all options granted under the Incentive Plan has been based on the Black-Schol es option pricing model.

Under the modified prospective application of SFAS No. 123(R) accounting requirements, the difference between the intrinsic value of nonvested
options and the fair value of those options of $362,000 on January 1, 2006 was recognized on a straight-line basis as compensation expense over the
remaining 16 months of the options vesting period. Accordingly, the Company recorded compensation expense of $91,000 in 2007 and $271,000in
2006 related to options that were not vested as of January 1, 2006.

Presented below is a summary of the stock options activity:

Stock Option Activity 2008 2007 2006
Average Exercise Average Exercise Average Exercise
Options Price Options Price Options Price
Outstanding, Beginning of Y ear 787,137 $ 25.73 1,091,238 $ 25.74 1,237,164 $ 25.58
Granted — — — — — —
Exercised 276,685 25.23 298,601 25.73 107,458 22.88
Forfeited 2,750 27.11 5,500 28.85 38,468 28.60
Outstanding, End of Y ear 507,702 26.00 787,137 25.73 1,091,238 25.74
Exercisable, End of Year 507,702 26.00 787,137 25.73 1,049,713 25.69
Cash Received for Options Exercised $ 6,981,000 $ 7,682,000 $ 2,458,000

Fair Value of Options Granted During
Year none granted none granted none granted




The following table summarizes information about options outstanding as of December 31, 2008:

Options Outstanding and Exercisable

Outstanding and

Weighted-Average
Remaining

Range of Exercisable as of Contractual Life Weighted-Average
Exercise Prices 12/31/08 (yrs) Exercise price
$18.80-$21.94 87,242 11 $ 19.69
$21.95-$25.07 28,300 6.3 24.93
$25.08-$28.21 307,010 29 26.48
$28.22-$31.34 85,150 3.2 31.06

Restricted Stock Granted to Directors

Under the Incentive Plan, restricted shares of the Company’s common stock have been granted to members of the Company’s Board of Directorsasa
form of compensation. Under the application of SFAS No. 123(R) accounting requirements, compensation expense rel ated to restricted sharesis based
onthefair value of the restricted shares on their grant dates. On April 14, 2008 the Company’s Board of Directors granted 20,000 shares of restricted
stock to the Company’s nonemployee directors. The restricted shares vest 25% per year on April 8 of each year in the period 2009 through 2012 and
areeligible for full dividend and voting rights. The grant date fair value of each share of restricted stock was $35.345 per share, the average market
price on the date of grant.

Presented below isasummary of the status of directors' restricted stock awards for the years ended December 31:

Directors’ Restricted Stock Awards 2008 2007 2006
Weighted Average Weighted Average Weighted Average
Grant-Date Fair Grant-Date Fair Grant-Date Fair
Shares Value Shares Value Shares Value
Nonvested, Beginning of Y ear 34,100 $ 30.80 32,775 $ 21.27 27,000 $ 26.32
Granted 20,000 35.345 15,200 35.04 19,800 28.24
Vested 14,800 29.92 13,875 27.10 14,025 26.82

Forfeited — — —

Nonvested, End of Y ear 39,300 33.45 34,100 30.80 32,775 27.27
Compensation Expense Recognized $ 461,000 $ 454,000 $ 401,000
Fair Value of SharesVestedin Y ear 443,000 376,000 376,000

Restricted Stock Granted to Employees

Under the Incentive Plan, restricted shares of the Company’s common stock have been granted to employees as aform of compensation. Because of
income tax withholding provisionsin the restricted stock award agreements related to restricted stock granted to employees prior to 2006, the value of
these grantsis considered variable, which, under SFAS No. 123(R), requires the offsetting credit to compensation expense to be recorded as aliability.
Under the modified prospective application of SFAS No. 123(R) accounting requirements and accounting rules for variable awards, compensation
expense related to nonvested restricted shares granted to employees is recorded based on the estimated fair value of the restricted shares on their
grant dates and adjusted for the estimated fair value of any nonvested restricted shares on each subsequent reporting date. The reporting date fair
value of nonvested restricted shares granted prior to 2006 under this program is based on the average market value of the Company’s common stock
on the reporting date—$23.15 on December 31, 2008.

In 2006, under SFAS No. 123(R), the amount of compensation expense recorded related to nonvested restricted shares granted to employees was
based on the estimated fair value of the restricted stock grants. Under SFAS 123(R) accounting, a current liability account is credited when
compensation expense is recorded. Accumulated liabilities related to nonvested restricted shares issued to employees under this program prior to
2006 will be reversed and credited to the Premium on Common Shares equity account as the shares vest.

Thefair value of restricted shares issued under the revised restricted stock award agreementsis not considered aliability under SFAS No. 123(R), so
compensation expense related to awards granted is based on their grant-date fair value and recognized over the vesting period of the awards with the
offsetting credit charged directly to equity.

On April 14, 2008 the Company’s Board of Directors granted 17,600 shares of restricted stock to the Company’s executive officersand 1,771 shares of
restricted stock to akey employee under the Incentive Plan. The restricted shares vest 25% per year on April 8 of each year in the period 2009 through
2012 and are eligible for full dividend and voting rights. The grant date fair value of each share of restricted stock was $35.345 per share, the average
market price on the date of grant.




Presented below isasummary of the status of employees’ restricted stock awards for the years ended December 31:

Employees' Restricted Stock Awards 2008 2007 2006
Weighted Average Weighted Average Weighted Average
Shares Fair Value Shares Fair Value Shares Fair Value
Nonvested, Beginning of Y ear 24,058 $ 35.46 31,666 $ 31.47 72,974 $ 28.91
Granted 19,371 35.345 17,300 35.82 —
Variable/Liability Awards Vested 4,808 34.85 24,608 35.09 41,308 28.98
Nonvariable Awards Vested 4,475 35.80 300 35.30 —
Forfeited — — —
Nonvested, End of Y ear 34,146 34.72 24,058 35.46 31,666 31.47
Compensation Expense Recognized $ 434,000 $ 549,000 $ 815,000
Fair Value of Variable Awards
Vested/Liability Paid 168,000 863,000 1,197,000
Fair Vaue of Nonvariable Awards
Vested 160,000 11,000 —

Restricted Stock Units Granted to Employees

On April 14, 2008 the Company’s Board of Directors granted 26,050 restricted stock unitsto key employees under the Incentive Plan payablein
common shareson April 8, 2012, the date the units vest. The grant date fair value of each restricted stock unit was $30.81 per share. Also on April 14,
2008 the Company’s Board of Directors approved the award of 600 restricted stock unitsto be granted effective July 1, 2008 for another key employee
under the Incentive Plan payable in common shares on July 1, 2011, the date the units vest. The grant date fair value of these restricted stock units
was $35.55 per share. The weighted average contractual term of stock units outstanding as of December 31, 2008 is 2.6 years.

Presented below isasummary of the status of employees’ restricted stock unit awards for the years ended December 31.:

Employees' Restricted Stock Unit

Awards 2008 2007 2006
Weighted Average Weighted Average Weighted Average
Restricted Stock Grant-Date Fair  Restricted Stock Grant-Date Fair ~ Restricted Stock Grant-Date Fair
Units Vaue Units Vaue Units Value
Nonvested, Beginning of Y ear 55480 $ 26.66 38615 $ 24.65 — 3 —
Granted 26,650 30.92 23,450 30.07 47,425 25.41
Converted 3,850 25.93 4,850 26.95 7,450 29.55
Forfeited 4,695 28.07 1,735 27.03 1,360 24.36
Nonvested, End of Year 73,585 28.13 55,480 26.66 38,615 24.65
Compensation Expense Recognized $ 535,000 $ 383,000 $ 427,000
Fair Vaue of Units Convertedin Y ear 100,000 131,000 220,000

Stock Performance Awards granted to Executive Officers

The Compensation Committee of the Company’s Board of Directors has approved stock performance award agreements under the Incentive Plan for
the Company’s executive officers. Under these agreements, the officers could be awarded shares of the Company’s common stock based on the
Company’ stotal shareholder return relative to that of its peer group of companiesin the Edison Electric Institute (EEI) Index over athree-year period
beginning on January 1 of the year the awards are granted. The number of shares earned, if any, will be awarded and issued at the end of each three-
year performance measurement period. The participants have no voting or dividend rights under these award agreements until the shares areissued at
the end of the performance measurement period. Under SFAS No. 123(R) accounting requirements, the amount of compensation expense recorded
related to awards granted is based on the estimated grant-date fair value of the awards as determined under a Monte Carlo valuation method.

On April 14, 2008 the Company’s Board of Directors granted performance share awards to the Company’ s executive officers under the Incentive Plan
for the 2008-2010 performance measurement period.




The offsetting credit to amounts expensed related to the stock performance awardsisincluded in common shareholders’ equity. The table below
provides a summary of stock performance awards granted and amounts expensed related to the stock performance awards:

Maximum Shares Expense Recognized
Subject Shares Used in the Year Ended December 31,

Performance Period to Award to Estimate Expense Fair Vaue 2008 2007 2006 Shares Awarded
2008-2010 114,800 70,843 $37.59 $ 888,000 $ — $ —
2007-2009 109,000 67,263 $38.01 852,000 852,000 —
2006-2008 88,050 58,700 $25.95 508,000 508,000 508,000 29,350
2005-2007 75,150 50,872 $22.10 — 375,000 375,000 62,625
2004-2006 70,500 23,500 $23.90 — — 187,000 23,500

Tota $2,248,000 $1,735,000 $1,070,000 115,475

As of December 31, 2008 the total remaining unrecognized amount of compensation expense related to stock-based compensation for all stock-based
payment programs was approximately $5.8 million (before income taxes), which will be amortized over aweighted-average period of 2.2 years.
8. Retained Earnings Restriction

The Company’s Articles of Incorporation, as amended, contain provisions that limit the amount of dividends that may be paid to common
shareholders by the amount of any declared but unpaid dividends to holders of the Company’s cumul ative preferred shares. Under these provisions
none of the Company’ s retained earnings were restricted at December 31, 2008.

9. Commitmentsand Contingencies

Electric Utility Construction Contracts, Capacity and Energy Reguirements and Coal and Delivery Contracts

At December 31, 2008 the electric utility had commitments under contracts in connection with construction programs aggregating approximately
$30,210,000. For capacity and energy requirements, the electric utility has agreements extending through 2032 at annual costs of approximately
$23,846,000 in 2009, $11,552,000 in 2010, $5,565,000 in 2011, $5,565,000 in 2012 and $5,556,000 in 2013, and $87,729,000 for the years beyond 2013.

The electric utility has contracts providing for the purchase and delivery of asignificant portion of its current coal requirements. These contracts
expirein 2010 and 2016. In total, the electric utility is committed to the minimum purchase of approximately $153,988,000 or to make paymentsin lieu
thereof, under these contracts. The FCA mechanism lessens the risk of loss from market price changes because it provides for recovery of most fuel
costs.

IPH Potato Supply and Fuel Purchase Commitments

IPH has commitments of approximately $9,810,000 for the purchase of a portion of its 2009 raw potato supply requirements and $1,885,000 for the firm
purchase of natural gas and fuel oil to cover portions of its anticipated fuel needsin Ririe, Idaho, Center, Colorado and Souris, Prince Edward |sland,
Canadathrough August 2009.

Operating L ease Commitments
The amounts of future operating |ease payments are as follows:

(in thousands) Electric Nonelectric Total

2009 $ 2,826 $ 43,398 $ 46,224
2010 2,469 33,183 35,652
2011 1,712 19,617 21,329
2012 1,216 9,844 11,060
2013 1,216 4,728 5,944
Later years 2,836 7,003 9,839
Total $12,275 $117,773 $130,048

The electric future operating |ease payments are primarily related to coal rail-car leases. The nonelectric future operating |ease payments are primarily
related to medical imaging equipment. Rent expense from continuing operations was $50,761,000, $47,904,000 and $44,254,000 for 2008, 2007 and 2006,
respectively.




Dealer Floor Plan Financing

Under ShoreMaster’s floor plan financing agreement with GE Commercial Distribution Finance Corporation (CDF), ShoreMaster isrequired to
repurchase new and unused inventory repossessed from ShoreMaster’s dealers by CDF to satisfy dealer obligationsto CDF. ShoreMaster has agreed
to unconditionally guarantee to CDF all current and future liabilities which any dealer owesto CDF under this agreement. Any amounts due under
this guaranty will be payable despite impairment or unenforceability of CDF's security interest with respect to inventory that may prevent CDF from
repossessing the inventory. The aggregate total of amounts owed by dealersto CDF under this agreement was $5.0 million on December 31, 2008.
ShoreMaster hasincurred no losses under this agreement. The Company believes current available cash and cash generated from operations provide
sufficient funding in the event there is arequirement to perform under this agreement. CDF has notified ShoreMaster it is exercising its right under
this agreement to terminate the agreement effective February 28, 2009. The termination of the agreement will have no affect on ShoreMaster's
obligations to CDF for any products financed, advances made or approvals granted by CDF under the agreement prior to the effective termination
date. Additionally, ShoreMaster isliable for any expensesincurred by CDF before or after the effective termination date in connection with the
collection of any amounts or other charges as set forth in the agreement.

Sierra Club Complaint

On June 10, 2008 the Sierra Club filed acomplaint in the U.S. District Court for the District of South Dakota (Northern Division) against the Company
and two other co-owners of Big Stone Generating Station (Big Stone). The complaint alleges certain violations of the Prevention of Significant
Deterioration and New Source Performance Standards (NSPS) provisions of the Clean Air Act and certain violations of the South Dakota State
Implementation Plan (South Dakota SIP). The action further alleges the defendants modified and operated Big Stone without obtaining the appropriate
permits, without meeting certain emissions limits and NSPS requirements and without installing appropriate emission control technology, all alegedly
in violation of the Clean Air Act and the South Dakota SIP. The Sierra Club alleges the defendants’ actions have contributed to air pollution and
visibility impairment and have increased the risk of adverse health effects and environmental damage. The Sierra Club seeks both declaratory and
injunctive relief to bring the defendants into compliance with the Clean Air Act and the South Dakota SIP and to require the defendants to remedy the
aleged violations. The Sierra Club also seeks unspecified civil penalties, including a beneficial mitigation project. The Company believes these claims
are without merit and that Big Stone has been and is being operated in compliance with the Clean Air Act and the South Dakota SIP. The ultimate
outcome of these matters cannot be determined at thistime.

Federal Power Act Complaint

On August 29, 2008 Renewable Energy System Americas, Inc. (RES), adeveloper of wind generation and PEAK Wind Development, LLC (PEAK
Wind), agroup of landownersin Barnes County, North Dakota, filed a complaint with the FERC alleging that the electric utility and Minnkota Power
Cooperative, Inc. (Minnkota) had acted together in violation of the Federal Power Act (FPA) to deny RES/PEAK Wind accessto the Pillsbury Line, an
interconnection facility which Minnkota owns to interconnect generation projects being devel oped by the electric utility and NextEra Energy
Resources, Inc.(fkaFPL Energy, Inc.) (NextEra). RES/PEAK Wind asked that (1) the FERC order Minnkota to interconnect its Glacier Ridge project to
the Pillsbury Line, or in the dternative, (2) the FERC direct MISO to interconnect the Glacier Ridge project to the Pillsbury Line. RES and Peak Wind
also requested that the electric utility, Minnkota and NextEra pay any costs associated with interconnecting the Glacier Ridge Project to the M1SO
transmission system which would result from the interconnection of the Pillsbury Line to the Minnkota transmission system, and that the FERC
assess civil penalties against the electric utility. The electric utility answered the Complaint on September 29, 2008, denying the allegations of RES and
PEAK Wind and requesting that the FERC dismiss the Complaint. On October 14, 2008, RES and PEAK Wind filed an Answer to the electric utility’s
Answer and, restated the allegationsincluded in the initial Complaint. RES and PEAK Wind also added areguest that the FERC rescind both the
electric utility’ swaiver from the FERC Standards of Conduct and its market-based rate authority. On October 28, 2008, the electric utility filed a Reply,
denying the allegations made by RES and PEAK Wind in its Answer. By Order issued on December 19, 2008, the FERC set the Complaint for hearing
and established settlement procedures. The parties are engaged in settlement discussions. The Company believes the claimsthat the electric utility
has violated the FPA are without merit. The ultimate outcome of this matter cannot be determined at thistime.

Product Recall

Aviva Sports, Inc. (Aviva), asubsidiary of ShoreMaster, markets avariety of consumer products to catalog companies and internet based retailers.
Some of these products are regulated by the U.S. Consumer Product Safety Commission (CPSC). On February 3, 2009 Avivareceived areport of
consumer contacts from a catal og customer related to one of Aviva strampoline products. Aviva has not received any personal injury claims or
lawsuits related to this product. Aviva submitted notification of the complaints to the CPSC and voluntarily agreed to undertake arecall of
approximately 12,000 of the trampoline products. The Company does not expect the costs of thisrecall to have a material effect on its consolidated
financial position or results of operations.

The Company isaparty to litigation arising in the normal course of business. The Company regularly analyzes current information and, as necessary,
provides accrualsfor liabilities that are probable of occurring and that can be reasonably estimated. The Company believes the effect on its
consolidated results of operations, financial position and cash flows, if any, for the disposition of all matters pending as of December 31, 2008 will not
be material.




10. Short-Term and Long-Term Borrowings
Short-Term Debt
The following table presents the status of the Company’s lines of credit as of December 31, 2008:

Restricted due to

In Use on Outstanding Letters Available on
(in thousands) Line Limit December 31, 2008 of Credit December 31, 2008
Varistar Credit Agreement $200,000 $107,849 $14,445 $ 77,706
Electric Utility Credit Agreement 170,000 27,065 — 142,935
Tota $370,000 $134,914 $14,445 $220,641

The weighted average interest rates on consolidated short-term debt outstanding on December 31, 2008 and 2007 were 2.8%. and 6.3%, respectively.
The weighted average interest rate paid on consolidated short-term debt was 4.1% in 2008 and 6.0% in 2007.

On December 23, 2008 the Company’ s wholly owned subsidiary, Varistar Corporation (Varistar), entered into a $200 million Amended and Restated
Credit Agreement (the Varistar Credit Agreement) with the Banks named therein, U.S. Bank National Association, anational banking association, as
agent for the Banks and as L ead Arranger, and Bank of America, N.A., Keybank National Association, and Wells Fargo Bank, National Association,
as Co-Documentation Agents. The Varistar Credit Agreement amends and restates the $200 million Credit Agreement, dated as of October 2, 2007 (the
Original Credit Agreement), among the partiesto the Varistar Credit Agreement, and is an unsecured revolving credit facility that Varistar can draw on
to support its operations. The Original Credit Agreement was amended to provide that, in the event the Company elects to form a holding company,
the Varistar Credit Agreement will become an obligation of the new holding company on the terms and subject to the conditions specified in the
Varistar Credit Agreement, which include changes to the interest rate and financial covenants. The line of credit may be increased to $300 million on
the terms and subject to the conditions described in the Varistar Credit Agreement and will expire on October 2, 2010. On effectiveness of the
amendment, borrowings under the line of credit bear interest at LIBOR plus 2.0%, subject to adjustment based on Varistar’'s adjusted cash flow
leverageratio (as defined in the Varistar Credit Agreement). In the event the Company elects to form a holding company on the terms and subject to
the conditions specified in the Varistar Credit Agreement (the Permitted Reorganization), the interest rate for |oans after the effectiveness of the
Permitted Reorganization will be based on the senior unsecured credit ratings of the new holding company.

The Varistar Credit Agreement contains a number of restrictions on the businesses of Varistar and its material subsidiaries, including restrictions on
their ability to merge, sell assets, make certain investments, create or incur liens on assets, guarantee the obligations of any other party, and engagein
transactions with related parties. The Varistar Credit Agreement also contains affirmative covenants and events of default. The Varistar Credit
Agreement does not include provisions for the termination of the agreement or the accel eration of repayment of amounts outstanding due to changes
in the Company’s credit ratings. Varistar's obligations under the Varistar Credit Agreement are guaranteed by each of its material subsidiaries.

On July 30, 2008 Otter Tail Corporation, dba Otter Tail Power Company replaced its credit agreement with U.S. Bank National Association, which
provided for a$75 million line of credit, with a new credit agreement providing for a$170 million line of credit with an accordion feature whereby the
line can be increased to $250 million as described in the new credit agreement. The new credit agreement (the Electric Utility Credit Agreement) is
between Otter Tail Corporation, dba Otter Tail Power Company and JPMorgan Chase Bank, N.A., Wells Fargo Bank, National Association and Merrill
Lynch Bank USA, as Banks, U.S Bank National Association, asaBank and as agent for the Banks, and Bank of America, N.A., asaBank and as
Syndication Agent. The Electric Utility Credit Agreement is an unsecured revolving credit facility that the electric utility can draw on to support the
working capital needs and other capital requirements of its operations. Borrowings under thisline of credit bear interest at LIBOR plus 0.5%, subject
to adjustment based on the ratings of the Company’s senior unsecured debt. The Electric Utility Credit Agreement contains a number of restrictions
on the business of the electric utility, including restrictions on its ability to merge, sell assets, incur indebtedness, create or incur liens on assets,
guarantee the obligations of any other party, and engage in transactions with related parties. The Electric Utility Credit Agreement also contains
affirmative covenants and events of default. The Electric Utility Credit Agreement is subject to renewal on July 30, 2011.

Long-Term Debt

At closings completed in August 2007 and October 2007, the Company issued $155 million aggregate principal amount of its senior unsecured notes,
in aprivate placement transaction, to the purchasers named in a note purchase agreement (the 2007




Note Purchase Agreement) dated August 20, 2007. These notes were issued in four series: $33 million aggregate principa amount of 5.95% Senior
Unsecured Notes, Series A, due 2017 (the Series A Notes); $30 million aggregate principal amount of 6.15% Senior Unsecured Notes, Series B, due
2022 (the Series B Notes); $42 million aggregate principal amount of 6.37% Senior Unsecured Notes, Series C, due 2027 (the Series C Notes); and

$50 million aggregate principal amount of 6.47% Senior Unsecured Notes, Series D, due 2037 (the Series D Notes). On August 20, 2007, $12 million
aggregate principal amount of the Series C Notes and $13 million aggregate principal amount of the Series D Notes were issued and sold pursuant to
the 2007 Note Purchase Agreement. The remaining $30 million aggregate principa amount of the Series C Notes and $37 million aggregate principal
amount of the Series D Notes, aswell as the Series A Notes and the Series B Notes, were issued and sold by the Company at a second closing on
October 1, 2007. The net proceeds from the second closing were used to retire $40 million aggregate principal amount of the Company’s5.625% Series
of Insured Senior Notes due October 1, 2017 and $25 million aggregate principa amount of the Company’s 6.80% Series of Senior Notes due

October 1, 2032 on October 15, 2007, to pay down lines of credit and to fund capital expenditures.

In February 2007 the Company entered into a note purchase agreement (the Cascade Note Purchase Agreement) with Cascade Investment L.L.C.
(Cascade) pursuant to which the Company agreed to issue to Cascade, in a private placement transaction, $50 million aggregate principal amount of
the Company’s senior notes due November 30, 2017 (the Cascade Note). On December 14, 2007 the Company issued the Cascade Note. The Cascade
Note bearsinterest at arate of 5.778% per annum. The terms of the Cascade Note Purchase Agreement are substantially similar to the terms of the
note purchase agreement entered into in connection with the issuance of the Company’s $90 million 6.63% senior notes due December 1, 2011 (the
2001 Note Purchase Agreement). The proceeds of this financing were used to redeem the Company’ s $50 million 6.375% Senior Debentures due
December 1, 2007. Cascade owned approximately 9.6% of the Company’ s outstanding common stock as of December 31, 2008.

Each of the Cascade Note Purchase Agreement, the 2007 Note Purchase Agreement, and the 2001 Note Purchase Agreement states the Company may
prepay all or any part of the notesissued thereunder (in an amount not |less than 10% of the aggregate principal amount of the notes then outstanding
in the case of apartial prepayment) at 100% of the principal amount prepaid, together with accrued interest and a make-whole amount. Each of the
Cascade Note Purchase Agreement and the 2001 Note Purchase Agreement states in the event of atransfer of utility assets put event, the

notehol ders thereunder have the right to require the Company to repurchase the notes held by them in full, together with accrued interest and a make-
whole amount, on the terms and conditions specified in the respective note purchase agreements. The 2007 Note Purchase Agreement states the
Company must offer to prepay all of the outstanding notes issued thereunder at 100% of the principal amount together with unpaid accrued interest in
the event of achange of control of the Company.

The 2001 Note Purchase Agreement, the 2007 Note Purchase Agreement and the Cascade Note Purchase Agreement contain anumber of restrictions
on the businesses of the Company and its subsidiaries. In each case these include restrictions on the ability of the Company and certain of its
subsidiaries to merge, sell assets, create or incur liens on assets, guarantee the obligations of any other party, and engage in transactions with related
parties. The Company’s obligations under the 2001 Note Purchase Agreement and the Cascade Note Purchase Agreement are guaranteed by certain
of itssubsidiaries.

The aggregate amounts of maturities on bonds outstanding and other long-term obligations at December 31, 2008 for each of the next five yearsare
$3,763,000 for 2009, $3,417,000 for 2010, $90,561,000 for 2011, $10,478,000 for 2012 and $68,000 for 2013.

Financial Covenants

The Electric Utility Credit Agreement, the 2001 Note Purchase Agreement, the Cascade Note Purchase Agreement, the 2007 Note Purchase
Agreement, the Lombard US Equipment Finance note and the financial guaranty insurance policy with Ambac Assurance Corporation relating to the
Company’s pollution control refunding bonds contain covenants by the Company to not permit its debt-to-total capitalization ratio to exceed 60% or
permit itsinterest and dividend coverageratio (or in the case of the Cascade Note Purchase Agreement, itsinterest coverage ratio) to be lessthan 1.5
to 1. On effectiveness of the Permitted Reorganization, the Varistar Credit Agreement will contain similar covenants applicable to the new holding
company. The note purchase agreements further restrict the Company from allowing its priority debt to exceed 20% of total capitalization. The Varistar
Credit Agreement also contains certain financial covenants that will apply to Varistar until the effectiveness of the Permitted Reorgani zation.
Specifically, Varistar must maintain afixed charge coverage ratio (as defined in the Varistar Credit Agreement) of not less than 1.20 to 1.00 for each
period of four consecutive fiscal quartersthrough March 31, 2009, and not less than 1.25 to 1.00 for each period of four consecutive fiscal quarters
ending June 30, 2009 and thereafter. In addition, Varistar must not permit its cash flow leverage ratio (as defined in the Varistar Credit Agreement) to
exceed 3.25 to 1.00 for each period of four consecutive fiscal quarters through March 31, 2009, or to exceed 3.00 to 1.00 for each period of four
consecutive fiscal quarters ending June 30, 2009 and thereafter. The Company’s Credit and Note Purchase Agreements do not contain any provisions
that would trigger an accel eration of the Company’s debt caused by credit rating levels assigned to the Company by rating agencies. The Company
and Varistar each were in compliance with al of the financial covenants under their respective financing agreements as of December 31, 2008.




11. Class B Stock Optionsof Subsidiary

In connection with the acquisition of IPH in August 2004, |PH management and certain other employees el ected to retain stock options for the
purchase of IPH Class B common shares valued at $1.8 million. The options are exercisable at any time and the option holder must deliver cash to
exercise the option. Once the options are exercised for Class B shares, the Class B shareholder cannot put the shares back to the Company for

181 days. At that time, the Class B common shares are redeemable at any time during the employment of the individual holder, subject to certain limits
on the total number of Class B common shares redeemable on an annual basis. The Class B common shares are nonvoting, except in the event of a
merger, and do not participatein dividends but have liquidation rights at par with the Class A common shares owned by the Company. The value of
the Class B common shares issued on exercise of the options represents an interest in | PH that changes as defined in the agreement. In 2008, 21
options were forfeited as aresult of avoluntary termination. As of December 31, 2008 there were 912 options outstanding with a combined exercise
price of $683,000, of which 732 options were “in-the-money” with a combined exercise price of $307,000.

12. Pension Plan and Other Postretirement Benefits

The following footnote reflects the adoption of SFAS No. 158, Accounting for Defined Benefit Pension and Other Postretirement Plans, in
December 2006. The Company determined that the bal ance of unrecognized net actuarial losses, prior service costs and the SFAS No. 106 transition
obligation related to regulated utility activities would be subject to recovery through rates as those balances are amortized to expense and the related
benefits are earned. Therefore, the Company charged those unrecognized amounts to regul atory asset accounts under SFAS No. 71, Accounting for
the Effects of Certain Types of Regulation, rather than to Accumulated Other Comprehensive Losses in equity as prescribed by SFAS No. 158.

Pension Plan

The Company’s noncontributory funded pension plan covers substantially all electric utility and corporate employees hired prior to January 1, 2006.
The plan provides 100% vesting after five vesting years of service and for retirement compensation at age 65, with reduced compensation in cases of
retirement prior to age 62. The Company reserves the right to discontinue the plan but no change or discontinuance may affect the pensions
theretofore vested.

The pension plan has atrustee who is responsible for pension payments to retirees. Five investment managers are responsible for managing the
plan’s assets. An independent actuary assists the Company in performing the necessary actuarial valuations for the plan.

The plan assets consist of common stock and bonds of public companies, U.S. government securities, cash and cash equivalents. None of the plan
assets are invested in common stock, preferred stock or debt securities of the Company.

Components of net periodic pension benefit cost:

(in thousands) 2008 2007 2006
Service Cost—Benefit Earned During the Period $ 4,630 $ 4,837 $ 5,057
Interest Cost on Projected Benefit Obligation 11,325 10,790 10,435
Expected Return on Assets (13,968) (12,948) (12,288)
Amortization of Prior-Service Cost 742 742 742
Amortization of Net Actuarial Loss 169 1,001 1,844
Net Periodic Pension Cost $ 2,898 $ 4512 $ 5,790

Weighted-average assumptions used to determine net periodic pension cost for the year ended December 31.:

2008 2007 2006
Discount Rate 6.25% 6.00% 5.75%
Long-Term Rate of Return on Plan Assets 8.50% 8.50% 8.50%

Rate of Increase in Future Compensation Level 3.75% 3.75% 3.75%




The following table presents amounts recognized in the consolidated bal ance sheets as of December 31:

(in thousands) 2008 2007
Regulatory Assets:
Unrecognized Prior Service Cost $ 3,303 $ 4,018
Unrecognized Actuarial Loss 56,652 17,115
Total Regulatory Assets 59,955 21,133
Accumulated Other Comprehensive Loss:
Unrecognized Prior Service Cost (55) (72)
Unrecognized Actuarial L oss (943) (307)
Total Accumulated Other Comprehensive L oss (998) (379)
Deferred Income Taxes (666) (252)
Prepaid Pension Cost 6,595 7,493
Net Amount Recognized — Noncurrent Liability $(55,024) $(14,271)

Funded status as of December 31:

(in thousands) 2008 2007
Accumulated Benefit Obligation $(153,676) $(154,373)
Projected Benefit Obligation $(182,559) $(185,206)
Fair Value of Plan Assets 127,535 170,935
Funded Status $ (55,024) $ (14,271)

The following tables provide areconciliation of the changesin the fair value of plan assets and the plan’s benefit obligations and prepaid pension
cost over the two-year period ended December 31, 2008:

(in thousands) 2008 2007
Reconciliation of Fair Value of Plan Assets:
Fair Value of Plan Assets at January 1 $170,935 $167,508
Actual Return on Plan Assets (36,523) 8,013
Discretionary Company Contributions 2,000 4,000
Benefit Payments (8,877) (8,586)
Fair Value of Plan Assets at December 31 $127,535 $170,935
Estimated Asset Return -21.94% 4.85%
Reconciliation of Projected Benefit Obligation:
Projected Benefit Obligation at January 1 $185,206 $186,760
Service Cost 4,630 4,837
Interest Cost 11,325 10,790
Benefit Payments (8,877) (8,586)
Actuaria Gain (9,725) (8,595)
Projected Benefit Obligation at December 31 $182,559 $185,206
Reconciliation of Prepaid Pension Cost:
Prepaid Pension Cost at January 1 $ 7,493 $ 8,005
Net Periodic Pension Cost (2,898) (4,512)
Discretionary Company Contributions 2,000 4,000
Prepaid Pension Cost at December 31 $ 6,595 $ 7,493

Weighted-average assumptions used to determine benefit obligations at December 31:

2008 2007
Discount Rate 6.70% 6.25%
Rate of Increase in Future Compensation Level 3.75% 3.75%

To develop the expected long-term rate of return on assets assumption, the Company considered the historical returns and the future expectations for
returnsfor each asset class, as well asthe target asset allocation of the pension portfolio.

Market-related value of plan assets—The Company’s expected return on plan assets is determined based on the expected long-term rate of return on
plan assets and the market-related value of plan assets.




The Company bases actuarial determination of pension plan expense or income on a market-rel ated valuation of assets, which reduces year-to-year
volatility. This market-related valuation cal culation recognizes investment gains or losses over afive-year period from the year in which they occur.
Investment gains or losses for this purpose are the difference between the expected return calculated using the market-related val ue of assets and the
actual return based on the fair value of assets. Since the market-related val uation cal culation recognizes gains or losses over afive-year period, the
future value of the market-related assets will be impacted as previously deferred gains or losses are recogni zed.

The assumed rate of return on pension fund assets for the determination of 2009 net periodic pension cost is 8.50%.

Measurement Dates: 2008 2007
Net Periodic Pension Cost January 1, 2008 January 1, 2007
End of Y ear Benefit Obligations January 1, 2008 January 1, 2007
projected to projected to
December 31, 2008 December 31, 2007
Market Value of Assets December 31, 2008 December 31, 2007

The estimated amounts of unrecognized net actuarial losses and prior service costs to be amortized from regulatory assets and accumulated other
comprehensive lossinto the net periodic pension cost in 2009 are:

(in thousands) 2009
Decrease in Regulatory Assets:
Amortization of Unrecognized Prior Service Cost $704
Amortization of Unrecognized Actuarial Loss 21
Decrease in Accumulated Other Comprehensive Loss:
Amortization of Unrecognized Prior Service Cost 20
Amortization of Unrecognized Actuaria Loss 1
Total Estimated Amortization $746

Cash flows—The Company is not required to make a contribution to the pension plan in 2009.

The following benefit payments, which reflect expected future service, as appropriate, are expected to be paid out from plan assets:

Years

(in thousands) 2009 2010 2011 2012 2013 2014-2018

$9,123 $9,286 $9,390 $9,766 $10,139 $59,081
The Company’s pension plan asset allocations at December 31, 2008 and 2007, by asset category are as follows:
Asset Allocation 2008 2007
Large Capitalization Equity Securities 39.6% 47.1%
Small Capitalization Equity Securities 9.2% 10.7%
International Equity Securities 8.3% 10.4%
Total Equity Securities 57.1% 68.2%
Cash and Fixed-Income Securities 42.9% 31.8%

100.0% 100.0%

The following objectives guide the investment strategy of the Company’s pension plan (the Plan):
. The Plan is managed to operate in perpetuity.
. The Plan will meet the pension benefit obligation payments of the Company.

. The Plan’s assets should be invested with the objective of meeting current and future payment requirements while minimizing annual
contributions and their volatility.

. The asset strategy reflects the desire to meet current and future benefit payments while considering a prudent level of risk and
diversification.
The asset allocation strategy devel oped by the Company’s Retirement Plans Administrative Committee is based on the current needs of the Plan, the
investment objectives listed above, the investment preferences and risk tolerance of the committee and a desired degree of diversification.




The asset allocation strategy contains guideline percentages, at market value, of the total Plan invested in various asset classes. The strategic target
allocation and the tactical range shown in the table that followsisaguide that will at times not be reflected in actual asset allocations that may be
dictated by prevailing market conditions, independent actions of the Retirement Plans Administrative Committee and/or investment managers, and
required cash flows to and from the Plan. The tactical range provides flexibility for the investment managers’ portfoliosto vary around the target

allocation without the need for immediate rebalancing.

The Company’s Retirement Plans Administrative Committee monitors actual asset all ocations and directs contributions and withdrawal s toward

maintaining current targeted allocation percentages listed in the table bel ow.

Asset Allocation Strategic Target Tactical Range
Large capitalization equity securities 48% 40%-55%
Small capitalization equity securities 12% 9%-15%
International equity securities 10% 5%-15%
Total equity securities 70% 60%-80%
Fixed-income securities 30% 20%-40%

Executive Survivor and Supplemental Retirement Plan (ESSRP)

The ESSRP is an unfunded, nonqualified benefit plan for executive officers and certain key management employees. The ESSRP provides defined
benefit payments to these employees on their retirements for life or to their beneficiaries on their deaths for a 15-year postretirement period. Life
insurance carried on certain plan participantsis payable to the Company on the employee's death. There are no plan assetsin this nonqualified

benefit plan due to the nature of the plan.

Components of net periodic pension benefit cost:

(in thousands) 2008 2007 2006
Service Cost—Benefit Earned During the Period $ 691 $ 626 $ 426
Interest Cost on Projected Benefit Obligation 1,535 1,451 1,303
Amortization of Prior-Service Cost 66 67 71
Amortization of Net Actuarial Loss 480 540 473
Net Periodic Pension Cost $2,772 $2,684 $2,273
Weighted-average assumptions used to determine net periodic pension cost for the year ended December 31.:
2008 2007 2006
Discount Rate 6.25% 6.00% 5.75%
Rate of Increase in Future Compensation Level 4.70% 4.71% 4.69%
The following table presents amounts recognized in the consolidated balance sheets as of December 31.:
(in thousands) 2008 2007
Regulatory Assets:
Unrecognized Prior Service Cost $ 421 $ 435
Unrecognized Actuarial Loss 4114 4,841
Total Regulatory Assets 4,535 5276
Projected Benefit Obligation Liability — Net Amount Recognized (25,888) (25,158)
Accumulated Other Comprehensive Loss:
Unrecognized Prior Service Cost (166) (160)
Unrecognized Actuarial Loss (1,626) (1,772)
Total Accumulated Other Comprehensive L oss (1,792) (1,932)
Deferred Income Taxes (1,194) (1,288)
Cumulative Employer Contributions in Excess of Net Periodic Benefit Cost $(18,367) $(16,662)




The following tables provide areconciliation of the changesin the fair value of plan assets and the plan’s projected benefit obligations over the two-
year period ended December 31, 2008 and a statement of the funded status as of December 31 of both years:

(in thousands) 2008 2007
Reconciliation of Fair Vaue of Plan Assets:
Fair Value of Plan Assets at January 1 $ — $ —
Actual Return on Plan Assets — —
Employer Contributions 1,067 1,079
Benefit Payments (1,067) (1,079)
Fair Value of Plan Assets at December 31 $  — 3§ —
Reconciliation of Projected Benefit Obligation:
Projected Benefit Obligation at January 1 $ 25,158 $ 24,783
Service Cost 691 626
Interest Cost 1,535 1,451
Benefit Payments (1,067) (1,079)
Plan Amendments 63 —
Actuarial Gain (492) (623)
Projected Benefit Obligation at December 31 $ 25,888 $ 25,158
Reconciliation of Funded Status:
Funded Status at December 31 $(25,888) $(25,158)
Unrecognized Net Actuarial Loss 6,823 7,795
Unrecognized Prior Service Cost 698 701
Cumulative Employer Contributionsin Excess of Net Periodic Benefit Cost $(18,367) $(16,662)

Weighted-average assumptions used to determine benefit obligations at December 31.:

2008 2007
Discount Rate 6.70% 6.25%
Rate of Increasein Future Compensation Level 4.70% 4.70%

The estimated amounts of unrecognized net actuarial osses and prior service costs to be amortized from regulatory assets and accumulated other
comprehensive loss into the net periodic pension cost for the ESSRP in 2009 are:

(in thousands) 2009
Decrease in Regulatory Assets:
Amortization of Unrecognized Prior Service Cost $ 43
Amortization of Unrecognized Actuarial Loss 232
Decrease in Accumulated Other Comprehensive Loss:
Amortization of Unrecognized Prior Service Cost 28
Amortization of Unrecognized Actuarial Loss 153
Total Estimated Amortization $456

Cash flows—The ESSRP is unfunded and has no assets; contributions are equal to the benefits paid to plan participants. The following benefit
payments, which reflect future service, as appropriate, are expected to be paid:

Years
(in thousands) 2009 2010 2011 2012 2013 2014-2018

$1,114 $1,117 $1,228 $1,288 $1,274 $7,220




Other Postretirement Benefits

The Company provides a portion of health insurance and life insurance benefits for retired electric utility and corporate employees. Substantially all of
the Company’s electric utility and corporate employees may become eligible for health insurance benefits if they reach age 55 and have 10 years of
service. On adoption of SFAS No. 106, Employers’ Accounting for Postretirement Benefits Other Than Pensions, in January 1993, the Company
elected to recognize its transition obligation related to postretirement benefits earned of approximately $14,964,000 over a period of 20 years. There are
no plan assets.

Components of net periodic postretirement benefit cost:

(in thousands) 2008 2007 2006
Service Cost—Benefit Earned During the Period $ 1,103 $ 1,008 $ 1,319
Interest Cost on Projected Benefit Obligation 2,689 2,565 2,556
Amortization of Transition Obligation 748 748 748
Amortization of Prior-Service Cost 211 (206) (305)
Amortization of Net Actuarial Loss 26 177 556
Expense Decrease Due to Medicare Part D Subsidy (1,172) (1,233) (1,543)
Net Periodic Postretirement Benefit Cost $ 3,605 $ 3,149 $ 3,331

Weighted-average assumptions used to determine net periodic postretirement benefit cost for the year ended December 31.:

2008 2007 2006
Discount Rate 6.25% 6.00% 5.75%
The following table presents amounts recognized in the consolidated balance sheets as of December 31.:
(in thousands) 2008 2007
Regulatory Asset:
Unrecognized Transition Obligation $ 1454 $ 3,658
Unrecognized Prior Service Cost 1,567 1,781
Unrecognized Net Actuarial Gain (3,855) (4,915)
Net Regulatory (Liability) Asset (834) 524
Projected Benefit Obligation Liability — Net Amount Recognized (32,621) (30,488)
Accumulated Other Comprehensive L oss:
Unrecognized Transition Obligation (923) (50)
Unrecognized Prior Service Cost (26) (24)
Unrecognized Net Actuarial Gain 64 67
Accumulated Other Comprehensive L oss (885) (7)
Deferred Income Taxes (590) (5)
Cumulative Employer Contributions in Excess of Net Periodic Benefit Cost $(31,980) $(29,952)

The following tables provide areconciliation of the changesin the fair value of plan assets and the plan’s projected benefit obligations and accrued
postretirement benefit cost over the two-year period ended December 31, 2008:

(in thousands) 2008 2007
Reconciliation of Fair Value of Plan Assets:
Fair Value of Plan Assets at January 1 $ — $ —
Actual Return on Plan Assets — —
Company Contributions 1,577 1,459
Benefit Payments (Net of Medicare Part D Subsidy) (3,392 (3,127)
Participant Premium Payments 1,815 1,668
Fair Value of Plan Assets at December 31 $ — $ —
Reconciliation of Projected Benefit Obligation:
Projected Benefit Obligation at January 1 $ 30,488 $ 32,254
Service Cost (Net of Medicare Part D Subsidy) 902 890
Interest Cost (Net of Medicare Part D Subsidy) 1,874 1,776
Benefit Payments (Net of Medicare Part D Subsidy) (3,392 (3,127)
Participant Premium Payments 1,815 1,668
Actuarial Loss (Gain) 934 (2,973)
Projected Benefit Obligation at December 31 $ 32,621 $ 30,488
Reconciliation of Accrued Postretirement Cost:
Accrued Postretirement Cost at January 1 $(29,952) $(28,262)
Expense (3,605) (3,149)
Net Company Contribution 1,577 1,459

Accrued Postretirement Cost at December 31 $(31,980) $(29,952)







Weighted-average assumptions used to determine benefit obligations at December 31:

2008 2007
Discount Rate 6.70% 6.25%
Assumed healthcare cost-trend rates as of December 31:

2008 2007
Healthcare Cost-Trend Rate Assumed for Next Y ear Pre-65 7.40% 8.00%
Healthcare Cost-Trend Rate Assumed for Next Y ear Post-65 8.00% 9.00%
Rate at Which the Cost-Trend Rate is Assumed to Decline 5.00% 5.00%
Y ear the Rate Reaches the Ultimate Trend Rate 2017 2012

Assumed healthcare cost-trend rates have a significant effect on the amounts reported for healthcare plans. A one-percentage-point changein
assumed healthcare cost-trend rates for 2008 would have the following effects:

(in thousands) 1 point increase 1 point decrease

Effect on the Postretirement Benefit Obligation $3,052 $(2,644)

Effect on Total of Service and Interest Cost $ 362 $ (298)

Effect on Expense $ 492 $ (554)

Measurement dates: 2008 2007

Net Periodic Postretirement Benefit Cost January 1, 2008 January 1, 2007

End of Y ear Benefit Obligations January 1, 2008 projected to January 1, 2007 projected to
December 31, 2008 December 31, 2007

The estimated net amounts of unrecognized transition obligation and prior service costs to be amortized from regulatory assets and accumul ated
other comprehensive lossinto the net periodic postretirement benefit cost in 2009 are:

(in thousands) 2009
Decrease in Regulatory Assets:
Amortization of Transition Obligation $364
Amortization of Unrecognized Prior Service Cost 204
Amortization of Unrecognized Actuarial Gain (71)
Decrease in Accumulated Other Comprehensive Loss:
Amortization of Transition Obligation 384
Amortization of Unrecognized Prior Service Cost 6
Amortization of Unrecognized Actuarial Gain (2
Total Estimated Amortization $885

Cash flows—The Company expects to contribute $2.4 million net of expected employee contributions for the payment of retiree medical benefits and
Medicare Part D subsidy receiptsin 2009. The Company expectsto receive a Medicare Part D subsidy from the Federal government of approximately
$447,000 in 2009. The following benefit payments, which reflect expected future service, as appropriate, are expected to be paid:

Years
(in thousands) 2009 2010 2011 2012 2013 2014-2018
$2,371 $2,327 $2,468 $2,586 $2,696 $15,163

L everaged Employee Stock Ownership Plan

The Company has aleveraged employee stock ownership plan for the benefit of all its electric utility employees. Contributions made by the Company
were $738,000 for 2008, $733,000 for 2007 and $738,000 for 2006.




13. Fair Value of Financial Instruments

The following methods and assumptions were used to estimate the fair value of each class of financial instrumentsfor which it is practicable to

estimate that value:

Cash and Short-Term Investments—The carrying amount approximates fair value because of the short-term maturity of those instruments.

Long-Term Debt—The fair value of the Company’s long-term debt is estimated based on the current rates available to the Company for the issuance
of debt. About $10.4 million of the Company’s long-term debt, which is subject to variable interest rates, approximatesfair value.

December 31, 2008

December 31, 2007

Carrying Fair Carrying Fair
(in thousands) Amount Value Amount Value
Cash and Short-Term Investments $ 7,565 $ 7565 $ 39,824 $ 39,824
Long-Term Debt (339,726) (308,283) (342,694) (354,242)
14. Property, Plant and Equipment
December 31, December 31,
(in thousands) 2008 2007
Electric Plant
Production $ 590,252 $ 439,541
Transmission 201,456 191,949
Distribution 337,296 322,107
Genera 76,643 75,320
Electric Plant 1,205,647 1,028,917
L ess Accumulated Depreciation and Amortization 421,177 401,006
Electric Plant Net of Accumulated Depreciation 784,470 627,911
Construction Work in Progress 25,547 33,772
Net Electric Plant $ 810,017 $ 661,683
Nonelectric Operations Plant
Equipment $ 220,985 $ 181,743
Buildings and L easehold |mprovements 80,281 62,563
Land 19,766 13,284
Nonelectric Operations Plant 321,032 257,590
L ess Accumulated Depreciation and Amortization 126,893 105,738
Nonelectric Plant Net of Accumulated Depreciation 194,139 151,852
Construction Work in Progress 33,413 40,489
Net Nonelectric Operations Plant $ 227,552 $ 192,341
Net Plant $1,037,569 $ 854,024

The estimated service lives for rate-regulated propertiesis 5 to 65 years. For nonelectric property the estimated useful lives are from 3 to 40 years.

Service Life Range

(years) Low High
Electric Fixed Assets:
Production Plant 34 62
Transmission Plant 40 55
Distribution Plant 15 55
Genera Plant 5 65
Nonelectric Fixed Assets:
Equipment 3 12
Buildings and L easehold Improvements 7 40




15. Income Taxes

The total income tax expense differs from the amount computed by applying the federal income tax rate (35% in 2008, 2007 and 2006) to net income

before total income tax expense for the following reasons:

(in thousands) 2008 2007 2006
Tax Computed at Federal Statutory Rate $ 17,556 $28,675 $27,232
Increases (Decreases) in Tax from:
State Income Taxes Net of Federal Income Tax Benefit 2,806 2,945 2,261
Differences Reversing in Excess of Federal Rates 1,089 929 1,271
Federal Production Tax Credit (3,234) 3) —
Investment Tax Credit Amortization (1,225) (1,237) (1,246)
Dividend Received/Paid Deduction (718) (714) (718)
North Dakota Wind Tax Credit Amortization (567) (32) —
Affordable Housing Tax Credits (55) (285) (839)
Section 199 Domestic Production Activities Deduction — (1,159) (524)
Permanent and Other Differences (715) (1,251) (431)
Total Income Tax Expense $ 15,037 $27,968 $27,106
Income Tax Expense—Discontinued Operations $ — $ — $ 252
Overall Effective Federal and State Income Tax Rate 30.0% 34.1% 34.9%
Income Tax Expense Includes the Following:
Current Federal Income Taxes $(19,813) $23,210 $26,276
Current State Income Taxes (1,115) 2,371 4,232
Deferred Federal Income Taxes 39,051 2,832 (937)
Deferred State Income Taxes 5,280 2,116 (189)
Foreign Income Taxes (3,385) (1,204) (291)
Federal Production Tax Credit (3,234) 3) —
Investment Tax Credit Amortization (1,225) (1,237) (1,246)
North Dakota Wind Tax Credit Amortization (567) (32) —
Affordable Housing Tax Credits (55) (285) (839)
Total $ 15,037 $27,968 $27,106
The Company’s deferred tax assets and liabilities were composed of the following on December 31:
(in thousands) 2008 2007
Deferred Tax Assets
Related to North Dakota Wind Tax Credits $ 35,902 $ 12,999
Benefit Liabilities 32,932 30,789
Cost of Removal 22,920 22,537
Differences Related to Property 10,300 8,703
SFAS No. 158 Liabilities 9,650 10,504
Net Operating Loss Carryforward 6,379 1,815
Amortization of Tax Credits 4,946 4,505
Vacation Accrual 3,003 2,926
Unearned Revenue 1,829 1,733
Other 3,790 2,248
Total Deferred Tax Assets $ 131,651 $ 98,759
Deferred Tax Liabilities
Differences Related to Property $(212,419) $(166,445)
Related to North Dakota Wind Tax Credits (10,074) (4,340)
SFAS No. 158 Regulatory Asset (9,650) (10,504)
Transfer to Regulatory Asset (7,093) (8,732)
Excess Tax over Book Pension (2,599) (2,953)
Other (4,516) (4,398)
Total Deferred Tax Liabilities $(246,351) $(197,372)
Deferred Income Taxes $(114,700) $ (98,613)




On January 1, 2007 the Company adopted the provisions of FIN No. 48. The cumulative effect of adoption of FIN No. 48, which is reported as an
adjustment to the beginning balance of retained earnings, was $118,000. As of the date of adoption, the total amount of unrecognized tax benefits for
uncertain tax positions was $1,874,000. The amount of unrecognized tax benefitsthat, if recognized, would impact the effective tax rate was $575,000 as
of January 1, 2007.

The following table summarizes the activity related to our unrecognized tax benefits:

(in thousands) Total
Balance at January 1, 2008 $ 506
Increases Related to Current Y ear Tax Positions —
Expiration of the Statute of Limitations for the Assessment of Taxes (222)
Balance at December 31, 2008 $ 284

The balance of unrecognized tax benefits as of December 31, 2008 would reduce our effective tax rate if recognized. The total amount of unrecognized
tax benefits as of December 31, 2008 is not expected to change significantly within the next 12 months. The Company and its subsidiariesfilea
consolidated U.S. federal income tax return and various state and foreign income tax returns. As of December 31, 2008 the Company is no longer
subject to U.S. federal income tax examinations by tax authorities for years before 2005. As of December 31, 2008 the Company’s earliest open tax year
in which an audit can beinitiated by state taxing authorities in the Company’s major operating jurisdictions is 2004 for Minnesota and 2005 for North
Dakota. The Company classifiesinterest and penalties on tax uncertainties as components of the provision for income taxes. Amounts accrued for
interest and penalties on tax uncertainties as of December 31, 2008 were not material.

16. Asset Retirement Obligations (AROS)

The Company’s AROs are related to coal-fired generation plants, 27 wind turbines located near Langdon, North Dakota and 32 wind turbines at the
Ashtabula Wind Energy Center in North Dakota and include site restoration, closure of ash pits, and removal of storage tanks, structures, generators
and asbestos. The Company haslegal obligations associated with the retirement of avariety of other long-lived tangible assets used in electric
operations where the estimated settlement costs are individually and collectively immaterial. The Company has no assets legally restricted for the
settlement of any of its AROs.

During 2008, the electric utility recorded new obligations related to the removal of 32 wind turbines located at the Ashtabula Wind Energy Center in
Barnes County, North Dakota and restoration of the tower sites and made revisions to previously recorded obligations related to site restoration,
closure of ash pits, and removal of storage tanks, structures, generators and ashestos at its coal-fired generation plants.

The measurements used to determine the fair values of electric utility’s AROsfall into level 3, of the fair value hierarchy set forth in SFAS No. 157,
Fair Value Measurements. The electric utility determined the fair value of its future obligations related to the removal of 32 wind turbineslocated at
the Ashtabula Wind Energy Center by engaging an outside engineering firm with expertise in demolition and removal to provide an estimate of the
current costs to remove these assets, then projected the costs forward to 2033 using an inflation rate of 3.1% per year and discounted this amount
back to its present value using a credit adjusted risk free rate of 9.0%.

During 2007, the Company recorded new obligations related to the removal of 27 wind turbines |ocated near Langdon, North Dakota and restoration of
the tower sites but did not make any revisionsto previously recorded obligations.




Reconciliations of carrying amounts of the present value of the Company’slegal AROs, capitalized asset retirement costs and related accumul ated
depreciation and a summary of settlement activity for the years ended December 31, 2008 and 2007 are presented in the following table:

(in thousands) 2008 2007

Asset Retirement Obligations

Beginning Balance $2,447 $1,335
New Obligations Recognized 317 1,024
Adjustments Due to Revisionsin Cash Flow Estimates 407 —
Accrued Accretion 127 88
Settlements — —

Ending Balance $3,298 $2,447

Asset Retirement Costs Capitalized

Beginning Balance $1,309 $ 285
New Obligations Recognized 317 1,024
Adjustments Due to Revisionsin Cash Flow Estimates (565) —
Settlements — —

Ending Balance $1,061 $1,309

Accumulated Depreciation — Asset Retirement Costs Capitalized
Beginning Balance $ 185 $ 178
New Obligations Recognized —
Adjustments Due to Revisionsin Cash Flow Estimates (34) —
Accrued Depreciation 28 7
Settlements — —

Ending Balance $ 179 $ 185

Settlements
Original Capitalized Asset Retirement Cost — Retired $ — $ —
Accumulated Depreciation — —

Asset Retirement Obligation $ — $ —
Settlement Cost — —

Gain on Settlement — Deferred Under Regulatory Accounting $ — $ —

17. Quarterly Information (not audited)

Because of changesin the number of common shares outstanding and the impact of diluted shares, the sum of the quarterly earnings per common
share may not equal total earnings per common share.

Three Months Ended March 31 June 30 September 30 December 31
(in thousands, except per share data) 2008 2007 2008 2007 2008 2007 2008 2007
Operating Revenues $300,237 $301,121 $323,600 $305,844 $352,919 $302,235 $334,441 $329,687
Operating Income 17,097 20,774 10,303 30,271 19,746 25,547 25,846 24,182
Net Income 8,230 10,408 3,517 16,103 9,631 13,332 13,747 14,118
Earnings Available for Common

Shares 8,046 10,224 3,333 15,919 9,447 13,148 13,563 13,934
Basic Earnings Per Share $ 27 $ 35 $ 1 $ 54 $ 31 $ 44 $ 38 $ 47
Diluted Earnings Per Share $ 27 $ 34 $ 1 $ 53 $ A $ M4 $ .38 $ 46
Dividends Paid Per Common

Share $ .2975 $ .2925 $ 2975 $ .2925 $ 2975 $ .2925 $ .2975 $ .2925
Price Range:

High 35.68 35.00 40.98 37.06 46.15 39.39 30.84 37.88

Low 31.28 31.06 34.93 30.22 29.71 28.96 14.99 32.82

Average Number of
Common Shares
Outstanding—Basic 29,816 29,503 29,993 29,686 30,514 29,746 35,311 29,790
Average Number of
Common Shares
Outstanding—Diluted 30,062 29,757 30,300 29,941 30,817 29,996 35,516 30,090




Otter Tail Corporation Stock Listing

Otter Tail Corporation common stock trades on The NASDAQ Global Select Market.
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Company

Otter Tail Energy Services Company, Inc.

Overland Mechanical Services, Inc.
Green Hills Energy, LLC

Sheridan Ridgel, LLC

Sheridan Ridge I, LLC

Otter Tail Assurance Limited
Varistar Corporation

Northern Pipe Products, Inc.
Vinyltech Corporation

T.O. Plastics, Inc.

St. George Steel Fabrication, Inc.*
DMI Industries, Inc.

DMI Canada, Inc.

BTD Manufacturing, Inc.

Miller Welding & Iron Works, Inc.
ShoreMaster, Inc.

GalvaFoam Marine Industries, Inc.
Shoreline Industries, Inc.

Aviva Sports, Inc.

ShoreMaster Costa Rica, Limitada
DMS Health Technologies, Inc.
DMS Imaging, Inc.

DMS Imaging Partners, LLC*
DMS Imaging Partners |1, LLC*
DMS L easing Corporation*

Midwest Construction Services, Inc.

Aeria Contractors, Inc.

Moorhead Electric, Inc.

Lynk3 Technologies, Inc

Ventus Energy Systems, Inc.

Foley Company

Chassis Liner Corporation*

E. W. Wylie Corporation

Idaho Pacific Holdings, Inc.

| daho-Pacific Corporation

I daho-Pacific Colorado Corporation
AWI Acquisition Company Limited
AgraWest Investments Limited

* Inactive
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OTTER TAIL CORPORATION

Subsidiaries of the Registrant
February 27, 2009

State of Organization

Minnesota
Minnesota
Minnesota
Minnesota
Minnesota

Cayman Islands

Minnesota
North Dakota
Arizona
Minnesota
Utah

North Dakota

Ontario, Canada

Minnesota
Minnesota
Minnesota
Missouri
Minnesota
Minnesota
CostaRica
North Dakota
North Dakota
Delaware
Delaware
North Dakota
Minnesota
North Dakota
Minnesota
Minnesota
Minnesota
Missouri
Minnesota
North Dakota
Delaware
Idaho
Delaware

Prince Edward Island, Canada
Prince Edward Island, Canada

Exhibit 21-A



EXHIBIT 23-A

CONSENT OF INDEPENDENT REGISTERED PUBLIC ACCOUNTING FIRM

We consent to the incorporation by reference in Registration Statement Nos. 333-155747 on Form S-3 and 333-25261, 333-73041, 333-73075 and 333-
136841 on Form S-8 of our report dated February 25, 2009 relating to the consolidated financial statements of Otter Tail Corporation and its
subsidiaries (the “Company”) and management’s report on the effectiveness of internal control over financial reporting appearing in the 2008 Annual
Report to Shareholders of the Company and incorporated by referencein this Annual Report on Form 10-K of the Company for the year ended
December 31, 2008.

/s Deloitte & ToucheLLP

Minneapolis, Minnesota
February 27, 2009
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Exhibit 24-A

POWER OF ATTORNEY

I, KEVIN G. MOUG, do hereby constitute and appoint JOHN D. ERICKSON and GEORGE A. KOECK, or any one of them, my Attorney-in-Fact for
the purpose of signing, in my name and on my behalf as Chief Financial Officer of Otter Tail Corporation, the Annual Report of Otter Tail Corporation
on Form 10-K for itsfiscal year ended December 31, 2008, and any and all amendmentsto said Annual Report, and to deliver on my behalf said Annual
Report and any and all amendments thereto, as each thereof is so signed, for filing with the Securities and Exchange Commission pursuant to the
Securities Exchange Act of 1934, as amended.

Date: February 3, 2009

/s Kevin G. Moug
Kevin G. Moug

In Presence of

/s/ Jackie Rogness

/s Dawn Doyel




POWER OF ATTORNEY

I, John MacFarlane, do hereby constitute and appoint JOHN D. ERICKSON and GEORGE A. KOECK, or any one of them, my Attorney-in-Fact for
the purpose of signing, in my name and on my behalf as Director of Otter Tail Corporation, the Annual Report of Otter Tail Corporation on Form 10-K
for itsfiscal year ended December 31, 2008, and any and all amendmentsto said Annual Report, and to deliver on my behalf said Annual Report and
any and all amendments thereto, as each thereof is so signed, for filing with the Securities and Exchange Commission pursuant to the Securities
Exchange Act of 1934, as amended.

Date: February 3, 2009

/s/ John MacFarlane
John MacFarlane

In Presence of:

/s/ ArvidR. Liebe

/s/ Nathan Partain




POWER OF ATTORNEY

I, Karen Bohn, do hereby constitute and appoint JOHN D. ERICKSON and GEORGE A. KOECK, or any one of them, my Attorney-in-Fact for the
purpose of signing, in my name and on my behalf as Director of Otter Tail Corporation, the Annual Report of Otter Tail Corporation on Form 10-K for
itsfiscal year ended December 31, 2008, and any and all amendmentsto said Annual Report, and to deliver on my behalf said Annual Report and any
and all amendments thereto, as each thereof is so signed, for filing with the Securities and Exchange Commission pursuant to the Securities Exchange

Act of 1934, as amended.

Date: February 3, 2009

/sl Karen Bohn
Karen Bohn

In Presence of:

/s/ John D. Erickson

/s Lauris N. Molbert




POWER OF ATTORNEY

I, Arvid Liebe, do hereby constitute and appoint JOHN D. ERICKSON and GEORGE A. KOECK, or any one of them, my Attorney-in-Fact for the
purpose of signing, in my name and on my behalf as Director of Otter Tail Corporation, the Annual Report of Otter Tail Corporation on Form 10-K for
itsfiscal year ended December 31, 2008, and any and all amendmentsto said Annual Report, and to deliver on my behalf said Annual Report and any
and all amendments thereto, as each thereof is so signed, for filing with the Securities and Exchange Commission pursuant to the Securities Exchange

Act of 1934, as amended.

Date: February 3, 2009

/sl Arvid Liebe
Arvid Liebe

In Presence of:

/9 Michelle Kommer

/sl George A. Koeck




POWER OF ATTORNEY

I, Edward J. MclIntyre, do hereby constitute and appoint JOHN D. ERICKSON and GEORGE A. KOECK, or any one of them, my Attorney-in-Fact
for the purpose of signing, in my name and on my behalf as Director of Otter Tail Corporation, the Annual Report of Otter Tail Corporation on Form
10-K for itsfiscal year ended December 31, 2008, and any and all amendmentsto said Annual Report, and to deliver on my behalf said Annual Report

and any and all amendments thereto, as each thereof is so signed, for filing with the Securities and Exchange Commission pursuant to the Securities
Exchange Act of 1934, as amended.

Date: February 3, 2009

/s/ Edward J. MclIntyre
Edward J. MclIntyre

In Presence of:

/5/ James B. Stake

/sl Gary Spies




POWER OF ATTORNEY

I, Joyce Nelson Schuette, do hereby constitute and appoint JOHN D. ERICKSON and GEORGE A. KOECK, or any one of them, my Attorney-in-
Fact for the purpose of signing, in my name and on my behalf as Director of Otter Tail Corporation, the Annual Report of Otter Tail Corporation on
Form 10-K for itsfiscal year ended December 31, 2008, and any and all amendments to said Annual Report, and to deliver on my behalf said Annual
Report and any and all amendments thereto, as each thereof is so signed, for filing with the Securities and Exchange Commission pursuant to the
Securities Exchange Act of 1934, as amended.

Date: February 3, 2009

/sl Joyce Nelson Schuette
Joyce Nelson Schuette

In Presence of:

/s/ Nathan Partain

/sl Kevin Moug




POWER OF ATTORNEY

I, Nathan Partain, do hereby constitute and appoint JOHN D. ERICKSON and GEORGE A. KOECK, or any one of them, my Attorney-in-Fact for the
purpose of signing, in my name and on my behalf as Director of Otter Tail Corporation, the Annual Report of Otter Tail Corporation on Form 10-K for
itsfiscal year ended December 31, 2008, and any and all amendmentsto said Annual Report, and to deliver on my behalf said Annual Report and any
and all amendments thereto, as each thereof is so signed, for filing with the Securities and Exchange Commission pursuant to the Securities Exchange

Act of 1934, as amended.

Date: February 3, 2009

/s/ Nathan Partain
Nathan Partain

In Presence of:

/s/ John MacFarlane

/s ArvidR. Liebe




POWER OF ATTORNEY

I, Gary Spies, do hereby constitute and appoint JOHN D. ERICK SON and GEORGE A. KOECK, or any one of them, my Attorney-in-Fact for the
purpose of signing, in my name and on my behalf as Director of Otter Tail Corporation, the Annual Report of Otter Tail Corporation on Form 10-K for
itsfiscal year ended December 31, 2008, and any and all amendmentsto said Annual Report, and to deliver on my behalf said Annual Report and any
and all amendments thereto, as each thereof is so signed, for filing with the Securities and Exchange Commission pursuant to the Securities Exchange

Act of 1934, as amended.

Date: February 3, 2009

/sl Gary Spies
Gary Spies

In Presence of:

/9 Michelle Kommer

/s/ Edward James Mclntyre




POWER OF ATTORNEY

I, James Stake, do hereby constitute and appoint JOHN D. ERICKSON and GEORGE A. KOECK, or any one of them, my Attorney-in-Fact for the
purpose of signing, in my name and on my behalf as Director of Otter Tail Corporation, the Annual Report of Otter Tail Corporation on Form 10-K for
itsfiscal year ended December 31, 2008, and any and all amendmentsto said Annual Report, and to deliver on my behalf said Annual Report and any
and all amendments thereto, as each thereof is so signed, for filing with the Securities and Exchange Commission pursuant to the Securities Exchange
Act of 1934, as amended.

Date: February 3, 2009

/9 James Stake
James Stake

In Presence of:

/s/ Edward James Mclntyre

s/ Gary Spies

(Back To Top)
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Exhibit 31.1

CERTIFICATION PURSUANT TO
SECTION 302 OF THE SARBANES-OXLEY ACT OF 2002

I, John D. Erickson, certify that:
1. | havereviewed this Annual Report on Form 10-K of Otter Tail Corporation;

2. Based on my knowledge, this report does not contain any untrue statement of amaterial fact or omit to state amaterial fact necessary to make the
statements made, in light of the circumstances under which such statements were made, not misleading with respect to the period covered by this
report;

3. Based on my knowledge, the financial statements, and other financial information included in this report, fairly present in all material respects the
financial condition, results of operations and cash flows of the registrant as of, and for, the periods presented in this report;

4. Theregistrant’s other certifying officer and | are responsible for establishing and maintaining disclosure controls and procedures (as defined in
Exchange Act Rules 13a-15(e) and 15d-15(€)) and internal control over financial reporting (as defined in Exchange Act Rules 13a-15(f) and 15d-15(f))
for the registrant and have:

(a) designed such disclosure controls and procedures, or caused such disclosure controls and procedures to be designed under our
supervision, to ensure that material information relating to the registrant, including its consolidated subsidiaries, is made known to us by others
within those entities, particularly during the period in which this report is being prepared;

(b) designed such internal control over financial reporting, or caused such internal control over financial reporting to be designed under our
supervision, to provide reasonabl e assurance regarding the reliability of financial reporting and the preparation of financial statementsfor external
purposes in accordance with generally accepted accounting principles;

(c) evaluated the effectiveness of the registrant’s disclosure controls and procedures and presented in this report our conclusions about the
effectiveness of the disclosure controls and procedures, as of the end of the period covered by this report based on such evaluation; and

(d) disclosed in this report any change in the registrant’s internal control over financial reporting that occurred during the registrant’s most
recent fiscal quarter (the registrant’s fourth fiscal quarter in the case of an annual report) that has materially affected, or isreasonably likely to



materially affect, the registrant’sinternal control over financial reporting; and

5. Theregistrant’s other certifying officer and | have disclosed, based on our most recent evaluation of internal control over financial reporting, to
the registrant’s auditors and the audit committee of the registrant’s board of directors (or persons performing the equivalent functions):

(a) all significant deficiencies and material weaknesses in the design or operation of internal control over financial reporting which are
reasonably likely to adversely affect the registrant’s ability to record, process, summarize and report financial information; and

(b) any fraud, whether or not material, that invol ves management or other employees who have a significant role in the registrant’ sinternal
control over financial reporting.

Date: February 27, 2009

/s/ John D. Erickson
John D. Erickson
President and Chief Executive Officer

(Back To Top)

Section 7: EX-31.2 (EX-31.2)

Exhibit 31.2

CERTIFICATION PURSUANT TO
SECTION 302 OF THE SARBANES-OXLEY ACT OF 2002

I, Kevin G. Moug, certify that:
1. | havereviewed this Annual Report on Form 10-K of Otter Tail Corporation;

2. Based on my knowledge, this report does not contain any untrue statement of a material fact or omit to state a material fact necessary to make the
statements made, in light of the circumstances under which such statements were made, not misleading with respect to the period covered by this
report;

3. Based on my knowledge, the financial statements, and other financial information included in thisreport, fairly present in all material respectsthe
financial condition, results of operations and cash flows of the registrant as of, and for, the periods presented in this report;

4. Theregistrant’s other certifying officer and | are responsible for establishing and maintaining disclosure controls and procedures (as defined in
Exchange Act Rules 13a-15(€e) and 15d-15(e)) and internal control over financial reporting (as defined in Exchange Act Rules 13a-15(f) and 15d-15(f))
for the registrant and have:

(a) designed such disclosure controls and procedures, or caused such disclosure controls and procedures to be designed under our
supervision, to ensure that material information relating to the registrant, including its consolidated subsidiaries, is made known to us by others
within those entities, particularly during the period in which thisreport is being prepared;

(b) designed such internal control over financial reporting, or caused such internal control over financial reporting to be designed under our
supervision, to provide reasonabl e assurance regarding the reliability of financial reporting and the preparation of financial statementsfor external
purposes in accordance with generally accepted accounting principles;

(c) evaluated the effectiveness of the registrant’s disclosure controls and procedures and presented in this report our conclusions about the
effectiveness of the disclosure controls and procedures, as of the end of the period covered by this report based on such eval uation; and

(d) disclosed in this report any change in the registrant’sinternal control over financial reporting that occurred during the registrant’s most
recent fiscal quarter (the registrant’s fourth fiscal quarter in the case of an annual report) that has materially affected, or isreasonably likely to
materially affect, the registrant’sinternal control over financial reporting; and

5. Theregistrant’s other certifying officer and | have disclosed, based on our most recent evaluation of internal control over financial reporting, to
the registrant’s auditors and the audit committee of the registrant’s board of directors (or persons performing the equivalent functions):

(a) all significant deficiencies and material weaknesses in the design or operation of internal control over financial reporting which are
reasonably likely to adversely affect the registrant’s ability to record, process, summarize and report financial information; and

(b) any fraud, whether or not material, that involves management or other employees who have a significant role in the registrant’ sinternal
control over financial reporting.

Date: February 27, 2009

/s Kevin G. Moug
Kevin G. Moug
Chief Financia Officer
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Exhibit 32.1

CERTIFICATION PURSUANT TO
SECTION 906 OF THE SARBANES-OXLEY ACT OF 2002

In connection with the Annual Report of Otter Tail Corporation (the “Company”) on Form 10-K for the period ended December 31, 2008 asfiled
with the Securities and Exchange Commission on the date hereof (the “Report™), I, John D. Erickson, President and Chief Executive Officer of the
Company, certify, pursuant to 18 U.S.C. Section 1350, as adopted pursuant to Section 906 of the Sarbanes-Oxley Act of 2002, that:

1.  TheReport fully complieswith the requirements of Section 13(a) or 15(d) of the Securities Exchange Act of 1934; and

2. Theinformation contained in the Report fairly presents, in all material respects, the financial condition and results of operations of the

Company.

/s/ John D. Erickson

John D. Erickson

President and Chief Executive Officer
February 27, 2009
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Section 9: EX-32.2 (EX-32.2)

Exhibit 32.2

CERTIFICATION PURSUANT TO
SECTION 906 OF THE SARBANES-OXLEY ACT OF 2002

In connection with the Annual Report of Otter Tail Corporation (the “ Company”) on Form 10-K for the period ended December 31, 2008 asfiled
with the Securities and Exchange Commission on the date hereof (the “Report”), I, Kevin G. Moug, Chief Financial Officer and Treasurer of the
Company, certify, pursuant to 18 U.S.C. Section 1350, as adopted pursuant to Section 906 of the Sarbanes-Oxley Act of 2002, that:

1.  TheReport fully complieswith the requirements of Section 13(a) or 15(d) of the Securities Exchange Act of 1934; and

2. Theinformation contained in the Report fairly presents, in all material respects, the financial condition and results of operations of the

Company.

/s Kevin G. Moug
Kevin G. Moug

Chief Financial Officer
February 27, 2009
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